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A.  I n t rod u ct ion  

1. Title:   Event Reporting   
 
2. Number:   EOP-004-2 
 
3. Purpose:  To improve the reliability of the Bulk Electric System by requiring the reporting 

of events by Responsible Entities. 
 
4. Applicability: 

4.1. Functional Entities:  For the purpose of the Requirements and the EOP-004 
Attachment 1 contained herein, the following functional entities will be collectively 
referred to as “Responsible Entity.” 

4.1.1. Reliability Coordinator 

4.1.2. Balancing Authority 

4.1.3. Transmission Owner 

4.1.4. Transmission Operator 

4.1.5. Generator Owner 

4.1.6. Generator Operator 

4.1.7. Distribution Provider 

 
5.   Effective Dates: 
 

The first day of the first calendar quarter that is six months beyond the date that this 
standard is approved by applicable regulatory authorities.  In those jurisdictions where 
regulatory approval is not required, the standard shall become effective on the first day of 
the first calendar quarter that is six months beyond the date this standard is approved by 
the NERC Board of Trustees, or as otherwise made effective pursuant to the laws applicable 
to such ERO governmental authorities. 

 

6.   Background: 

NERC established a SAR Team in 2009 to investigate and propose revisions to the CIP-001 
and EOP-004 Reliability Standards.  The team was asked to consider the following:   

 
1. CIP-001 could be merged with EOP-004 to eliminate redundancies.  
2. Acts of sabotage have to be reported to the DOE as part of EOP-004.  
3. Specific references to the DOE form need to be eliminated. 
4. EOP-004 had some ‘fill-in-the-blank’ components to eliminate. 
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The development included other improvements to the standards deemed appropriate by 
the drafting team, with the consensus of stakeholders, consistent with establishing high 
quality, enforceable and technically sufficient Bulk Electric System reliability standards. 
 
The SAR for Project 2009-01, Disturbance and Sabotage Reporting was moved forward for 
standard drafting by the NERC Standards Committee in August of 2009.  The Disturbance 
and Sabotage Reporting Standard Drafting Team (DSR SDT) was formed in late 2009.   

 
The DSR SDT developed a concept paper to solicit stakeholder input regarding the proposed 
reporting concepts that the DSR SDT had developed.  The posting of the concept paper 
sought comments from stakeholders on the “road map” that will be used by the DSR SDT in 
updating or revising CIP-001 and EOP-004.  The concept paper provided stakeholders the 
background information and thought process of the DSR SDT. The DSR SDT has reviewed 
the existing standards, the SAR, issues from the NERC issues database and FERC Order 693 
Directives in order to determine a prudent course of action with respect to revision of these 
standards.   

 
 
B.  Requirements and Measures 

R1. Each Responsible Entity shall have an event reporting Operating Plan in accordance with 
EOP-004-2 Attachment 1 that includes the protocol(s) for reporting to the Electric 
Reliability Organization and other organizations (e.g., the Regional Entity, company 
personnel, the Responsible Entity’s Reliability Coordinator, law enforcement, or 
governmental authority).  [Violation Risk Factor: Lower] [Time Horizon:  Operations 
Planning] 

   
M1. Each Responsible Entity will have a dated event reporting Operating Plan that includes, 

but is not limited to the protocol(s) and each organization identified to receive an event 
report for event types specified in EOP-004-2 Attachment 1 and in accordance with the 
entity responsible for reporting. 

  
R2.  Each Responsible Entity shall report events per their Operating Plan within 24 hours of 

recognition of meeting an event type threshold for reporting or by the end of the next 
business day if the event occurs on a weekend (which is recognized to be 4 PM local time 
on Friday to 8 AM Monday local time).  [Violation Risk Factor:  Medium] [Time Horizon:  
Operations Assessment]   
 

M2.  Each Responsible Entity will have as evidence of reporting an event, copy of the 
completed EOP-004-2 Attachment 2 form or a DOE-OE-417 form; and evidence of 
submittal (e.g., operator log or other operating documentation, voice recording, 
electronic mail message, or confirmation of facsimile) demonstrating the event report was 
submitted within 24 hours of recognition of meeting the threshold for reporting or by the 
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end of the next business day if the event occurs on a weekend (which is recognized to be 
4 PM local time on Friday to 8 AM Monday local time).  (R2) 

 
R3.  Each Responsible Entity shall validate all contact information contained in the Operating 

Plan pursuant to Requirement R1 each calendar year.  [Violation Risk Factor:  Medium] 
[Time Horizon:  Operations Planning] 
 

M3.  Each Responsible Entity will have dated records to show that it validated all contact 
information contained in the Operating Plan each calendar year.  Such evidence may 
include, but are not limited to, dated voice recordings and operating logs or other 
communication documentation.  (R3) 

 
 
C.  Compliance 

1. Compliance Monitoring Process 

1.1 Compliance Enforcement Authority 
The Regional Entity shall serve as the Compliance Enforcement Authority (CEA) 
unless the applicable entity is owned, operated, or controlled by the Regional 
Entity. In such cases the ERO or a Regional Entity approved by FERC or other 
applicable governmental authority shall serve as the CEA. 

1.2 Evidence Retention 
The Responsible Entity shall keep data or evidence to show compliance as 
identified below unless directed by its Compliance Enforcement Authority to 
retain specific evidence for a longer period of time as part of an investigation: 

The following evidence retention periods identify the period of time an entity is 
required to retain specific evidence to demonstrate compliance.  For instances 
where the evidence retention period specified below is shorter than the time 
since the last audit, the Compliance Enforcement Authority may ask an entity to 
provide other evidence to show that it was compliant for the full time period 
since the last audit.  

• Each Responsible Entity shall retain the current Operating Plan plus each 
version issued since the last audit for Requirements R1, and Measure M1. 

• Each Responsible Entity shall retain evidence of compliance since the last 
audit for Requirements R2, R3 and Measure M2, M3. 

If a Responsible Entity is found non-compliant, it shall keep information related 
to the non-compliance until mitigation is complete and approved or for the 
duration specified above, whichever is longer. 

The Compliance Enforcement Authority shall keep the last audit records and all 
requested and submitted subsequent audit records.  
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1.3 Compliance Monitoring and Enforcement Processes: 

Compliance Audit 

Self-Certification 

Spot Checking 

Compliance Investigation 

Self-Reporting 

Complaint 

1.4 Additional Compliance Information 

None
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Table of Compliance Elements 
 

R # Time 
Horizon 

VRF Violation Severity Levels 

Lower VSL Moderate VSL High VSL Severe VSL 

R1 Operations 
Planning 

Lower  The Responsible Entity 
had an Operating Plan, 
but failed to include 
one applicable event 
type.  

The Responsible Entity 
had an Operating Plan, 
but failed to include 
two applicable event 
types.   

The Responsible Entity 
had an Operating Plan, 
but failed to include 
three applicable event 
types.   

The Responsible Entity 
had an Operating Plan, 
but failed to include 
four or more 
applicable event types.  

OR 

The Responsible Entity 
failed to have an event 
reporting Operating 
Plan. 
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R # Time 
Horizon 

VRF Violation Severity Levels 

Lower VSL Moderate VSL High VSL Severe VSL 

R2 Operations 
Assessment 

Medium   The Responsible Entity 
submitted an event 
report (e.g., written or 
verbal) to all required 
recipients more than 
24 hours but less than 
or equal to 36 hours 
after meeting an event 
threshold for 
reporting.    

OR 

The Responsible Entity 
failed to submit an 
event report (e.g., 
written or verbal) to 
one entity identified in 
its event reporting 
Operating Plan within 
24 hours. 

The Responsible Entity 
submitted an event 
report (e.g., written or 
verbal) to all required 
recipients more than 
36 hours but less than 
or equal to 48 hours 
after meeting an event 
threshold for 
reporting.   

OR 

The Responsible Entity 
failed to submit an 
event report (e.g., 
written or verbal) to 
two entities identified 
in its event reporting 
Operating Plan within 
24 hours. 

The Responsible Entity 
submitted an event 
report (e.g., written or 
verbal) to all required 
recipients more than 
48 hours but less than 
or equal to 60 hours 
after meeting an event 
threshold for 
reporting.   

OR 

The Responsible Entity 
failed to submit an 
event report (e.g., 
written or verbal) to 
three entities 
identified in its event 
reporting Operating 
Plan within 24 hours. 

The Responsible Entity 
submitted an event 
report (e.g., written or 
verbal) to all required 
recipients more than 
60 hours after meeting 
an event threshold for 
reporting.   

OR 

The Responsible Entity 
failed to submit an 
event report (e.g., 
written or verbal) to 
four or more entities 
identified in its event 
reporting Operating 
Plan within 24 hours. 

OR  

The Responsible Entity 
failed to submit a 
report for an event in 
EOP-004 Attachment 
1. 
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R # Time 
Horizon 

VRF Violation Severity Levels 

Lower VSL Moderate VSL High VSL Severe VSL 

R3 Operations 
Planning 

Medium The Responsible Entity 
validated all contact 
information contained 
in the Operating Plan 
but was late by less 
than one calendar 
month. 

OR 

The Responsible Entity 
validated 75% but less 
than 100% of the 
contact information 
contained in the 
Operating Plan.   

The Responsible Entity 
validated all contact 
information contained 
in the Operating Plan 
but was late by one 
calendar month or 
more but less than 
two calendar months.   

OR 

The Responsible Entity 
validated 50% and less 
than 75% of the 
contact information 
contained in the 
Operating Plan. 

The Responsible Entity 
validated all contact 
information contained 
in the Operating Plan 
but was late by two 
calendar months or 
more but less than 
three calendar 
months.  

OR 

The Responsible Entity 
validated 25% and less 
than 50% of the 
contact information 
contained in the 
Operating Plan.   

The Responsible Entity 
validated all contact 
information contained 
in the Operating Plan 
but was late by three 
calendar months or 
more. 

OR  

The Responsible Entity 
validated less than 
25% of contact 
information contained 
in the Operating Plan.     

D. Variances 
None. 

 
E. Interpretations 

None. 
 

F. References 
Guideline and Technical Basis (attached)
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EOP-004 - Attachment 1:  Reportable Events 
 
NOTE:  Under certain adverse conditions (e.g. severe weather, multiple events) it may not be possible to report the damage caused 
by an event and issue a written Event Report within the timing in the standard.  In such cases, the affected Responsible Entity shall 
notify parties per Requirement R2 and provide as much information as is available at the time of the notification.  Submit reports to 
the ERO via one of the following:  e-mail:  systemawareness@nerc.net, Facsimile 404-446-9770 or Voice:  404-446-9780. 
 
Submit EOP-004 Attachment 2 (or DOE-OE-417) pursuant to Requirements R1 and R2. 
 

Event Type Entity with Reporting 
Responsibility 

Threshold for Reporting 

Damage or destruction of 
a Facility 

RC, BA, TOP Damage or destruction of a Facility within its Reliability 
Coordinator Area, Balancing Authority Area or Transmission 
Operator Area that results in actions to avoid a BES Emergency. 

Damage or destruction of 
a Facility 

BA, TO, TOP, GO, GOP, DP Damage or destruction of its Facility that results from actual or 
suspected intentional human action. 

Physical threats to a 
Facility 

BA, TO, TOP, GO, GOP, DP Physical threat to its Facility excluding weather or natural disaster 
related threats, which has the potential to degrade the normal 
operation of the Facility. 
OR 
Suspicious device or activity at a Facility. 
Do not report theft unless it degrades normal operation of a 
Facility. 
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Event Type Entity with Reporting 
Responsibility 

Threshold for Reporting 

Physical threats to a BES 
control center 

RC, BA, TOP Physical threat to its BES control center, excluding weather or 
natural disaster related threats, which has the potential to 
degrade the normal operation of the control center. 
OR 
Suspicious device or activity at a BES control center. 

BES Emergency requiring 
public appeal for load 
reduction 

Initiating entity is responsible for 
reporting 

Public appeal for load reduction event. 

BES Emergency requiring 
system-wide voltage 
reduction 

Initiating entity is responsible for 
reporting 

System wide voltage reduction of 3% or more. 

BES Emergency requiring 
manual firm load 
shedding 

Initiating entity is responsible for 
reporting 

Manual firm load shedding ≥ 100 MW. 

BES Emergency resulting 
in automatic firm load 
shedding 

DP, TOP Automatic firm load shedding ≥ 100 MW (via automatic 
undervoltage or underfrequency load shedding schemes, or 
SPS/RAS). 

Voltage deviation on a 
Facility 

TOP Observed within its area a voltage deviation of ± 10% of nominal 
voltage sustained for ≥ 15 continuous minutes. 



EOP-004-2 — Event Reporting 

 10 of 22 

Event Type Entity with Reporting 
Responsibility 

Threshold for Reporting 

IROL Violation (all 
Interconnections) or SOL 
Violation for Major WECC 
Transfer Paths (WECC 
only) 

RC Operate outside the IROL for time greater than IROL Tv (all 
Interconnections) or Operate outside the SOL for more than 30 
minutes for Major WECC Transfer Paths (WECC only). 

Loss of firm load BA, TOP, DP Loss of firm load for ≥ 15 Minutes: 

≥ 300 MW for entities with previous year’s demand ≥ 3,000  

OR 

≥ 200 MW for all other entities 

System separation 
(islanding) 

RC, BA, TOP Each separation resulting in an island ≥ 100 MW 

Generation loss BA, GOP Total generation loss, within one minute, of : 

≥ 2,000 MW for entities in the Eastern or Western 
Interconnection 

OR 

≥ 1,000 MW for entities in the ERCOT or Quebec Interconnection 

Complete loss of off-site 
power to a nuclear 
generating plant (grid 
supply) 

TO, TOP Complete loss of off-site power affecting a nuclear generating 
station per the Nuclear Plant Interface Requirement 
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Event Type Entity with Reporting 
Responsibility 

Threshold for Reporting 

Transmission loss TOP Unexpected loss within its area, contrary to design, of three or 
more BES Elements caused by a common disturbance (excluding 
successful automatic reclosing). 

Unplanned BES control 
center evacuation 

RC, BA, TOP Unplanned evacuation from BES control center facility for 30 
continuous minutes or more. 

Complete loss of voice 
communication capability 

RC, BA, TOP  Complete loss of voice communication capability affecting a BES 
control center for 30 continuous minutes or more. 

Complete loss of 
monitoring  capability 

RC, BA, TOP Complete loss of monitoring capability affecting a BES control 
center for 30 continuous minutes or more such that analysis 
capability (i.e., State Estimator or Contingency Analysis) is 
rendered inoperable. 
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EOP-004 - Attachment 2:  Event Reporting Form 
 

EOP-004 Attachment 2: Event Reporting Form 

Use this form to report events.  The Electric Reliability Organization will accept the DOE OE-417 form 
in lieu of this form if the entity is required to submit an OE-417 report.  Submit reports to the ERO via 
one of the following: e-mail:  systemawareness@nerc.net , Facsimile 404-446-9770 or voice: 404-
446-9780. 

Task Comments 

1.  

 

Entity filing the report include: 
Company name: 

Name of contact person: 
Email address of contact person: 

Telephone Number:  
Submitted by (name): 

  

2.  
Date and Time of recognized event. 

Date: (mm/dd/yyyy) 
Time: (hh:mm) 

Time/Zone: 

 

3.  Did the event originate in your system? Yes       No      Unknown  

4.  
Event Identification and Description: 

(Check applicable box) 
 Damage or destruction of a Facility 
 Physical Threat to a Facility  
 Physical Threat to a control center 
 BES Emergency: 
  public appeal for load reduction 
  system-wide voltage reduction 
  manual firm load shedding 
  automatic firm load shedding 
 Voltage deviation on a Facility 
 IROL Violation (all Interconnections) or 

SOL Violation for Major WECC Transfer 
Paths (WECC only) 

 Loss of firm load 
 System separation 
 Generation loss 
 Complete loss of off-site power to a 

nuclear generating plant (grid supply) 
 Transmission loss 
 unplanned control center evacuation 
 Complete loss of voice communication 

capability 
 Complete loss of monitoring capability 
 

 Written description (optional): 
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Guideline and Technical Basis 
 
Distribution Provider Applicability Discussion 
 
The DSR SDT has included Distribution Providers (DP) as an applicable entity under this 
standard.  The team realizes that not all DPs will own BES Facilities and will not meet the 
“Threshold for Reporting” for any event listed in Attachment 1.  These DPs will not have any 
reports to submit under Requirement R2.  However, these DPs will be responsible for meeting 
Requirements R1 and R3.  The DSR SDT does not intend for these entities to have a detailed 
Operating Plan to address events that are not applicable to them.  In this instance, the DSR SDT 
intends for the DP to have a very simple Operating Plan that includes a statement that there are 
no applicable events in Attachment 1 (to meet R1) and that the DP will review the list of events 
in Attachment 1 each year (to meet R3).  The team does not think this will be a burden on any 
entity as the development and annual validation of the Operating Plan should not take more 
that 30 minutes on an annual basis.  If a DP discovers applicable events during the annual 
review, it is expected that the DP will develop a more detailed Operating Plan to comply with 
the requirements of the standard. 
 
Multiple Reports for a Single Organization 
 
For entities that have multiple registrations, the DSR SDT intends that these entities will only 
have to submit one report for any individual event.  For example, if an entity is registered as a 
Reliability Coordinator, Balancing Authority and Transmission Operator, the entity would only 
submit one report for a particular event rather submitting three reports as each individual 
registered entity. 
  
Summary of Key Concepts  
 
The DSR SDT identified the following principles to assist them in developing the standard: 

• Develop a single form to report disturbances and events  that threaten the reliability of 
the Bulk Electric System 

• Investigate other opportunities for efficiency, such as development of an electronic 
form and possible inclusion of regional reporting requirements 

• Establish clear criteria for reporting 
• Establish consistent reporting timelines  
• Provide clarity around who will receive the information and how it will be used 

 

During the development of concepts, the DSR SDT considered the FERC directive to “further 
define sabotage”.  There was concern among stakeholders that a definition may be ambiguous 
and subject to interpretation.  Consequently, the DSR SDT decided to eliminate the term 
sabotage from the standard.  The team felt that it was almost impossible to determine if an act 
or event was sabotage or vandalism without the intervention of law enforcement.  The DSR SDT 
felt that attempting to define sabotage would result in further ambiguity with respect to 
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reporting events.  The term “sabotage” is no longer included in the standard.  The events listed 
in EOP-004 Attachment 1 were developed to provide guidance for reporting both actual events 
as well as events which may have an impact on the Bulk Electric System.  The DSR SDT believes 
that this is an equally effective and efficient means of addressing the FERC Directive. 
 
The types of events that are required to be reported are contained within EOP-004 Attachment 
1.  The DSR SDT has coordinated with the NERC Events Analysis Working Group to develop the 
list of events that are to be reported under this standard.  EOP-004 Attachment 1 pertains to 
those actions or events that have impacted the Bulk Electric System.    These events were 
previously reported under EOP-004-1, CIP-001-1 or the Department of Energy form OE-417.    
EOP-004 Attachment 1 covers similar items that may have had an impact on the Bulk Electric 
System or has the potential to have an impact and should be reported. 

 
The DSR SDT wishes to make clear that the proposed Standard does not include any real-time 
operating notifications for the events listed in EOP-004 Attachment 1.  Real-time 
communication is achieved is covered in other standards.  The proposed standard deals 
exclusively with after-the-fact reporting. 
 

Data Gathering 

The requirements of EOP-004-1 require that entities “promptly analyze Bulk Electric System 
disturbances on its system or facilities” (Requirement R2).  The requirements of EOP-004-2 
specify that certain types of events are to be reported but do not include provisions to analyze 
events.  Events reported under EOP-004-2 may trigger further scrutiny by the ERO Events 
Analysis Program.  If warranted, the Events Analysis Program personnel may request that more 
data for certain events be provided by the reporting entity or other entities that may have 
experienced the event.  Entities are encouraged to become familiar with the Events Analysis 
Program and the NERC Rules of Procedure to learn more about with the expectations of the 
program. 

 

Law Enforcement Reporting 

The reliability objective of EOP-004-2 is to improve the reliability of the Bulk Electric System by 
requiring the reporting of events by Responsible Entities. Certain outages, such as those due to 
vandalism and terrorism, may not be reasonably preventable.  These are the types of events 
that should be reported to law enforcement.  Entities rely upon law enforcement agencies to 
respond to and investigate those events which have the potential to impact a wider area of the 
BES.  The inclusion of reporting to law enforcement enables and supports reliability principles 
such as protection of Bulk Electric System from malicious physical attack.  The importance of 
BES awareness of the threat around them is essential to the effective operation and planning to 
mitigate the potential risk to the BES. 
 
Stakeholders in the Reporting Process 

• Industry 
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• NERC (ERO), Regional Entity 
• FERC 
• DOE 
• NRC 
• DHS – Federal 
• Homeland Security- State 
• State Regulators 
• Local Law Enforcement 
• State or Provincial Law Enforcement 
• FBI 
• Royal Canadian Mounted Police (RCMP) 

 
The above stakeholders have an interest in the timely notification, communication and 
response to an incident at a Facility.  The stakeholders have various levels of accountability and 
have a vested interest in the protection and response to ensure the reliability of the BES. 
 
Present expectations of the industry under CIP-001-1a: 
 
It has been the understanding by industry participants that an occurrence of sabotage has to be 
reported to the FBI.  The FBI has the jurisdictional requirements to investigate acts of sabotage 
and terrorism.  The CIP-001-1-1a standard requires a liaison relationship on behalf of the 
industry and the FBI or RCMP. These requirements, under the standard, of the industry have 
not been clear and have lead to misunderstandings and confusion in the industry as to how to 
demonstrate that the liaison is in place and effective.  As an example of proof of compliance 
with Requirement R4, Responsible Entities have asked FBI Office personnel to provide, on FBI 
letterhead, confirmation of the existence of a working relationship to report acts of sabotage, 
the number of years the liaison relationship has been in existence, and the validity of the 
telephone numbers for the FBI. 
 
Coordination of Local and State Law Enforcement Agencies with the FBI 
 
The Joint Terrorism Task Force (JTTF) came into being with the first task force being established 
in 1980.  JTTFs are small cells of highly trained, locally based, committed investigators, analysts, 
linguists, SWAT experts, and other specialists from dozens of U.S. law enforcement and 
intelligence agencies.  The JTTF is a multi-agency effort led by the Justice Department and FBI 
designed to combine the resources of federal, state, and local law enforcement.  Coordination 
and communications largely through the interagency National Joint Terrorism Task Force, 
working out of FBI Headquarters, which makes sure that information and intelligence flows 
freely among the local JTTFs. This information flow can be most beneficial to the industry in 
analytical intelligence, incident response and investigation.  Historically, the most immediate 
response to an industry incident has been local and state law enforcement agencies to 
suspected vandalism and criminal damages at industry facilities.  Relying upon the JTTF 
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coordination between local, state and FBI law enforcement would be beneficial to effective 
communications and the appropriate level of investigative response. 
 
Coordination of Local and Provincial Law Enforcement Agencies with the RCMP 
 
A similar law enforcement coordination hierarchy exists in Canada.  Local and Provincial law 
enforcement coordinate to investigate suspected acts of vandalism and sabotage. The 
Provincial law enforcement agency has a reporting relationship with the Royal Canadian 
Mounted Police (RCMP). 
 
A Reporting Process Solution – EOP-004 
 
A proposal discussed with the FBI, FERC Staff, NERC Standards Project Coordinator and the SDT 
Chair is reflected in the flowchart below (Reporting Hierarchy for Reportable Events).  
Essentially, reporting an event to law enforcement agencies will only require the industry to 
notify the state or provincial or local level law enforcement agency.  The state or provincial or 
local level law enforcement agency will coordinate with law enforcement with jurisdiction to 
investigate.  If the state or provincial or local level law enforcement agency decides federal 
agency law enforcement or the RCMP should respond and investigate, the state or provincial or 
local level law enforcement agency will notify and coordinate with the FBI or the RCMP. 
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YESNO

Notification Protocol to 
State Agency Law 

Enforcement

Enforcement coordinates 

State Agency Law 
Enforcement 
notifies FBI 

ERO conducts 
investigation

ERO
Events Analysis

YESNO

Example of Reporting Process including Law 
Enforcement

FBI Responds and 
makes notification 

to DHS

Communicate to 
Law 

Enforcement

State Agency Law 
Enforcement 
Investigates 

* Canadian entities will follow law enforcement protocols applicable in 
their jurisdictions

*

ERO Reports Applicable 
Events to FERC Per Rules 

of Procedure

Report Event to ERO, 
Reliability Coordinator

State Agency Law 

as appropriate with FBI

Criminal act 
invoking 
federal 

jurisdiction ?

Refer to Ops Plan for Reporting 

Entity Experiencing An Event in Attachment 1

Report to Law Enforcement ?

Refer to Ops Plan for communicating 
to law enforcement
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Disturbance and Sabotage Reporting Standard Drafting Team (Project 2009-01) - 
Reporting Concepts   
 
Introduction 
 
The SAR for Project 2009-01, Disturbance and Sabotage Reporting was moved forward for 
standard drafting by the NERC Standards Committee in August of 2009.  The Disturbance and 
Sabotage Reporting Standard Drafting Team (DSR SDT) was formed in late 2009 and has 
developed updated standards based on the SAR. 
 
The standards listed under the SAR are: 

• CIP-001 — Sabotage Reporting 

• EOP-004 — Disturbance Reporting 
 
The changes do not include any real-time operating notifications for the types of events 
covered by CIP-001 and EOP-004. The real-time reporting requirements are achieved through 
the RCIS and are covered in other standards (e.g. EOP-002-Capacity and Energy Emergencies). 
These standards deal exclusively with after-the-fact reporting. 
 
The DSR SDT has consolidated disturbance and sabotage event reporting under a single 
standard.  These two components and other key concepts are discussed in the following 
sections. 
 
Summary of Concepts and Assumptions: 
 
The Standard:  

• Requires reporting of “events” that impact or may impact  the reliability of the Bulk 
Electric System 

• Provides clear criteria for reporting 
• Includes consistent reporting timelines 
• Identifies appropriate applicability, including a reporting hierarchy in the case of 

disturbance reporting 
• Provides clarity around of who will receive the information 

 
Discussion of Disturbance Reporting  
Disturbance reporting requirements existed in the previous version of EOP-004.  The current 
approved definition of Disturbance from the NERC Glossary of Terms is: 

1. An unplanned event that produces an abnormal system condition. 

2. Any perturbation to the electric system. 
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3. The unexpected change in ACE that is caused by the sudden failure of generation or 
interruption of load. 

Disturbance reporting requirements and criteria were in the previous EOP-004 standard and its 
attachments.  The DSR SDT discussed the reliability needs for disturbance reporting and 
developed the list of events that are to be reported under this standard (EOP-004 Attachment 
1). 
 
Discussion of Event Reporting 
There are situations worthy of reporting because they have the potential to impact reliability. 
 
Event reporting facilitates industry awareness, which allows potentially impacted parties to 
prepare for and possibly mitigate any associated reliability risk. It also provides the raw 
material, in the case of certain potential reliability threats, to see emerging patterns. 
 
Examples of such events include: 

• Bolts removed from transmission line structures 

• Train derailment adjacent to a Facility that either could have damaged a Facility directly 
or could indirectly damage a Facility (e.g. flammable or toxic cargo that could pose fire 
hazard or could cause evacuation of a control center) 

• Destruction of Bulk Electric System equipment 
 
What about sabotage? 
One thing became clear in the DSR SDT’s discussion concerning sabotage: everyone has a 
different definition. The current standard CIP-001 elicited the following response from FERC in 
FERC Order 693, paragraph 471 which states in part:  “. . . the Commission directs the ERO to 
develop the following modifications to the Reliability Standard through the Reliability Standards 
development process: (1) further define sabotage and provide guidance as to the triggering 
events that would cause an entity to report a sabotage event.” 
 
Often, the underlying reason for an event is unknown or cannot be confirmed. The DSR SDT 
believes that by reporting material risks to the Bulk Electric System using the event 
categorization in this standard, it will be easier to get the relevant information for mitigation, 
awareness, and tracking, while removing the distracting element of motivation. 
 
 
Certain types of events should be reported to NERC, the Department of Homeland Security 
(DHS), the Federal Bureau of Investigation (FBI), and/or Provincial or local law enforcement.  
Other types of events may have different reporting requirements.  For example, an event that is 
related to copper theft may only need to be reported to the local law enforcement authorities. 
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Potential Uses of Reportable Information 
Event analysis, correlation of data, and trend identification are a few potential uses for the 
information reported under this standard.  The standard requires Functional entities to report 
the incidents and provide known information at the time of the report.  Further data gathering 
necessary for event analysis is provided for under the Events Analysis Program and the NERC 
Rules of Procedure.  Other entities (e.g. – NERC, Law Enforcement, etc) will be responsible for 
performing the analyses.  The NERC Rules of Procedure (section 800) provide an overview of 
the responsibilities of the ERO in regards to analysis and dissemination of information for 
reliability.  Jurisdictional agencies (which may include DHS, FBI, NERC, RE, FERC, Provincial 
Regulators, and DOE) have other duties and responsibilities.  
 
Collection of Reportable Information or “One stop shopping”   
 
The DSR SDT recognizes that some regions require reporting of additional information beyond 
what is in EOP-004.  The DSR SDT has updated the listing of reportable events in EOP-004 
Attachment 1 based on discussions with jurisdictional agencies, NERC, Regional Entities and 
stakeholder input.  There is a possibility that regional differences still exist. 
 
The reporting required by this standard is intended to meet the uses and purposes of NERC.  
The DSR SDT recognizes that other requirements for reporting exist (e.g., DOE-417 reporting), 
which may duplicate or overlap the information required by NERC.  To the extent that other 
reporting is required, the DSR SDT envisions that duplicate entry of information should not be 
necessary, and the submission of the alternate report will be acceptable to NERC so long as all 
information required by NERC is submitted.  For example, if the NERC Report duplicates 
information from the DOE form, the DOE report may be sent to the NERC in lieu of entering 
that information on the NERC report. 
 
Ra t ion a le : 

During development of this standard, text boxes were embedded within the standard to explain 
the rationale for various parts of the standard.  Upon BOT approval, the text from the rationale 
text boxes was moved to this section. 
 
Rationale for R1: 
The requirement to have an Operating Plan for reporting specific types of events provides the 
entity with a method to have its operating personnel recognize events that affect reliability and 
to be able to report them to appropriate parties; e.g., Regional Entities, applicable Reliability 
Coordinators, and law enforcement and other jurisdictional agencies when so recognized.  In 
addition, these event reports are an input to the NERC Events Analysis Program.  These other 
parties use this information to promote reliability, develop a culture of reliability excellence, 
provide industry collaboration and promote a learning organization. 
Every Registered Entity that owns or operates elements or devices on the grid has a formal or 
informal process, procedure, or steps it takes to gather information regarding what happened 
when events occur.  This requirement has the Responsible Entity establish documentation on 
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how that procedure, process, or plan is organized.  This documentation may be a single 
document or a combination of various documents that achieve the reliability objective. 
The communication protocol(s) could include a process flowchart, identification of internal and 
external personnel or entities to be notified, or a list of personnel by name and their associated 
contact information.  An existing procedure that meets the requirements of CIP-001-2a may be 
included in this Operating Plan along with other processes, procedures or plans to meet this 
requirement. 
 
Rationale for R2: 
Each Responsible Entity must report and communicate events according to its Operating Plan 
based on the information in EOP-004-2 Attachment 1.  By implementing the event reporting 
Operating Plan the Responsible Entity will assure situational awareness to the Electric Reliability 
Organization so that they may develop trends and prepare for a possible next event and 
mitigate the current event.  This will assure that the BES remains secure and stable by 
mitigation actions that the Responsible Entity has within its function.  By communicating events 
per the Operating Plan, the Responsible Entity will assure that people/agencies are aware of 
the current situation and they may prepare to mitigate current and further events. 
 
Rationale for R3: 
Requirement 3 calls for the Responsible Entity to validate the contact information contained in 
the Operating Plan each calendar year.   This requirement helps ensure that the event reporting 
Operating Plan is up to date and entities will be able to effectively report events to assure 
situational awareness to the Electric Reliability Organization.  If an entity experiences an actual 
event, communication evidence from the event may be used to show compliance with the 
validation requirement for the specific contacts used for the event. 
 
Rationale for EOP-004 Attachment 1: 
The DSR SDT used the defined term “Facility” to add clarity for several events listed in 
Attachment 1.  A Facility is defined as: 
 

“A set of electrical equipment that operates as a single Bulk Electric System Element 
(e.g., a line, a generator, a shunt compensator, transformer, etc.)” 
 

The DSR SDT does not intend the use of the term Facility to mean a substation or any other 
facility (not a defined term) that one might consider in everyday discussions regarding the grid.  
This is intended to mean ONLY a Facility as defined above. 
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Version History 
 
Version Date Action Change Tracking 

2  Merged CIP-001-2a Sabotage Reporting 
and EOP-004-1 Disturbance Reporting 
into EOP-004-2 Event Reporting; Retire 
CIP-001-2a Sabotage Reporting and 
Retired EOP-004-1 Disturbance 
Reporting. 
 
 

Revision to entire 
standard (Project 
2009-01) 

 
2 
 

November 7, 
2012 

Adopted by the NERC Board of Trustees  

2 June 20, 2013 FERC approved  
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This appendix establishes specific provisions for the application of the standard in Québec. Provisions of 

the standard and of its appendix must be read together for the purposes of understanding and 

interpretation. Where the standard and appendix differ, the appendix shall prevail. 

A. Introduction 

1. Title: Event Reporting 

2. Number: EOP-004-2 

3. Purpose: No specific provision 

4. Applicability: 

Functions: 

No specific provision 

Facilities: 

This standard only applies to the facilities of the Main Transmission System (RTP). 

5. Effective Date: 

5.1. Adoption of the standard by the Régie de l’énergie: September 27, 2017 

5.2. Adoption of the appendix by the Régie de l’énergie: September 27, 2017 

5.3. Effective date of the standard and its appendix in Québec: January 1
st
, 2018 

6. Background: 

No specific provisions 

B. Requirements and Measures 

No specific provision 

C. Compliance 

1. Compliance Monitoring Process 

1.1. Compliance Enforcement Authority 

The Régie de l’énergie is responsible, in Québec, for compliance monitoring with 

respect to the reliability standard and its appendix that it adopts. 

1.2. Evidence Retention 

No specific provision 

1.3. Compliance Monitoring and Enforcement Processes 

No specific provision 

1.4. Additional Compliance Information 

No specific provisions 

Table of Compliance Elements 

No specific provision 
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D. Variances 

No specific provision 

E. Interpretations 

No specific provision 

F. References 

No specific provision 

EOP-004 – Attachment 1: Reportable Events 

No specific provision 

EOP-004 – Attachment 2: Event reporting Form 

No specific provision 

Guideline and Technical Basis 

No specific provisions 

Revision History 

Revision Date Action Change Tracking 

0 September 27, 

2017 

New Appendix New 
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A. Introduction 

1. Title: Dynamic Transfers  

2. Number: INT-004-3 

3. Purpose: To ensure Dynamic Schedules and Pseudo-Ties are communicated and 

accounted for appropriately in congestion management procedures. 

4. Applicability: 

4.1. Balancing Authority 

4.2. Purchasing-Selling Entity  

5. Effective Date: 

First day of the second calendar quarter after the date that this standard is approved by 

an applicable governmental authority or as otherwise provided for in a jurisdiction 

where approval by an applicable governmental authority is required for a standard to 

go into effect. Where approval by an applicable governmental authority is not required, 

the standard shall become effective on the first day of the first calendar quarter that is 

six months after the date this standard is adopted by the NERC Board of Trustees or as 

otherwise provided for in that jurisdiction.  

6. Background: 

This standard was revised as part of the Project 2008-12 Coordinate Interchange 

Standards effort to ensure the transparency of Dynamic Transfers.  

 R1 is modified from Requirement R1 of INT-001-3 and transferred into INT-

004-3.  The revised requirement now includes Pseudo-Ties.  

 R2 is modified from INT-004-2 to separate the triggers for the review of the 

Dynamic Transfer and when a modification is required for the Dynamic 

Transfer. 

 R1 and R2 now also apply to Pseudo-Ties.  The requirements to create an RFI 

for Pseudo-Ties ensure that all entities involved are aware of the Dynamic 

Transfer and agree that the various responsibilities associated with the dynamic 

transfer have been agreed upon.   

 R3 is created to ensure that coordination occurs between all entities involved 

prior to the initial implementation of a Pseudo-Tie.   

 The Guidelines and Technical Basis section was added to provide a summary of 

the considerations that must be given when establishing any Dynamic Transfer.     
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B. Requirements and Measures 

R1. Each Purchasing-Selling Entity that secures energy to serve Load via a Dynamic 

Schedule or Pseudo-Tie shall ensure that a Request for Interchange is submitted as an 

on-time1 Arranged Interchange to the Sink Balancing Authority for that Dynamic 

Schedule or Pseudo-Tie, unless the information about the Pseudo-Tie is included in 

congestion management procedure(s) via an alternate method.   [Violation Risk Factor: 

Lower] [Time Horizon: Operations Planning, Same-day Operations] 

 

M1. The Purchasing-Selling Entity shall have evidence (such as dated and time-stamped 

electronic logs or other evidence) that a Request for Interchange was submitted for 

Dynamic Schedules and Pseudo-Ties as an on-time Arranged Interchange to the Sink 

Balancing Authority for the Dynamic Schedule or Pseudo-Tie. For Pseudo-Ties 

included in congestion management procedure(s) via an alternate method, the 

Purchasing-Selling Entity shall have evidence such as Interchange Distribution 

Calculator model data or written / electronic agreement with a Balancing Authority to 

include the Pseudo-Tie in the congestion management procedure(s). (R1) 

 

R2. The Purchasing-Selling Entity that submits a Request for Interchange in accordance 

with Requirement R1 shall ensure the Confirmed Interchange associated with that 

Dynamic Schedule or Pseudo-Tie is updated for future hours in order to support 

congestion management procedures if any one of the following occurs: [Violation Risk 

Factor: Lower] [Time Horizon: Operations Planning, Same Day Operations, Real 

Time Operations]  

2.1. For Confirmed Interchange greater than 250 MW for the last hour, the actual 

hourly integrated energy deviates from the Confirmed Interchange by more 

than 10% for that hour and that deviation is expected to persist. 

2.2. For Confirmed Interchange less than or equal to 250 MW for the last hour, the 

actual hourly integrated energy deviates from the Confirmed Interchange by 

more than 25 MW for that hour and that deviation is expected to persist. 

2.3. The Purchasing-Selling Entity receives notification from a Reliability 

Coordinator or Transmission Operator to update the Confirmed Interchange.  

M2. The Purchasing-Selling Entity shall have evidence (such as dated and time-stamped 

electronic logs, reliability studies or other evidence) that it updated its Confirmed 

Interchange Requests for Interchange when the deviation met the criteria in 

Requirement R2, Parts 2.1- 2.3. (R2) 

 

R3. Each Balancing Authority shall only implement or operate a Pseudo-Tie that is 

included in the NAESB Electric Industry Registry publication in order to support 

                                                 

1 Please refer to the timing tables of INT-006-4. 
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congestion management procedures. [Violation Risk Factor: Lower] [Time Horizon: 

Operations Planning] 

M3. The Balancing Authority shall have evidence (such as dated and time-stamped 

electronic logs or other evidence) that it only implemented or operated a Pseudo-Tie 

that is included in the NAESB Electric Industry Registry publication. (R3) 

 

C. Compliance 

1. Compliance Monitoring Process 

1.1. Compliance Enforcement Authority 

Regional Entity 

1.2. Evidence Retention 

The Purchasing-Selling Entity shall keep data or evidence to show compliance as 

identified below unless directed by its Compliance Enforcement Authority (CEA) 

to retain specific evidence for a longer period of time as part of an investigation. 

For instances where the evidence retention period specified below is shorter than 

the time since the last audit, the CEA may ask an entity to provide other evidence 

to show that it was compliant for the full time period since the last audit. 

- The Purchasing-Selling Entity shall maintain evidence to show compliance with 

R1 and R2 for the most recent 3 calendar months plus the current month.   

- The Balancing Authority shall maintain evidence to show compliance with R3 

for the most recent 3 calendar months plus the current month.   

If a Purchasing-Selling Entity or Balancing Authority is found non-compliant, it 

shall keep information related to the non-compliance until found compliant.  

The Compliance Enforcement Authority shall keep the last audit records and all 

requested and submitted subsequent audit records.   

1.3. Compliance Monitoring and Assessment Processes: 

Compliance Audit 

Self-Certification 

Spot Check 

Compliance Investigation 

Self-Reporting 

Complaint  

1.4. Additional Compliance Information 

None 
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Table of Compliance Elements 

R # Time Horizon VRF Violation Severity Levels 

Lower VSL Moderate VSL High VSL Severe VSL 

R1 Operations 

Planning, 

Same Day 

Operations 

Lower  N/A N/A N/A The Purchasing-Selling 

Entity secured energy to 

serve Load via a 

Dynamic Schedule or 

Pseudo-Tie, but did not 

ensure that a Request for 

Interchange was 

submitted as on-time 

Arranged Interchange to 

the Sink Balancing 

Authority, and did not 

include information 

about the Pseudo-Tie in 

congestion management 

procedure(s) via an 

alternate method.   

R2 Operations 

Planning, 

Same Day 

Operations 

Lower N/A N/A N/A A deviation met or 

exceeded the criteria in 

Requirement R2 Parts 

2.1- 2.3 and was 

expected to persist, but 

the Purchasing-Selling 

Entity did not ensure that 

the Confirmed 

Interchange associated 

with that Dynamic 

Schedule or Pseudo-Tie 

was updated for future 

hours.  
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R3 Operations 

Planning 

Lower N/A N/A N/A The Balancing Authority 

implemented or operated 

a Pseudo-Tie that was 

not included in the 

NAESB Electric Industry 

Registry publication.  

 

D. Regional Variances 

None. 

E. Interpretations 

None. 

F. Associated Documents 

The complete Dynamic Transfer Reference Guidelines document is included in the NERC Operating Manual at: 

http://www.nerc.com/files/opman_3_2012.pdf. 
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Guidelines and Technical Basis 

This standard requires the submittal of an Arranged Interchange for both Dynamic Schedules and 

Pseudo-Ties.  In general, Pseudo-Ties are accounted for by all parties as actual Interchange and 

Dynamic Schedules are accounted for as Scheduled Interchange.  The obligations of the entities 

involved in each type of Dynamic Transfer are dependent on the type of Dynamic Transfer 

selected. These guidelines provide items that should be considered when determining which type 

of Dynamic Transfer should be utilized for a given situation.  

 

General Considerations When Establishing and Implementing Dynamic Transfers: 

 During the setup of a Dynamic Transfer, a common source of data is established.  During 

that setup, plans should also be established for what will occur when that normal source 

of data is not available. 

 Following any reliability adjustments to a Dynamic Schedule, each Balancing Authority 

shall use agreed upon values that ensure any limit established by the reliability 

adjustment is not exceeded.   

o Since the Net Scheduled Interchange term used in its control ACE (or alternate 

control process) is not the value from the Confirmed Interchange, but from some 

common source, each Balancing Authority must be prepared to take action to 

control the data feeding that common source. 

 Each Attaining Balancing Authority shall incorporate resources attained via Dynamic 

Schedules or Pseudo-Ties into its processes for establishing Contingency Reserve 

requirements, as well as for the purposes of measuring Contingency Reserve response. 

 

The table below describes and outlines the obligations associated with the typical historical 

application of Pseudo-Ties and Dynamic Schedules related to many of the topics addressed 

above. In practical application, however, both the Native Balancing Authority and Attaining 

Balancing Authority can agree to exchange the obligations from that shown in the table below. 

 

BA’s 
Obligation/modeling 

 

Pseudo-Tie 

 

Dynamic Schedule 

Generation planning and 

reporting and outage 

coordination 

Attaining BA Typically, Native BA but may be re-

assigned (wholly or a portion) to the 

Attaining BA  

CPS and DCS recovery 

/reporting and RMS 

Attaining BA Attaining and/or Native BA 

(depending on agreements) 

Operational responsibility  Attaining BA Native BA 

BA services 

FERC OATT Schedules 3–6 

and other ancillary services 

Attaining BA Native BA 
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as required 

Ancillary services associated 

with transmission 

FERC OATT Schedules 1–2 

and other ancillary services 

as required 

Attaining/Native BA (as agreed) Attaining/Native BA (as agreed)  

ACE Frequency Bias 

calc/setting 

The Native and Attaining BA(s)  

shall adjust the control logic that 

determines their Frequency Bias 

Setting to account for the 

Frequency Bias characteristics 

of the loads and/or resources 

being assigned between BA(s)  

by the Pseudo-Tie 

The Attaining BA should include 

the Load from its Dynamic 

Schedule as a part of its forecast 

load to set Frequency Bias 

requirement.  The Native BA 

should change its Load used to set 

Frequency Bias setting by the same 

amount in the opposite direction. 

Load forecasting and 

reporting  

Attaining BA  Native BA 

Manual load shedding during 

an Energy Emergency Alert 

(EEA) 

Attaining BA Native BA 

 

General Considerations for Curtailments of Dynamic Transfers 

The unique handling of curtailments of Dynamic Transfers is described in NERC’s Dynamic 

Transfer Reference Guidelines, Version 2. 

For Dynamic Schedules: 

If transmission service between the Source and Sink BA(s) is curtailed then the 

allowable range of the magnitude of the schedules between them, including Dynamic 

Schedules, may have to be curtailed accordingly. All BAs involved in a Dynamic 

Schedule curtailment must also adjust the Dynamic Schedule Signal input to their 

respective ACE equations to a common value. The value used must be equal to or 

less than the curtailed Dynamic Schedule tag. Since Dynamic Schedule tags are 

generally not used as Dynamic Transfer Signals for ACE, this adjustment may 

require manual entry or other revision to a telemetered or calculated value used by 

the ACE. 

For Pseudo-Ties: 

If transmission service between the Native and Attaining BA(s) is curtailed, then the 

allowable range of the magnitude of the Pseudo-Ties between them must be limited 

accordingly to these constraints.  

Both sections above describe when Curtailments (typically communicated through e-Tags) of 

Dynamic Transfers require additional action by Balancing Authorities to ensure compliance with 

the Curtailment.   
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Curtailments of most tagged transactions are implemented through a change in the Source and 

Sink Balancing Authorities’ ACE equations.  However, changes, including Curtailments, in 

Dynamic Schedule and Pseudo-Tie tagged transactions do not change the Source and Sink 

Balancing Authorities’ ACE equations directly.  These types of transactions impact the ACE 

equation via the Dynamic Transfer Signal, not by the e-Tag.  As such, Balancing Authorities 

need to develop additional automation or perform additional manual actions to reduce the 

Dynamic Transfer Signal in order to comply with the curtailment. 

 

Rationale: 

During development of this standard, text boxes were embedded within the standard to explain 

the rationale for various parts of the standard.  Upon BOT approval, the text from the rationale 

text boxes was moved to this section. 

Rationale R1: 

This Requirement is intended to ensure that an RFI is submitted for a Dynamic Schedule or 

Pseudo-Tie.  If a forecast is available, it is expected that the forecast will be used to indicate the 

energy profile on the RFI. If no forecast is available, the energy profile cannot exceed the 

maximum expected transaction MW amount. 

Rationale R2: 

This requirement does not preclude tags from being updated at any time.  The requirement 

specifies conditions under which the tag must be updated. 

 

Version History 

 

Version Date Action Change 
Tracking 

0 April 1, 2005 Effective Date New 

1 May 2, 2006 Adopted by the NERC Board of 

Trustees  

Revised 

2 October 9, 

2007 

Adopted by the NERC Board of 

Trustees (Removal of WECC Waiver) 

Revised 

2 July 21, 2008 Approved by FERC Revised 

3 February 6, 

2014 

Adopted by the NERC Board of 

Trustees 

Revised 

3 June 30, 2014 FERC letter order issued approving 

INT-004-3 
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This appendix establishes specific provisions for the application of the standard in Québec. Provisions of 

the standard and of its appendix must be read together for the purposes of understanding and 

interpretation. Where the standard and appendix differ, the appendix shall prevail. 

A. Introduction 

1. Title: Dynamic Transfers 

2. Number: INT-004-3 

3. Purpose: No specific provision 

4. Applicability:  

 No specific provision 

5. Effective Date: 

5.1. Adoption of the standard by the Régie de l’énergie: September 27, 2017 

5.2. Adoption of the appendix by the Régie de l’énergie: September 27, 2017 

5.3. Effective date of the standard and its appendix in Québec: October 1
st
, 2017 

B. Requirements and measures 

R1. No specific provision. 

R2. No specific provision. 

R3 Each Balancing Authority shall only implement or operate a Pseudo-Tie after it has requested 

that the Pseudo-Tie be identified in the Register of Entities subject to Reliability Standards in 

Québec. If the Pseudo-Tie is not entirely in the Québec jurisdiction, it must also be included in 

the NAESB Electric Industry Registry publication in order to support congestion management 

procedures. [Violation Risk Factor: Lower] [Time Horizon:Operations Planning] 

M3.The Balancing Authority shall have evidence (such as dated and time-stamped electronic logs 

or other evidence) that it only implemented or operated a Pseudo-Tie that is included in the 

Register of Entities subject to Reliability Standard in Quebec. If the Pseudo-Tie is not entirely in 

the Quebec jurisdiction it must also be included in the NAESB Electric Industry Registry 

publication in order to support congestion management procedures. [Violation Risk Factor: 

Lower] [Time Horizon:Operations Planning] 

C. Compliance 

1. Compliance Monitoring Process 

1.1. Compliance Enforcement authority 

The Régie de l’énergie is responsible, in Québec, for compliance monitoring with 

respect to the reliability standard and its appendix that it adopts. 

1.2. Evidence Retention 

No specific provision 

1.3. Compliance Monitoring and assessment Processes 

No specific provision 
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1.4. Additional Compliance Information 

No specific provision 

2. Table of Compliance Elements 

R# 
Time 

Horizon 
VRF 

Violation Severity Levels 

Lower VSL Moderate VSL High VSL Severe VSL 

R3 
Operations 

Planning 

Lower N/A N/A N/A The Balancing 

Authority 

implemented or 

operated a Pseudo-

Tie that was not 

identified in the 

Register of 

Entities subject to 

Reliability 

Standards in 

Québec or, if 

applicable, was 

not included in the 

NAESB Electric 

Industry Registry 

publication. 

D. Regional Variances 

No specific provision 

E. Interpretations 

No specific provision 

F. Associated Documents 

No specific provision 

Guidelines and Technical Basis 

No specific provision 

Rationale 

No specific provision 

Version History 

Revision Date Action Change Tracking 

0 September 27, 

2017 

New appendix New 
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A. Introduction 

1. Title: Verification and Data Reporting of Generator Real and Reactive Power 
Capability and Synchronous Condenser Reactive Power Capability 

2. Number: MOD-025-2 

3. Purpose: To ensure that accurate information on generator gross and net Real and 
Reactive Power capability and synchronous condenser Reactive Power capability is 
available for planning models used to assess Bulk Electric System (BES) reliability. 

4. Applicability: 

4.1. Functional entities 

4.1.1 Generator Owner 

4.1.2 Transmission Owner that owns synchronous condenser(s) 

4.2. Facilities: 

For the purpose of this standard, the term, “applicable Facility” shall mean any one of 
the following: 

4.2.1 Individual generating unit greater than 20 MVA (gross nameplate rating) 
directly connected to the Bulk Electric System. 

4.2.2 Synchronous condenser greater than 20 MVA (gross nameplate rating) 
directly connected to the Bulk Electric System. 

4.2.3 Generating plant/Facility greater than 75 MVA (gross aggregate 
nameplate rating) directly connected to the Bulk Electric System. 

5. Effective Date:  

5.1. In those jurisdictions where regulatory approval is required1: 

5.1.1 By the first day of the first calendar quarter, two calendar years following 
applicable regulatory approval, or as otherwise made effective pursuant to 
the laws applicable to such ERO governmental authorities, each Generator 
Owner and Transmission Owner shall have verified at least 40 percent of 
its applicable Facilities. 

5.1.2 By the first day of the first calendar quarter, three calendar years following 
applicable regulatory approval, or as otherwise made effective pursuant to 
the laws applicable to such ERO governmental authorities, each Generator 
Owner and Transmission Owner shall have verified at least 60 percent of 
its applicable Facilities. 

5.1.3 By the first day of the first calendar quarter, four calendar years following 
applicable regulatory approval, or as otherwise made effective pursuant to 

                                                 
1 Wind Farm Verification - If an entity has two wind sites, and verification of one site is complete, the entity is 50% 
complete regardless of the number of turbines at each site.  A wind site is a group of wind turbines connected at a 
common point of interconnection or utilizing a common aggregate control system. 
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the laws applicable to such ERO governmental authorities, each Generator 
Owner and Transmission Owner shall have verified at least 80 percent of 
its applicable Facilities. 

5.1.4 By the first day of the first calendar quarter, five calendar years following 
applicable regulatory approval, or as otherwise made effective pursuant to 
the laws applicable to such ERO governmental authorities, each Generator 
Owner and Transmission Owner shall have verified 100 percent of its 
applicable Facilities. 

5.2. In those jurisdictions where regulatory approval is not required2: 

5.2.1 By the first day of the first calendar quarter, two calendar years following 
Board of Trustees approval, each Generator Owner and Transmission 
Owner shall have verified at least 40 percent of its applicable Facilities. 

5.2.2 By the first day of the first calendar quarter, three calendar years following 
Board of Trustees approval, each Generator Owner and Transmission 
Owner shall have verified at least 60 percent of its applicable Facilities. 

5.2.3 By the first day of the first calendar quarter, four calendar years following 
Board of Trustees approval, each Generator Owner and Transmission 
Owner shall have verified at least 80 percent of its applicable Facilities. 

5.2.4 By the first day of the first calendar quarter, five calendar years following 
Board of Trustees approval, each Generator Owner and Transmission 
Owner shall have verified 100 percent of its applicable Facilities. 

Note: The verification percentage above is based on the number of applicable units owned.

                                                 
2 Wind farm verification - If an entity has two wind sites, and verification of one site is complete, the entity is 50% 
complete regardless of the number of turbines at each site.  A wind site is a group of wind turbines connected at a 
common point of interconnection or utilizing a common aggregate control system. 
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Requirements 

R1. Each Generator Owner shall provide its Transmission Planner with verification of the 
Real Power capability of its applicable Facilities as follows: [Violation Risk Factor: 
Medium] [Time Horizon: Long-term Planning] 

1.1. Verify the Real Power capability of its generating units in accordance with 
Attachment 1. 

1.2. Submit a completed Attachment 2 (or a form containing the same information as 
identified in Attachment 2) to its Transmission Planner within 90 calendar days of 
either (i) the date the data is recorded for a staged test; or (ii) the date the data is 
selected for verification using historical operational data.  

R2. Each Generator Owner shall provide its Transmission Planner with verification of the 
Reactive Power capability of its applicable Facilities as follows: [Violation Risk 
Factor: Medium] [Time Horizon: Long-term Planning] 

2.1. Verify, in accordance with Attachment 1, (i) the Reactive Power capability of its 
generating units and (ii) the Reactive Power capability of its synchronous 
condenser units. 

2.2. Submit a completed Attachment 2 (or a form containing the same information as 
identified in Attachment 2) to its Transmission Planner within 90 calendar days of 
either (i) the date the data is recorded for a staged test; or (ii) the date the data is 
selected for verification using historical operational data.  

R3. Each Transmission Owner shall provide its Transmission Planner with verification of 
the Reactive Power capability of its applicable Facilities as follows: [Violation Risk 
Factor: Medium] [Time Horizon: Long-term Planning] 

3.1. Verify, in accordance with Attachment 1, the Reactive Power capability of its 
synchronous condenser units. 

3.2. Submit a completed Attachment 2 (or a form containing the same information as 
identified in Attachment 2) to its Transmission Planner within 90 calendar days of 
either (i) the date the data is recorded for a staged test; or (ii) the date the data is 
selected for verification using historical operational data. 

B. Measures 

M1. Each Generator Owner will have evidence that it performed the verification, such as a 
completed Attachment 2 or the Generator Owner form with the same information or 
dated information collected and used to complete attachments, and will have evidence 
that it submitted the information within 90 days to its Transmission Planner; such as 
dated electronic mail messages or mail receipts in accordance with Requirement R1. 

M2. Each Generator Owner will have evidence that it performed the verification, such as a 
completed Attachment 2 or the Generator Owner form with the same information, or 
dated information collected and used to complete attachments and will have evidence 
that it submitted the information within 90 days to its Transmission Planner; such as 
dated electronic mail messages or mail receipts in accordance with Requirement R2. 
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M3. Each Transmission Owner will have evidence that it performed the verification, such as 
a completed Attachment 2 or the Transmission Owner form with equivalent 
information or dated information collected and used to complete attachments, and will 
have evidence that it submitted the information within 90 days to its Transmission 
Planner; such as dated electronic mail messages or mail receipts in accordance with 
Requirement R3. 

C. Compliance 

1. Compliance Monitoring Process 

1.1. Compliance Enforcement Authority 

The Regional Entity shall serve as the Compliance enforcement authority unless 
the applicable entity is owned, operated, or controlled by the Regional Entity. In 
such cases the ERO or a Regional entity approved by FERC or other applicable 
governmental authority shall serve as the CEA. 

 

1.2. Evidence Retention 

The following evidence retention periods identify a period of time an entity is 
required to retain specific evidence to demonstrate compliance.  For instances 
where the evidence retention specified below is shorter than the time since the last 
compliance audit, the Compliance Enforcement Authority may ask an entity to 
provide other evidence to show that it was compliant for the full time period since 
the last audit. 

The Generator Owner and Transmission Owner shall each keep the data or 
evidence to show compliance as identified below, unless directed by its 
Compliance Enforcement Authority to retain specific evidence for a longer period 
of time as part of an investigation: 

 The Generator Owner shall retain the latest MOD-025 Attachment 2 and 
the data behind Attachment 2 or Generator Owner form with equivalent 
information and submittal evidence for Requirements R1 and R2, 
Measures M1 and M2 for the time period since the last compliance 
audit. 

 The Transmission Owner shall retain the latest MOD-025 Attachment 2 
and the data behind Attachment 2 or Transmission Owner form with 
equivalent information and submittal evidence for Requirement R3, 
Measure M3 for the time period since the last compliance audit. 

If a Generator Owner or Transmission Owner is found noncompliant, it shall keep 
information related to the noncompliance until mitigation is complete or for the 
time specified above, whichever is longer. 

The Compliance Enforcement Authority shall keep the last audit records and all 
requested and submitted subsequent audit records. 
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1.3. Compliance Monitoring and Assessment Processes 

Compliance Audit 

Self-Certification 

Spot Checking 

Compliance Investigation 

Self-Reporting 

Complaint 

1.4. Additional Compliance Information 

None
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2. Violation Severity Levels 

R # Lower VSL Moderate VSL High VSL Severe VSL 

R1 The Generator Owner 
verified and recorded the 
Real Power capability of 
its applicable generating 
unit, but submitted the data 
to its Transmission Planner 
more than 90 calendar 
days, but within 120 
calendar days, of the date 
the data is recorded for a 
staged test or the date the 
data is selected for 
verification using historical 
operational data. 

 

OR  

 

The Generator Owner 
verified the Real Power 
capability, per Attachment 
1 and submitted the data 
but was missing 1 to less 
than or equal to 33 percent 
of the data. 

 

The Generator Owner 
verified and recorded the 
Real Power capability of its 
applicable generating unit, 
but submitted the data to its 
Transmission Planner more 
than 120 calendar days, but 
within 150 calendar days, of 
the date the data is recorded 
for a staged test or the date 
the data is selected for 
verification using historical 
operational data. 

 

 

OR  

 

The Generator Owner 
verified the Real Power 
capability, per Attachment 1 
and submitted the data but 
was missing more than 33 to 
66 percent of the data. 

 

The Generator Owner verified 
and recorded the Real Power 
capability of its applicable 
generating unit, but submitted 
the data to its Transmission 
Planner more than 150 
calendar days, but within 180 
calendar days, of the date the 
data is recorded for a staged 
test or the date the data is 
selected for verification using 
historical operational data. 

 

OR  

 

The Generator Owner verified 
the Real Power capability, per 
Attachment 1 and submitted 
the data but was missing from 
67 to 99 percent of the data. 

 

 

OR  

 

The Generator Owner verified and 
recorded the Real Power capability 
of its applicable generating unit, but 
submitted the data to its 
Transmission Planner more than 180 
calendar days of the date the data is 
recorded for a staged test or the date 
the data is selected for verification 
using historical operational data. 

 

OR 

 

The Generator Owner failed to 
verify the Real Power capability, per 
Attachment 1 of an applicable 
generating unit. 

 

  

OR  

 

The Generator Owner performed the 
Real Power verification per 
Attachment 1, “Periodicity for 
conducting a new verification” item 
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OR  

 

The Generator Owner 
performed the Real Power 
verification per Attachment 
1, “Periodicity for 
conducting a new 
verification” item 1 or item 
2 (5 year requirement) but 
did so in more than 66 
calendar months but less 
than or equal to 69 months. 

 

OR  

 

The Generator Owner 
performed the Real Power 
verification per Attachment 
1, “Periodicity for 
conducting a new 
verification” item 1, 2 or 3 
(12 calendar month 
requirement) but did so in 
more than 12 calendar 
months but less than or 
equal to 13 calendar 
months. 

OR  

 

The Generator Owner 
performed the Real Power 
verification per Attachment 
1, “Periodicity for 
conducting a new 
verification” item 1 or item 2 
(5 year requirement) but did 
so in more than 69 calendar 
months but less than or equal 
to 72 months. 

 

OR  

 

The Generator Owner 
performed the Real Power 
verification per Attachment 
1, “Periodicity for 
conducting a new 
verification” item 1, 2 or 3 
(12 calendar month 
requirement) but did so in 
more than 13 calendar 
months but less than or equal 
to 14 calendar months. 

 

The Generator Owner 
performed the Real Power 
verification per Attachment 1, 
“Periodicity for conducting a 
new verification” item 1 or 
item 2 (5 year requirement) but 
did so in more than 72 
calendar months but less than 
or equal to 75 months. 

 

OR  

 

The Generator Owner 
performed the Real Power 
verification per Attachment 1, 
“Periodicity for conducting a 
new verification” item 1, 2 or 3 
(12 calendar month 
requirement) but did so in 
more than 14 calendar months 
but less than or equal to 15 
calendar months. 

 

1 or item 2 (5 year requirement) but 
did so in more than 75 calendar 
months. 

 

OR  

 

The Generator Owner performed the 
Real Power verification per 
Attachment 1, “Periodicity for 
conducting a new verification” item 
1, 2 or 3 (12 calendar month 
requirement) but did so in more than 
15 calendar months. 

 

R2 The Generator Owner 
verified and recorded the 

The Generator Owner 
verified and recorded the 

The Generator Owner verified 
and recorded the Reactive 

The Generator Owner verified and 
recorded the Reactive Power 
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Reactive Power capability 
of its applicable generating 
unit or applicable 
synchronous condenser, 
but submitted the data to its 
Transmission Planner more 
than 90 calendar days, but 
within 120 calendar days, 
of the date the data is 
recorded for a staged test 
or the date the data is 
selected for verification 
using historical operational 
data. 

 

OR  

 

The Generator Owner 
verified the Reactive 
Power capability, per 
Attachment 1 and 
submitted the data but was 
missing 1 to up to and 
including 33 percent of the 
data. 

OR  

 

The Generator Owner 
performed the Reactive 
Power verification per 

Reactive Power capability of 
its applicable generating unit 
or applicable synchronous 
condenser, but submitted the 
data to its Transmission 
Planner more than 120 
calendar days, but within 150 
calendar days, of the date the 
data is recorded for a staged 
test or the date the data is 
selected for verification 
using historical operational 
data. 

 

OR  

 

The Generator Owner 
verified the Reactive Power 
capability, per Attachment 1 
and submitted the data but 
was missing 34 to 66 percent 
of the data. 

OR  

 

The Generator Owner 
performed the Reactive 
Power verification per 
Attachment 1, “Periodicity 
for conducting a new 
verification” item 1 or item 2 

Power capability of its 
applicable generating unit or 
applicable synchronous 
condenser, but submitted the 
data to its Transmission 
Planner more than 150 
calendar days, but within 180 
calendar days, of the date the 
data is recorded for a staged 
test or the date the data is 
selected for verification using 
historical operational data. 

 

OR  

 

The Generator Owner verified 
the Reactive Power capability, 
per Attachment 1 and 
submitted the data but was 
missing 67 to 99 percent of the 
data. 

OR  

 

The Generator Owner 
performed the Reactive Power 
verification per Attachment 1, 
“Periodicity for conducting a 
new verification” item 1 or 
item 2 (5 year requirement) but 
did so in more than 72 

capability of its applicable 
generating unit or applicable 
synchronous condenser, but 
submitted the data to its 
Transmission Planner more than 180 
calendar days of the date the data is 
recorded for a staged test or the date 
the data is selected for verification 
using historical operational data. 

OR 

 

The Generator Owner failed to 
verify the Reactive Power 
capability, per Attachment 1 of an 
applicable generating unit or 
synchronous condenser unit. 

 OR  

 

The Generator Owner performed the 
Reactive Power verification per 
Attachment 1, “Periodicity for 
conducting a new verification” item 
1 or item 2 (5 year requirement) but 
did so in more than 75 calendar 
months. 

 

OR  
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Attachment 1, “Periodicity 
for conducting a new 
verification” item 1 or item 
2 (5 year requirement) but 
did so in more than 66 
calendar months but less 
than or equal to 69 months. 

 

OR  

 

The Generator Owner 
performed the Reactive 
Power verification per 
Attachment 1, “Periodicity 
for conducting a new 
verification” item 1, 2 or 3 
(12 calendar month 
requirement) but did so in 
more than 12 calendar 
months but less than or 
equal to 13 calendar 
months. 

 

(5 year requirement) but did 
so in more than 69 calendar 
months but less than or equal 
to 72 months. 

 

OR  

 

The Generator Owner 
performed the Reactive 
Power verification per 
Attachment 1, “Periodicity 
for conducting a new 
verification” item 1, 2 or 3 
(12 calendar month 
requirement) but did so in 
more than 13 calendar 
months but less than or equal 
to 14 calendar months. 

 

calendar months but less than 
or equal to 75 months. 

 

OR  

 

The Generator Owner 
performed the Reactive Power 
verification per Attachment 1, 
“Periodicity for conducting a 
new verification” item 1, 2 or 3 
(12 calendar month 
requirement) but did so in 
more than 14 calendar months 
but less than or equal to 15 
calendar months. 

 

The Generator Owner performed the 
Reactive Power verification per 
Attachment 1, “Periodicity for 
conducting a new verification” item 
1, 2 or 3 (12 calendar month 
requirement) but did so in more than 
15 calendar months. 

 

R3 The Transmission Owner 
verified and recorded the 
Reactive Power capability 
of its applicable 
synchronous condenser, 
but submitted the data to its 
Transmission Planner more 

The Transmission Owner 
verified and recorded the 
Reactive Power capability of 
its applicable synchronous 
condenser, but submitted the 
data to its Transmission 
Planner more than 120 

The Transmission Owner 
verified and recorded the 
Reactive Power capability of 
an applicable synchronous 
condenser unit, but submitted 
the data to its Transmission 
Planner more than 150 

The Transmission Owner verified 
and recorded the Reactive Power 
capability of its applicable 
synchronous condenser, but 
submitted the data to its 
Transmission Planner more than 180 
calendar days of the date the data is 
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than 90 calendar days, but 
within 120 calendar days, 
of the date the data is 
recorded for a staged test 
or the date the data is 
selected for verification 
using historical operational 
data. 

 

OR  

 

The Transmission Owner 
verified the Reactive 
Power capability, per 
Attachment 1 and 
submitted the data but was 
missing 1 to up to and 
including 33 percent of the 
data. 

OR  

 

The Transmission Owner 
performed the Reactive 
Power verification per 
Attachment 1, “Periodicity 
for conducting a new 
verification” item 1 or item 
2 (5 year requirement) but 
did so in more than 66 
calendar months but less 

calendar days, but within 150 
calendar days, of the date the 
data is recorded for a staged 
test or the date the data is 
selected for verification 
using historical operational 
data. 

 

OR  

 

The Transmission Owner 
verified the Reactive Power 
capability, per Attachment 1 
and submitted the data but 
was missing 34 to 66 percent 
of the data. 

 

OR  

 

The Transmission Owner 
performed the Reactive 
Power verification per 
Attachment 1, “Periodicity 
for conducting a new 
verification” item 1 or item 2 
(5 year requirement) but did 
so in more than 69 calendar 
months but less than or equal 
to 72 months. 

calendar days, but within 180 
calendar days, of the date the 
data is recorded for a staged 
test or the date the data is 
selected for verification using 
historical operational data. 

 

OR  

 

The Transmission Owner 
verified the Reactive Power 
capability, per Attachment 1 
and submitted the data but was 
missing 67 to 99 percent of the 
data. 

 

OR  

 

The Transmission Owner 
performed the Reactive Power 
verification per Attachment 1, 
“Periodicity for conducting a 
new verification” item 1 or 
item 2 (5 year requirement) but 
did so in more than 72 
calendar months but less than 
or equal to 75 months. 

 

recorded for a staged test or the date 
the data is selected for verification 
using historical operational data. 

OR 

The Transmission Owner failed to 
verify the Reactive Power 
capability, per Attachment 1 of an 
applicable synchronous condenser 
unit. 

OR  

 

The Transmission Owner performed 
the verification per Attachment 1, 
“Periodicity for conducting a new 
verification” item 1 or item 2 (5 year 
requirement) but did so in more than 
75 calendar months. 

 

OR  

 

The Transmission Owner performed 
the Reactive Power verification per 
Attachment 1, “Periodicity for 
conducting a new verification” item 
1, 2 or 3 (12 calendar month 
requirement) but did so in more than 
15calendar months. 
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than or equal to 69 months. 

 

OR  

 

The Transmission Owner 
performed the Reactive 
Power verification per 
Attachment 1, “Periodicity 
for conducting a new 
verification” item 1, 2 or 3 
(12 calendar month 
requirement) but did so in 
more than 12 calendar 
months but less than or 
equal to 13 calendar 
months. 

 

OR  

 

The Transmission Owner 
performed the Reactive 
Power verification per 
Attachment 1, “Periodicity 
for conducting a new 
verification” item 1, 2 or 3 
(12 calendar month 
requirement) but did so in 
more than 13 calendar 
months but less than or equal 
to 14 calendar months. 

 

OR  

 

The Transmission Owner 
performed the Reactive Power 
verification per Attachment 1, 
“Periodicity for conducting a 
new verification” item 1, 2 or 3 
(12 calendar month 
requirement) but did so in 
more than 14 calendar months 
but less than or equal to 15 
calendar months. 
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D. Regional Variances 

None 

E. Associated Documents 

Version History 

Version Date Action Change Tracking 

1 12/1/2005 1. Changed tabs in footer. 

2. Removed comma after 2004 in 
“Development Steps Completed,” #1. 

3. Changed incorrect use of certain 
hyphens (-) to “en dash” (–) and “em 
dash (—).” 

4. Added “periods” to items where 
appropriate. 

5. Changed apostrophes to “smart” 
symbols. 

6. Changed “Timeframe” to “Time 
Frame” in item D, 1.2. 

7. Lower cased all instances of 
“regional” in section D.3. 

8. Removed the word “less” after 94% 
in section 3.4. Level 4. 

01/20/06 

2 February 7, 2013 Adopted by NERC Board of Trustees Revised per SAR for 
Project 2007-09 and 
combined with MOD-
024-1 

2 March 20, 2014 FERC Order issued approving MOD-
025-2. (Order becomes effective on 
7/1/16.) 
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MOD-025 Attachment 1 – Verification of Generator Real and Reactive Power Capability 
and Synchronous Condenser Reactive Power Capability 

 

Periodicity for conducting a new verification: 

The periodicity for performing Real and Reactive Power capability verification is as follows: 

1. For staged verification; verify each applicable Facility at least every five years (with no 
more than 66 calendar months between verifications), or within 12 calendar months of 
the discovery of a change that affects its Real Power or Reactive Power capability by 
more than 10 percent of the last reported verified capability and is expected to last more 
than six months. The first verification for each applicable Facility under this standard 
must be a staged test. 

2. For verification using operational data; verify each applicable Facility at least every five 
years (with no more than 66 calendar months between verifications), or within 12 
calendar months following the discovery that its Real Power or Reactive Power capability 
has changed by more than 10 percent of the last reported verified capability and is 
expected to last more than six months.  If data for different points is recorded on different 
days, designate the earliest of those dates as the verification date, and report that date as 
the verification date on MOD-025, Attachment 2 for periodicity purposes. 

3. For either verification method, verify each new applicable Facility within 12 calendar 
months of its commercial operation date.  Existing units that have been in long term shut 
down and have not been tested for more than five years shall be verified within 12 
calendar months.  

 

It is intended that Real Power testing be performed at the same time as full load Reactive Power 
testing, however separate testing is allowed for this standard.  For synchronous condensers, 
perform only the Reactive Power capability verifications as specified below.   

If the Reactive Power capability is verified through test, it is to be scheduled at a time 
advantageous for the unit being verified to demonstrate its Reactive Power capabilities while the 
Transmission Operator takes measures to maintain the plant's system bus voltage at the 
scheduled value or within acceptable tolerance of the scheduled value. 

 

Verification specifications for applicable Facilities: 

 

1. For generating units of 20 MVA or less that are part of a plant greater than 75 MVA in 
aggregate, record data either on an individual unit basis or as a group.  Perform 
verification individually for every generating unit or synchronous condenser greater 
than 20 MVA (gross nameplate rating). 

2. Verify with all auxiliary equipment needed for expected normal operation in service for 
both the Real Power and Reactive Power capability verification.  Perform verification 
with the automatic voltage regulator in service for the Reactive Power capability 
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verification.  Operational data from within the two years prior to the verification date is 
acceptable for the verification of either the Real Power or the Reactive Power 
capability, as long as a) that operational data meets the criteria in 2.1 through 2.4 below 
and b) the operational data demonstrates at least 90 percent of a previously staged test 
that demonstrated at least 50 percent of the Reactive capability shown on the associated 
thermal capability curve (D-curve).  If the previously staged test was unduly restricted 
(so that it did not demonstrate at least 50 percent of the associated thermal capability 
curve) by unusual generation or equipment limitations (e.g., capacitor or reactor banks 
out of service), then the next verification will be by another staged test, not operational 
data:  

2.1. Verify Real Power capability and Reactive Power capability over-excited 
(lagging) of all applicable Facilities at the applicable Facilities’ normal (not 
emergency) expected maximum Real Power output at the time of the 
verifications. 

2.1.1 Verify synchronous generating unit’s maximum real power and lagging 
reactive power for a minimum of one hour.  

2.1.2 Verify variable generating units, such as wind, solar, and run of river 
hydro, at the maximum Real Power output the variable resource can 
provide at the time of the verification.  Perform verification of Reactive 
Power capability of wind turbines and photovoltaic inverters with at least 
90 percent of the wind turbines or photovoltaic inverters at a site on-line.  
If verification of wind turbines or photovoltaic inverter Facility cannot be 
accomplished meeting the 90 percent threshold, document the reasons the 
threshold was not met and test to the full capability at the time of the test.  
Reschedule the test of the facility within six months of being able to reach 
the 90 percent threshold.  Maintain, as steady as practical, Real and 
Reactive Power output during verifications.  

2.2. Verify Reactive Power capability of all applicable Facilities, other than wind and 
photovoltaic, for maximum overexcited (lagging) and under-excited (leading) 
reactive capability for the following conditions: 

2.2.1 At the minimum Real Power output at which they are normally expected 
to operate collect maximum leading and lagging reactive values as soon as 
a limit is reached.  

2.2.2 At maximum Real Power output collect maximum leading reactive values 
as soon as a limit is reached. 

2.2.3 Nuclear Units are not required to perform Reactive Power verification at 
minimum Real Power output. 

2.3. For hydrogen-cooled generators, perform the verification at normal operating 
hydrogen pressure. 

2.4. Calculate the Generator Step-Up (GSU) transformer losses if the verification 
measurements are taken from the high side of the GSU transformer.  GSU 
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transformer real and reactive losses may be estimated, based on the GSU 
impedance, if necessary. 

3. Record the following data for the verifications specified above: 

3.1. The value of the gross Real and Reactive Power generating capabilities at the end 
of the verification period. 

3.2. The voltage schedule provided by the Transmission Operator, if applicable. 

3.3. The voltage at the high and low side of the GSU and/or system interconnection 
transformer(s) at the end of the verification period.  If only one of these values is 
metered, the other may be calculated. 

3.4. The ambient conditions, if applicable, at the end of the verification period that the 
Generator Owner requires to perform corrections to Real Power for different 
ambient conditions such as: 

 Ambient air temperature 

 Relative humidity 

 Cooling water temperature 

 Other data as determined to be applicable by the Generator Owner to perform 
corrections for ambient conditions. 

3.5. The date and time of the verification period, including start and end time in hours 
and minutes. 

3.6. The existing GSU and/or system interconnection transformer(s) voltage ratio and 
tap setting. 

3.7. The GSU transformer losses (real or reactive) if the verification measurements 
were taken from the high side of the GSU transformer. 

3.8. Whether the test data is a result of a staged test or if it is operational data. 

4. Develop a simplified key one-line diagram (refer to MOD-025, Attachment 2) showing 
sources of auxiliary Real and Reactive Power and associated system connections for 
each unit verified.  Include GSU and/or system Interconnection and auxiliary 
transformers.  Show Reactive Power flows, with directional arrows.  

4.1. If metering does not exist to measure specific Reactive auxiliary load(s), provide 
an engineering estimate and associated calculations.  Transformer Real and 
Reactive Power losses will also be estimates or calculations.  Only output data are 
required when using a computer program to calculate losses or loads.    

5. If an adjustment is requested by the Transmission Planner, then develop the 
relationships between test conditions and generator output so that the amount of Real 
Power that can be expected to be delivered from a generator can be determined at 
different conditions, such as peak summer conditions.  Adjust MW values tested to the 
ambient conditions specified by the Transmission Planner upon request and submit 
them to the Transmission Planner within 90 days of the request or the date the data was 
recorded/selected whichever is later. 
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Note 1: Under some transmission system conditions, the data points obtained by the Mvar 
verification required by the standard will not duplicate the manufacturer supplied 
thermal capability curve (D-curve).  However, the verification required by the 
standard, even when conducted under these transmission system conditions, may 
uncover applicable Facility limitations; such as rotor thermal instability, improper tap 
settings or voltage ratios, inaccurate AVR operation, etc., which could be further 
analyzed for resolution.  The Mvar limit level(s) achieved during a staged test or from 
operational data may not be representative of the unit’s reactive capability for 
extreme system conditions.  See Note 2.   

Note 2: While not required by the standard, it is desirable to perform engineering analyses to 
determine expected applicable Facility capabilities under less restrictive system 
voltages than those encountered during the verification.  Even though this analysis 
will not verify the complete thermal capability curve (D-curve), it provides a 
reasonable estimate of applicable Facility capability that the Transmission Planner 
can use for modeling.  

Note 3: The Reactive Power verification is intended to define the limits of the unit’s Reactive 
Power capabilities.  If a unit has no leading capability, then it should be reported with 
no leading capability; or the minimum lagging capability at which it can operate. 

Note 4: Synchronous Condensers only need to be tested at two points (one over-excited point 
and one under-excited point) since they have no Real Power output.   
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MOD-025 Attachment 2 

One-line Diagram, Table, and Summary for Verification Information Reporting 

Note: If the configuration of the applicable Facility does not lend itself to the use of the diagram, 
tables, or summaries for reporting the required information, changes may be made to this form, 
provided that all required information (identified in MOD-025, Attachment 1) is reported.  

Company: Reported By (name): 

Plant: Unit No.: Date of Report: 

 

Check all that apply: 

 

  Over-excited Full Load Reactive Power Verification 

  Under-excited Full Load Reactive Power Verification 

  Over-excited Minimum Load Reactive Power Verification 

  Under-excited Minimum Load Reactive Power Verification 

  Real Power Verification 

  Staged Test Data 

  Operational Data 

 

 

 

Simplified one-line diagram showing plant auxiliary Load connections and verification data: 

 

 

Aux bus 

B

Generator Step Up 

Point of 
interconnection 

D

E

Other point(s) of 
interconnection 

Auxiliary or 
Station Service 
Transformer(s) 

 

C 

* Positive numbers indicate power 

flow in direction of arrow; negative 

numbers indicate power flow in 

opposite direction of arrow. 

Aux bus 

Auxiliary or 
Station Service 
Transformer(s) Generator(s)

A 

Unit Auxiliary 
Transformer(s)

*
*

* * 

* 

F * 
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Point Voltage Real Power Reactive Power Comment 

A kV MW Mvar 

Sum multiple generators that are verified together 
or are part of the same unit. Report individual unit 
values separately whenever the verification 
measurements were taken at the individual unit.  
Individual values are required for units or 
synchronous condensers > 20 MVA. 

Identify calculated values, if any: 

B kV MW Mvar Sum multiple unit auxiliary transformers. 

Identify calculated values, if any: 

C kV MW Mvar Sum multiple tertiary Loads, if any. 

Identify calculated values,  if any: 

D kV MW Mvar 
Sum multiple auxiliary and station service 
transformers. 

Identify calculated values, if any: 

E kV MW Mvar 
If multiple points of Interconnection, describe 
these for accurate modeling; report points 
individually (sum multiple auxiliary transformers). 

F kV MW Mvar Net unit capability 

Identify calculated values, if any: 
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MOD-025 -Attachment 2 (continued) 
Verification Data 

Provide data by unit or Facility, as appropriate 

Data Type  Data Recorded  Last Verification

(Previous Data; 
will be blank for 

the initial 
verification) 

Gross Reactive Power Capability (*Mvar)     

Aux Reactive Power (*Mvar)      

Net Reactive Power Capability (*Mvar) equals Gross 
Reactive Power Capability (*Mvar) minus Aux 
Reactive Power connected at the same bus (*Mvar) 
minus tertiary Reactive Power connected at the same 
bus(*Mvar) 

    

Gross Real Power Capability (*MW)      

Aux Real Power (*MW)     

Net Real Power Capability (*MW) equals Gross Real 
Power Capability (*MW) minus Aux Real Power 
connected at the same bus (*MW) minus tertiary Real 
Power connected at the same bus(*MW) 

    

* Note: Enter values at the end of the verification period. 

GSU losses (only required if verification measurements 
are taken on the high side of the GSU - Mvar)  

    

Summary of Verification 

 Date of Verification _________,Verification Start Time _____, Verification End Time ______ 

 Scheduled Voltage ______________ 

 Transformer  Voltage Ratio: GSU ______, Unit Aux _____, Station Aux _____, Other Aux 

_____ 

 Transformer Tap Setting: GSU ______, Unit Aux _____, Station Aux _____, Other Aux _____  

 Ambient conditions at the end of the verification period:   

Air temperature: _________  

Humidity: _________ 

Cooling water temperature: _________  

Other data as applicable: _________ 
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 Generator hydrogen pressure at time of test (if applicable)  _____________ 

Date that data shown in last verification column in table above was taken  _____________ 

 

Remarks : 

 

 

Note: If the verification value did not reach the thermal capability curve (D-curve), describe the reason.  
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This appendix establishes specific provisions for the application of the standard in Québec. Provisions of 

the standard and of its appendix must be read together for the purposes of understanding and 

interpretation. Where the standard and appendix differ, the appendix shall prevail. 

A. Introduction 

1. Title: Verification and Data Reporting of Generator Real and Reactive Power 

Capability and Synchronous Condenser Reactive Power Capability 

2. Number: MOD-025-2 

3. Purpose: No specific provision 

4. Applicability: 

4.1. Functional entities 

No specific provision 

4.2. Facilities 

For the purpose of this standard, the term, “applicable Facility” shall mean any one of the 

following: 

4.2.1 Generating unit that is part of the Main Transmission System (RTP). 

4.2.2 Synchronous condenser that is part of the Main Transmission System (RTP). 

4.2.3 Generating plant/Facility that is part of the Main Transmission System (RTP). 

5. Effective Date: 

5.1. Adoption of the standard by the Régie de l’énergie: September 27, 2017 

5.2. Adoption of the appendix by the Régie de l’énergie: September 27, 2017 

5.3. Effective date of the standard and its appendix in Québec: October 1
st
, 2017 

 

Enforcement dates for generating stations connected to the RTP 

Applicable Facility 

         (all requirements) (%) 

Date of enforcement in Québec 

At least 40% of applicable facilities January 1st, 2018 

At least 60% of applicable facilities October 1st, 2018 

At least 80% of applicable facilities October 1st, 2019 

100% of applicable facilities October 1st, 2020 
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Applicable enforcement dates for generating stations not connected to the RTP 

Applicable Facility 

         (all requirements) (%) 

Date of enforcement in Québec 

At least 15% of applicable facilities  January 1st, 2018 

At least 50% of applicable facilities  October 1st, 2018 

At least 75% of applicable facilities  October 1st, 2019 

100% of applicable facilities October 1st, 2020 

 

B. Requirements 

No specific provision 

C. Measures 

No specific provision 

D. Compliance 

1. Compliance Monitoring Process 

1.1. Compliance Enforcement Authority 

The Régie de l’énergie is responsible, in Québec, for compliance monitoring with 

respect to the reliability standard and its appendix that it adopts. 

1.2. Evidence Retention 

No specific provision 

1.3. Compliance Monitoring and Assessment Processes 

No specific provision 

1.4. Additional Compliance Information 

No specific provision 

2. Violation Severity Levels 

No specific provision 

E. Regional Variances 

No specific provision 

F. Associated Documents  

No specific provision 

MOD-025-2 – Attachment 1 

No specific provision 
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MOD-025-2 – Attachment 2 

No specific provision 

Revision History 

Version Date Action Change Tracking 

0 September 27, 

2017 

New appendix New 

 



 



Standard MOD-026-1 — Verification of Models and Data for Generator Excitation Control 
System or Plant Volt/Var Control Functions 

A. Introduction 
1. Title: Verification of Models and Data for Generator Excitation Control System 

or Plant Volt/Var Control Functions 

2. Number: MOD-026-1 

3. Purpose: To verify that the generator excitation control system or plant volt/var 
control function1 model (including the power system stabilizer model and the 
impedance compensator model) and the model parameters used in dynamic simulations 
accurately represent the generator excitation control system or plant volt/var control 
function behavior when assessing Bulk Electric System (BES) reliability. 

4. Applicability: 
4.1. Functional Entities: 

4.1.1 Generator Owner  

4.1.2 Transmission Planner 

4.2. Facilities: 

For the purpose of the requirements contained herein, Facilities that are directly 
connected to the Bulk Electric System (BES) will be collectively referred as an 
“applicable unit” that meet the following: 

4.2.1 Generation in the Eastern or Quebec Interconnections with the following 
characteristics:  

4.2.1.1 Individual generating unit greater than 100 MVA (gross nameplate 
rating). 

4.2.1.2 Individual generating plant consisting of multiple generating units 
that are directly connected at a common BES bus with total 
generation greater than 100 MVA (gross aggregate nameplate 
rating). 

4.2.2 Generation in the Western Interconnection with the following 
characteristics: 

4.2.2.1 Individual generating unit greater than 75 MVA (gross nameplate 
rating). 

4.2.2.2 Individual generating plant consisting of multiple generating units 
that are directly connected at a common BES bus with total 
generation greater than 75 MVA (gross aggregate nameplate 
rating). 

1 Excitation control system or plant volt/var control function:   

a. For individual synchronous machines, the generator excitation control system includes the generator, 
exciter, voltage regulator, impedance compensation and power system stabilizer.   

b. For an aggregate generating plant, the volt/var control system includes the voltage regulator & reactive 
power control system controlling and coordinating plant voltage and associated reactive capable resources. 
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4.2.3 Generation in the ERCOT Interconnection with the following 
characteristics: 

4.2.3.1 Individual generating unit greater than 50 MVA (gross nameplate 
rating). 

4.2.3.2 Individual generating plant consisting of multiple generating units 
that are directly connected at a common BES bus with total 
generation greater than 75 MVA (gross aggregate nameplate 
rating). 

4.2.4 For all Interconnections: 

• A technically justified2 unit that meets NERC registry criteria but is 
not otherwise included in the above Applicability sections 4.2.1, 4.2.2, 
or 4.2.3 and is requested by the Transmission Planner. 

5. Effective Date:  
5.1. For Requirements R1, and R3 through R6, the first day of the first calendar 

quarter beyond the date that this standard is approved by applicable regulatory 
authorities or as otherwise made effective pursuant to the laws applicable to such 
ERO governmental authorities.  In those jurisdictions where regulatory approval 
is not required, the standard shall become effective on the first day of the first 
calendar quarter beyond the date this standard is approved by the NERC Board of 
Trustees, or as otherwise made effective pursuant to the laws applicable to such 
ERO governmental authorities. 

5.2. For Requirement R2, 30 percent of the entity’s applicable unit gross MVA for 
each Interconnection on the first day of the first calendar quarter that is four years 
following applicable regulatory approval or as otherwise made effective pursuant 
to the laws applicable to such ERO governmental authorities, or in those 
jurisdictions where no regulatory approval is required, on the first day of the first 
calendar quarter that is four years following NERC Board of Trustees adoption or 
as otherwise made effective pursuant to the laws applicable to such ERO 
governmental authorities. 

5.3. For Requirement R2, 50 percent of the entity’s applicable unit gross MVA for 
each Interconnection on first day of the first calendar quarter that is six years 
following applicable regulatory approval or as otherwise made effective pursuant 
to the laws applicable to such ERO governmental authorities, or in those 
jurisdictions where no regulatory approval is required, on the first day of the first 
calendar quarter that is six years following NERC Board of Trustees adoption or 
as otherwise made effective pursuant to the laws applicable to such ERO 
governmental authorities. 

5.4. For Requirement R2, 100 percent of the entity’s applicable unit gross MVA for 
each Interconnection on the first day of the first calendar quarter that is 10 years 

2  Technical justification is achieved by the Transmission Planner demonstrating that the simulated unit or plant 
response does not match the measured unit or plant response. 
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following applicable regulatory approval or as otherwise made effective pursuant 
to the laws applicable to such ERO governmental authorities, or in those 
jurisdictions where no regulatory approval is required, on the first day of the first 
calendar quarter that is 10 years following NERC Board of Trustees adoption or 
as otherwise made effective pursuant to the laws applicable to such ERO 
governmental authorities. 

 

B. Requirements 
R1. Each Transmission Planner shall provide the following requested information to the 

Generator Owner within 90 calendar days of receiving a written request :  [Violation 
Risk Factor:  Lower] [Time Horizon:  Operations Planning] 

• Instructions on how to obtain the list of excitation control system or plant volt/var 
control function models that are acceptable to the Transmission Planner for use in 
dynamic simulation, 

• Instructions on how to obtain the dynamic excitation control system or plant 
volt/var control function model library block diagrams and/or data sheets for 
models that are acceptable to the Transmission Planner, or 

• Model data for any of the Generator Owner’s existing applicable unit specific 
excitation control system or plant volt/var control function contained in the 
Transmission Planner’s dynamic database from the current (in-use) models, 
including generator MVA base. 

R2. Each Generator Owner shall provide for each applicable unit, a verified generator 
excitation control system or plant volt/var control function model, including 
documentation and data (as specified in Part 2.1) to its Transmission Planner in 
accordance with the periodicity specified in MOD-026 Attachment 1.  [Violation Risk 
Factor:  Medium] [Time Horizon:  Long-term Planning] 

2.1. Each applicable unit’s model shall be verified by the Generator Owner using one 
or more models acceptable to the Transmission Planner.  Verification for 
individual units less than 20 MVA (gross nameplate rating) in a generating plant 
(per Section 4.2.1.2, 4.2.2.2, or 4.2.3.2) may be performed using either individual 
unit or aggregate unit model(s), or both.  Each verification shall include the 
following: 

2.1.1. Documentation demonstrating the applicable unit’s model response 
matches the recorded response for a voltage excursion from either a staged 
test or a measured system disturbance, 

2.1.2. Manufacturer, model number (if available), and type of the excitation 
control system including, but not limited to static, AC brushless, DC 
rotating, and/or the plant volt/var control function (if installed), 

2.1.3. Model structure and data including, but not limited to reactance, time 
constants, saturation factors, total rotational inertia, or equivalent data for 
the generator, 
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2.1.4. Model structure and data for the excitation control system, including the 
closed loop voltage regulator if a closed loop voltage regulator is installed 
or the model structure and data for the plant volt/var control function 
system, 

2.1.5. Compensation settings (such as droop, line drop, differential 
compensation), if used, and 

2.1.6. Model structure and data for power system stabilizer, if so equipped. 

 

R3. Each Generator Owner shall provide a written response to its Transmission Planner 
within 90 calendar days of receiving one of the following items for an applicable unit: 

• Written notification from its Transmission Planner (in accordance with 
Requirement R6) that the excitation control system or plant volt/var control 
function model is not usable, 

• Written comments from its Transmission Planner identifying technical 
concerns with the verification documentation related to the excitation control 
system or plant volt/var control function model, or 

• Written comments and supporting evidence from its Transmission Planner 
indicating that the simulated excitation control system or plant volt/var control 
function model response did not match the recorded response to a 
transmission system event. 

The written response shall contain either the technical basis for maintaining the current 
model, the model changes, or a plan to perform model verification3 (in accordance with 
Requirement R2).  [Violation Risk Factor:  Lower] [Time Horizon:  Operations 
Planning] 

R4. Each Generator Owner shall provide revised model data or plans to perform model 
verification4 (in accordance with Requirement R2) for an applicable unit to its 
Transmission Planner within 180 calendar days of making changes to the excitation 
control system or plant volt/var control function that alter the equipment response 
characteristic.5  [Violation Risk Factor:  Lower] [Time Horizon:  Operations Planning] 

3  If verification is performed, the 10-year period as outlined in MOD-026 Attachment 1 is reset. 
4 Ibid 
5 Exciter, voltage regulator, plant volt/var or power system stabilizer control replacement including software alterations that alter 
excitation control system equipment response, plant digital control system addition or replacement, plant digital control system 
software alterations that alter excitation control system equipment response, plant volt/var function equipment addition or 
replacement (such as static var systems, capacitor banks, individual unit excitation systems, etc), a change in the voltage control 
mode (such as going from power factor control to automatic voltage control, etc), exciter, voltage regulator, impedance 
compensator, or power system stabilizer settings change. Automatic changes in settings that occur due to changes in operating 
mode do not apply to Requirement R4. 
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R5. Each Generator Owner shall provide a written response to its Transmission Planner, 
within 90 calendar days following receipt of a technically justified6 unit request from 
the Transmission Planner to perform a model review of a unit or plant that includes one 
of the following:  [Violation Risk Factor:  Lower] [Time Horizon:  Operations 
Planning] 

• Details of plans to verify the model (in accordance with Requirement R2), or 

• Corrected model data including the source of revised model data such as 
discovery of manufacturer test values to replace generic model data or 
updating of data parameters based on an on-site review of the equipment. 

R6. Each Transmission Planner shall provide a written response to the Generator Owner 
within 90 calendar days of receiving the verified excitation control system or plant 
volt/var control function model information in accordance with Requirement R2 that 
the model is usable (meets the criteria specified in Parts 6.1 through 6.3) or is not 
usable.   
6.1. The excitation control system or plant volt/var control function model initializes 

to compute modeling data without error, 

6.2. A no-disturbance simulation results in negligible transients, and 

6.3. For an otherwise stable simulation, a disturbance simulation results in the 
excitation control and plant volt/var control function model exhibiting positive 
damping. 

If the model is not usable, the Transmission Planner shall provide a technical 
description of why the model is not usable.  [Violation Risk Factor:  Medium] [Time 
Horizon:  Operations Planning] 

C. Measures 
M1. The Transmission Planner must have and provide the dated request for instructions or 

data, the transmitted instructions or data, and dated evidence of a written transmittal 
(e.g., electronic mail message, postal receipt, or confirmation of facsimile) as evidence 
that it provided the request within 90 calendar days in accordance with Requirement 
R1. 

M2. The Generator Owner must have and provide dated evidence it verified each generator 
excitation control system or plant volt/var control function model according to Part 2.1 
for each applicable unit and a dated transmittal (e.g., electronic mail message, postal 
receipt, or confirmation of facsimile) as evidence it provided the model, 
documentation, and data to its Transmission Planner, in accordance with Requirement 
R2. 

M3. Evidence for Requirement R3 must include the Generator Owner’s dated written 
response containing the information identified in Requirement R3 and dated evidence 

6 Technical justification is achieved by the Transmission Planner demonstrating that the simulated unit or plant 
response does not match the measured unit or plant response. 
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of transmittal (e.g., electronic mail message, postal receipt, or confirmation of 
facsimile) of the response. 

M4. Evidence for Requirement R4 must include, for each of the Generator Owner’s 
applicable units for which system changes specified in Requirement R4 were made, a 
dated revised model data or plans to perform a model verification and dated evidence 
(e.g., electronic mail message, postal receipt, or confirmation of facsimile) it provided 
the revised model and data or plans within 180 calendar days of making changes. 

M5. Evidence for Requirement R5 must include the Generator Owner’s dated written 
response containing the information identified in Requirement R5 and dated evidence 
(e.g., electronic mail message, postal receipt, or confirmation of facsimile) it provided 
a written response within 90 calendar days following receipt of a technically justified 
request. 

M6. Evidence of Requirement R6 must include, for each model received, the dated response 
indicating the model was usable or not usable according to the criteria specified in 
Parts 6.1 through 6.3 and for a model that is not usable, a technical description; and 
dated evidence of transmittal (e.g., electronic mail message, postal receipt, or 
confirmation of facsimile) that the Generator Owner was notified within 90 calendar 
days of receipt of model information. 

D. Compliance 
1. Compliance Monitoring Process 

1.1. Compliance Enforcement Authority 
The Regional Entity shall serve as the Compliance Enforcement Authority unless 
the applicable entity is owned, operated, or controlled by the Regional Entity.  In 
such cases the ERO or a Regional entity approved by FERC or other applicable 
governmental authority shall serve as the CEA. 

 

1.2. Data Retention 
The following evidence retention periods identify the period of time an entity is 
required to retain specific evidence to demonstrate compliance.  For instances 
where the evidence retention period specified below is shorter than the time since 
the last audit, the Compliance Enforcement Authority may ask an entity to 
provide other evidence to show that it was compliant for the full time period since 
the last audit. 

The Generator Owner and Transmission Planner shall each keep data or evidence 
to show compliance as identified below unless directed by its Compliance 
Enforcement Authority to retain specific evidence for a longer period of time as 
part of an investigation: 

• The Transmission Planner shall retain the information/data request and 
provided response evidence of Requirements R1 and R6, Measures M1 and 
M6 for three calendar years from the date the document was provided. 
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• The Generator Owner shall retain the latest excitation control system or plant 
volt/var control function model verification evidence of Requirement R2, 
Measure M2. 

• The Generator Owner shall retain the information/data request and provided 
response evidence of Requirements R3 through R5, and Measures M3 through 
M5 for three calendar years from the date the document was provided. 

If a Generator Owner or Transmission Planner is found non-compliant, it shall 
keep information related to the non-compliance until mitigation is complete or 
approved or for the time specified above, whichever is longer. 

The Compliance Enforcement Authority shall keep the last audit records and all 
requested and submitted subsequent audit records. 

1.3. Compliance Monitoring and Assessment Processes 
Compliance Audit 

Self-Certification 

Spot Checking 

Compliance Investigation 

Self-Reporting 

Complaints 

1.4. Additional Compliance Information 
None 
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2. Violation Severity Levels 

R # Lower VSL Moderate VSL High VSL Severe VSL 

R1 The Transmission Planner provided 
the instructions and data to the 
Generator Owner more than 90 
calendar days but less than or equal 
to 120 calendar days of receiving a 
written request. 

The Transmission Planner provided 
the instructions and data to the 
Generator Owner more than 120 
calendar days but less than or equal 
to 150 calendar days of receiving a 
written request. 

The Transmission Planner provided 
the instructions and data to the 
Generator Owner more than 150 
calendar days but less than or equal 
to 180 calendar days of receiving a 
written request. 

The Transmission Planner failed to 
provide the instructions and data to 
the Generator Owner within 180 
calendar days of receiving a written 
request. 

R2 The Generator Owner provided its 
verified model(s), including 
documentation and data to its 
Transmission Planner after the 
timeframe specified in MOD-026 
Attachment 1 but less than or equal 
to 90 calendar days late; 

OR 

The Generator Owner provided the 
Transmission Planner verified 
models that omitted one of the six 
Parts identified in Requirement R2, 
Parts 2.1.1 through 2.1.6. 

The Generator Owner provided its 
verified model(s), including 
documentation and data to its 
Transmission Planner more than 90 
calendar days but less than or equal 
to 180 calendar days late as specified 
by the periodicity timeframe in 
MOD-026 Attachment 1. 

OR 

The Generator Owner provided the 
Transmission Planner verified 
models that omitted two of the six 
Parts identified in Requirement R2, 
Parts 2.1.1 through 2.1.6. 

The Generator Owner provided its 
verified model(s), including 
documentation and data to its 
Transmission Planner more than 180 
calendar days but less than or equal 
to 270 calendar days late as specified 
by the periodicity timeframe in 
MOD-026 Attachment 1. 

OR 

The Generator Owner provided the 
Transmission Planner verified 
models that omitted three of the six 
Parts identified in Requirement R2, 
Parts 2.1.1 through 2.1.6. 

The Generator Owner provided its 
verified model(s), including 
documentation and data more than 
270 calendar days late to its 
Transmission Planner in accordance 
with the periodicity specified in 
MOD-026 Attachment 1. 

OR 

The Generator Owner failed to use 
model(s) acceptable to the 
Transmission Planner as specified in 
Requirement R2, Part 2.1. 

OR 

The Generator Owner provided the 
Transmission Planner verified 
model(s) but omitted four or more of 
the six parts identified in 
Requirement R2, Subparts 2.1.1 
through 2.1.6. 
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R # Lower VSL Moderate VSL High VSL Severe VSL 

R3 The Generator Owner provided a 
written response more than 90 
calendar days but less than or equal 
to 120 calendar days of receiving 
written notice. 

The Generator Owner provided a 
written response more than 120 
calendar days but less than or equal 
to 150 calendar days of receiving 
written notice. 

The Generator Owner provided a 
written response more than 150 
calendar days but less than or equal 
to 180 calendar days of receiving 
written notice. 

The Generator Owner failed to 
provide a written response within 
180 calendar days of receiving 
written notice. 

OR 

The Generator Owner's written 
response failed to contain either the 
technical basis for maintaining the 
current model, or a list of future 
model changes, or a plan to perform 
another model verification. 

R4 The Generator Owner provided 
revised model data or plans to 
perform model verification more 
than 180 calendar days but less than 
or equal to 210 calendar days of 
making changes to the excitation 
control system or plant volt/var 
control function that altered the 
equipment response characteristic. 

The Generator Owner provided 
revised model data or plans to 
perform model verification more 
than 210 calendar days but less than 
or equal to 240 calendar days of 
making changes to the excitation 
control system or plant volt/var 
control function that altered the 
equipment response characteristic. 

The Generator Owner provided 
revised model data or plans to 
perform model verification more 
than 240 calendar days but less than 
or equal to 270 calendar days of 
making changes to the excitation 
control system or plant volt/var 
control function that altered the 
equipment response characteristic. 

The Generator Owner failed to 
provide revised model data or failed 
to provide plans to perform model 
verification within 270 calendar days 
of making changes to the excitation 
control system or plant volt/var 
control function that altered the 
equipment response characteristic. 

R5 The Generator Owner provided a 
written response more than 90 
calendar days but less than or equal 
to 120 calendar days to the 
Transmission Planner following 
receipt of a technically justified 
request to perform a model review of 
an applicable unit. 

The Generator Owner provided a 
written response more than 120 
calendar days but less than or equal 
to 150 calendar days to the 
Transmission Planner following 
receipt of a technically justified 
request to perform a model review of 
an applicable unit. 

The Generator Owner provided a 
written response more than 150 
calendar days but less than or equal 
to 180 calendar days to the 
Transmission Planner following 
receipt of a technically justified 
request to perform a model review of 
an applicable unit. 

 

 

The Generator Owner failed to 
provide a written response to the 
Transmission Planner within 180 
calendar days following receipt of a 
technically justified request to 
perform a model review of an 
applicable unit. 

OR 

The Generator Owner’s written 
response failed to include one of the 
sub bullets of Requirement R5. 
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R # Lower VSL Moderate VSL High VSL Severe VSL 

R6 The Transmission Planner provided 
a written response to the Generator 
Owner indicating whether the model 
is usable or not usable; including a 
technical description if the model is 
not usable, more than 90 calendar 
days but less than or equal to 120 
calendar days of receiving verified 
model information. 

The Transmission Planner provided 
a written response to the Generator 
Owner indicating whether the model 
is usable or not usable; including a 
technical description if the model is 
not usable, more than 120 calendar 
days but less than or equal to 150 
calendar days of receiving the 
verified model information. 

OR 

The Transmission Planner’s written 
response omitted confirmation for 
one of the specified model criteria 
listed in Requirement R6, Parts 6.1 
through 6.3. 

The Transmission Planner provided 
a written response to the Generator 
Owner indicating whether the model 
is usable or not usable; including a 
technical description if the model is 
not usable, more than 150 calendar 
days but less than or equal to 180 
calendar days of receiving the 
verified model information. 

OR 

The Transmission Planner’s written 
response omitted confirmation for 
two of the specified model criteria 
listed in Requirement R6, Parts 6.1 
through 6.3. 

The Transmission Planner failed to 
provide a written response to the 
Generator Owner within 180 
calendar days of receiving the 
verified model information. 

OR 

The Transmission Planner’s written 
response omitted confirmation for all 
specified model criteria listed in 
Requirement R6, Parts 6.1 through 
6.3. 
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E. Regional Variances 

None. 

F. Associated Documents 
None. 

Version History 
Version Date Action Change Tracking 

1 February 7, 2013 Adopted by NERC Board of 
Trustees 

New 

1 March 20, 2014 FERC Order issued approving 
MOD-026-1. (Order becomes 
effective for R1, R3, R4, R5, and 
R6 on 7/1/14. R2 becomes 
effective on 7/1/18.) 
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MOD-026 Attachment 1 
Excitation Control System or Plant Volt/Var Function Model Verification Periodicity 

Row Number Verification Condition Required Action 

1 Establishing the initial verification date for an applicable 
unit. 

(Requirement R2) 

Transmit the verified model, documentation and data to the Transmission 
Planner on or before the Effective Date. 

Row 4 applies when calculating generation fleet compliance during the 10-
year implementation period. 

See Section A5 for Effective Dates. 

2 Subsequent verification for an applicable unit. 

(Requirement R2) 

Transmit the verified model, documentation and data to the Transmission 
Planner on or before the 10-year anniversary of the last transmittal (per Note 
1). 

3  Initial verification for a new applicable unit or for an 
existing applicable unit with new excitation control system 
or plant volt/var control function equipment installed. 

(Requirement R2) 

Transmit the verified model, documentation and data to the Transmission 
Planner within 365 calendar days after the commissioning date. 
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MOD-026 Attachment 1 
Excitation Control System or Plant Volt/Var Function Model Verification Periodicity 

Row Number Verification Condition Required Action 

4 Existing applicable unit that is equivalent to another unit(s) 
at the same physical location. 

AND 

Each applicable unit has the same MVA nameplate rating. 

AND 

The nameplate rating is ≤ 350 MVA. 

AND 

Each applicable unit has the same components and settings. 

AND 

The model for one of these equivalent applicable units has 
been verified. 

(Requirement R2) 

Document circumstance with a written statement and include with the 
verified model, documentation and data provided to the Transmission 
Planner for the verified equivalent unit. 

Verify a different equivalent unit during each 10-year verification period. 

Applies to Row 1 when calculating generation fleet compliance during the 
10-year implementation period. 

5 The Generator Owner has submitted a verification plan. 

(Requirement R3, R4 or R5) 

Transmit the verified model, documentation and data to the Transmission 
Planner within 365 calendar days after the submittal of the verification plan. 
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MOD-026 Attachment 1 
Excitation Control System or Plant Volt/Var Function Model Verification Periodicity 

Row Number Verification Condition Required Action 

6 New or existing applicable unit does not include an active 
closed loop voltage or reactive power control function. 

(Requirement R2) 

Requirement 2 is met with a written statement to that effect transmitted to 
the Transmission Planner. 

Perform verification per the periodicity specified in Row 3 for a “New 
Generating Unit” (or new equipment) only if active closed loop function is 
established. 

See Footnote 1 (see Section A.3) for clarification of what constitutes an 
active closed loop function for both conventional synchronous machines 
(reference Footnote 1a) and aggregate generating plants (reference Footnote 
1b). 

7 Existing applicable unit has a current average net capacity 
factor over the most recent three calendar years, beginning 
on January 1 and ending on December 31 of 5% or less. 

(Requirement R2) 

 

Requirement 2 is met with a written statement to that effect transmitted to 
the Transmission Planner. 

At the end of this 10-year timeframe, the current average three year net 
capacity factor (for years 8, 9, and 10) can be examined to determine if the 
capacity factor exemption can be declared for the next 10-year period.  If not 
eligible for the capacity factor exemption, then model verification must be 
completed within 365 calendar days of the date the capacity factor 
exemption expired. 

For the definition of net capacity factor, refer to Appendix F of the GADS 
Data Reporting Instructions on the NERC website. 
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MOD-026 Attachment 1 
Excitation Control System or Plant Volt/Var Function Model Verification Periodicity 

Row Number Verification Condition Required Action 

NOTES: 
NOTE 1:  Establishing the recurring 10-year unit verification period start date: 

The start date is the actual date of submittal of a verified model to the Transmission Planner for the most recently performed unit verification. 

NOTE 2:  Consideration for early compliance: 

Existing generator excitation control system or plant volt/var control function model verification is sufficient for demonstrating compliance for a 10-year period 
from the actual transmittal date if either of the following applies: 

• The Generator Owner has a verified model that is compliant with the applicable regional policies, guidelines or criteria existing at the time of model 
verification. 

• The Generator Owner has an existing verified model that is compliant with the requirements of this standard. 
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Appendix QC-MOD-026-1 
Provisions specific to the standard MOD-026-1 applicable in Québec 

 Page QC-1 of 3 

This appendix establishes specific provisions for the application of the standard in Québec. Provisions of 

the standard and of its appendix must be read together for the purposes of understanding and 

interpretation. Where the standard and appendix differ, the appendix shall prevail. 

A. Introduction 

1. Title: Verification of Models and Data for Generator Excitation Control System or 

Plant Volt/Var Control Functions 

2. Number: MOD-026-1 

3. Purpose: No specific provision 

4. Applicability: 

4.1. Functional entities 

No specific provision 

4.2. Facilities 

For the purpose of the requirements contained herein, Facilities that form part of 

the Main Transmission System (RTP) will be collectively referred as an “applicable 

unit” that meet the following: 

4.2.1 No specific provision 

4.2.1.1 No specific provision 

4.2.1.2 Individual generating plant consisting of multiple generating 

units that is part of the Main Transmission System (RTP) with 

total generation greater than 100 MVA (gross aggregate 

nameplate rating). 

4.2.2 No specific provision 

4.2.3 No specific provision 

4.2.4 A technically justified
1
 Main Transmission System (RTP) Facility that is not 

otherwise included in the above Applicability sections 4.2.1, 4.2.2, or 4.2.3 

and that is requested by the Transmission Planner. 

5. Effective Date: 

5.1. Adoption of the standard by the Régie de l’énergie: September 27, 2017 

5.2. Adoption of the appendix by the Régie de l’énergie: September 27, 2017 

5.3. Effective date of the standard and its appendix in Québec: January 1
st
, 2017 

 

 

 

 

                                                      

1
 Technical justification is achieved by the Transmission Planner demonstrating that the simulated unit or plant 

response does not match the measured unit or plant response. 
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Applicable enforcement dates for applicable facilities 

Requirements 

 

Applicability Date of enforcement in 

Québec 

R1 

R3 to R6 

100% of applicable 

facilities 

January 1st, 2018 

R2 

 

30% of applicable 

facilities 

October 1st, 2020 

50% of applicable 

facilities 

October 1st, 2022 

100% of applicable 

facilities 

October 1st, 2025 

 

B. Requirements 

No specific provision 

C. Measures 

No specific provision 

D. Compliance 

1. Compliance Monitoring Process 

1.1. Compliance Enforcement Authority 

The Régie de l’énergie is responsible, in Québec, for compliance monitoring with 

respect to the reliability standard and its appendix that it adopts. 

1.2. Evidence Retention 

No specific provision 

1.3. Compliance Monitoring and Assessment Processes 

No specific provision 

1.4. Additional Compliance Information 

No specific provision 

2. Violation Severity Levels 

No specific provision 

E. Regional Variances 

No specific provision 

F. Associated Documents  

No specific provision 
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G. References  

No specific provision 

MOD-026-1 – Attachment 1 

No specific provision 

Revision History 

Version Date Action Change Tracking 

0 September 27, 

2017 

New appendix New 

 



 



Standard MOD-027-1 — Verification of Models and Data for Turbine/Governor and Load 
Control or Active Power/Frequency Control Functions 

A. Introduction 
1. Title: Verification of Models and Data for Turbine/Governor and Load Control 

or Active Power/Frequency Control Functions 
2. Number: MOD-027-1 
3. Purpose: To verify that the turbine/governor and load control or active 

power/frequency control1 model and the model parameters, used in dynamic 
simulations that assess Bulk Electric System (BES) reliability, accurately represent 
generator unit real power response to system frequency variations. 

4. Applicability: 
4.1. Functional entities 

4.1.1 Generator Owner 
4.1.2 Transmission Planner 

4.2. Facilities 
For the purpose of the requirements contained herein, Facilities that are directly 
connected to the Bulk Electric System (BES) will be collectively referred to as an 
“applicable unit” that meet the following: 

4.2.1 Generation in the Eastern or Quebec Interconnections with the following 
characteristics: 
4.2.1.1 Individual generating unit greater than 100 MVA (gross nameplate 

rating). 

4.2.1.2 Individual generating plant consisting of multiple generating units 
that are directly connected at a common BES bus with total 
generation greater than 100 MVA (gross aggregate nameplate 
rating). 

4.2.2 Generation in the Western Interconnection with the following 
characteristics: 
4.2.2.1 Individual generating unit greater than 75 MVA (gross nameplate 

rating). 

4.2.2.2 Individual generating plant consisting of multiple generating units 
that are directly connected at a common BES bus with total 
generation greater than 75 MVA (gross aggregate nameplate 
rating). 

4.2.3 Generation in the ERCOT Interconnection with the following 
characteristics: 

1 Turbine/governor and load control or active power/frequency control: 

a. Turbine/governor and load control applies to conventional synchronous generation. 

b. Active power/frequency control applies to inverter connected generators (often found at variable energy plants). 
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4.2.3.1 Individual generating unit greater than 50 MVA (gross nameplate 
rating). 

4.2.3.2 Individual generating plant consisting of multiple generating units 
that are directly connected at a common BES bus with total 
generation greater than 75 MVA (gross aggregate nameplate 
rating). 

 
5. Effective Date: 

5.1. For Requirements R1, and R3 through R5, the first day of the first calendar 
quarter beyond the date that this standard is approved by applicable regulatory 
authorities or as otherwise made effective pursuant to the laws applicable to such 
ERO governmental authorities.  In those jurisdictions where regulatory approval 
is not required, the standard shall become effective on the first day of the first 
calendar quarter beyond the date this standard is approved by the NERC Board of 
Trustees, or as otherwise made effective pursuant to the laws applicable to such 
ERO governmental authorities. 

5.2. For Requirement R2, 30 percent of the entity’s applicable unit gross MVA for 
each Interconnection on the first day of the first calendar quarter that is four years 
following applicable regulatory approval or as otherwise made effective pursuant 
to the laws applicable to such ERO governmental authorities, or in those 
jurisdictions where no regulatory approval is required, on the first day of the first 
calendar quarter that is four years following NERC Board of Trustees adoption or 
as otherwise made effective pursuant to the laws applicable to such ERO 
governmental authorities. 

5.3. For Requirement R2, 50 percent of the entity’s applicable unit gross MVA for 
each Interconnection on first day of the first calendar quarter that is six years 
following applicable regulatory approval or as otherwise made effective pursuant 
to the laws applicable to such ERO governmental authorities, or in those 
jurisdictions where no regulatory approval is required, on the first day of the first 
calendar quarter that is six years following NERC Board of Trustees adoption or 
as otherwise made effective pursuant to the laws applicable to such ERO 
governmental authorities. 

5.4. For Requirement R2, 100 percent of the entity’s applicable unit gross MVA for 
each Interconnection on the first day of the first calendar quarter that is 10 years 
following applicable regulatory approval or as otherwise made effective pursuant 
to the laws applicable to such ERO governmental authorities, or in those 
jurisdictions where no regulatory approval is required, on the first day of the first 
calendar quarter that is 10 years following NERC Board of Trustees adoption or 
as otherwise made effective pursuant to the laws applicable to such ERO 
governmental authorities. 
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B. Requirements 
R1. Each Transmission Planner shall provide the following requested information to the 

Generator Owner within 90 calendar days of receiving a written request:  [Violation 
Risk Factor:  Lower] [Time Horizon:  Operations Planning] 
• Instructions on how to obtain the list of turbine/governor and load control or active 

power/frequency control system models that are acceptable to the Transmission 
Planner for use in dynamic simulation, 

• Instructions on how to obtain the dynamic turbine/governor and load control or 
active power/frequency control function model library block diagrams and/or data 
sheets for models that are acceptable to the Transmission Planner, or 

• Model data for any of the Generator Owner’s existing applicable unit specific 
turbine/governor and load control or active power/frequency control system 
contained in the Transmission Planner’s dynamic database from the current (in-use) 
models. 

R2. Each Generator Owner shall provide, for each applicable unit, a verified 
turbine/governor and load control or active power/frequency control model, including 
documentation and data (as specified in Part 2.1) to its Transmission Planner in 
accordance with the periodicity specified in MOD-027 Attachment 1.  [Violation Risk 
Factor:  Medium] [Time Horizon:  Long-term Planning] 
2.1. Each applicable unit’s model shall be verified by the Generator Owner using one 

or more models acceptable to the Transmission Planner.  Verification for 
individual units rated less than 20 MVA (gross nameplate rating) in a generating 
plant (per Section 4.2.1.2, 4.2.2.2, or 4.2.3.2) may be performed using either 
individual unit or aggregate unit model(s) or both.  Each verification shall include 
the following: 

2.1.1. Documentation comparing the applicable unit’s MW model response to 
the recorded MW response for either: 

• A frequency excursion from a system disturbance that meets 
MOD-027 Attachment 1 Note 1 with the applicable unit on-line, 

• A speed governor reference change with the applicable unit on-
line, or 

• A partial load rejection test,2 

2.1.2. Type of governor and load control or active power control/frequency 
control3 equipment, 

2 Differences between the control mode tested and the final simulation model must be identified, particularly when analyzing 
load rejection data. Most controls change gains or have a set point runback which takes effect when the breaker opens. Load or 
set point controls will also not be in effect once the breaker opens. Some method of accounting for these differences must be 
presented if the final model is not validated from on-line data under the normal operating conditions under which the model is 
expected to apply. 
3  Turbine/governor and load control or active power/frequency control: 
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2.1.3. A description of the turbine (e.g. for hydro turbine - Kaplan, Francis, or 
Pelton; for steam turbine - boiler type, normal fuel type, and turbine type; 
for gas turbine - the type and manufacturer; for variable energy plant - 
type and manufacturer), 

2.1.4. Model structure and data for turbine/governor and load control or active 
power/frequency control, and 

2.1.5. Representation of the real power response effects of outer loop controls 
(such as operator set point controls, and load control but excluding AGC 
control) that would override the governor response (including blocked or 
nonfunctioning governors or modes of operation that limit Frequency 
Response), if applicable. 

R3. Each Generator Owner shall provide a written response to its Transmission Planner 
within 90 calendar days of receiving one of the following items for an applicable unit.   

• Written notification, from its Transmission Planner (in accordance with 
Requirement R5) that  the turbine/governor and load control or active 
power/frequency control model is not “usable,” 

• Written comments from its Transmission Planner identifying technical 
concerns with the verification documentation related to the turbine/governor 
and load control or active power/frequency control model, or 

• Written comments and supporting evidence from its Transmission Planner 
indicating that the simulated turbine/governor and load control or active 
power/frequency control response did not approximate the recorded response 
for three or more transmission system events. 

 The written response shall contain either the technical basis for maintaining the current 
model, the model changes, or a plan to perform model verification4 (in accordance with 
Requirement R2).  [Violation Risk Factor:  Lower] [Time Horizon:  Operations 
Planning] 

R4. Each Generator Owner shall provide revised model data or plans to perform model 
verification5 (in accordance with Requirement R2) for an applicable unit to its 
Transmission Planner within 180 calendar days of making changes to the 
turbine/governor and load control or active power/frequency control system that alter 
the equipment response characteristic6.  [Violation Risk Factor:  Lower] [Time 
Horizon:  Operations Planning] 

a. Turbine/governor and load control applies to conventional synchronous generation. 

b. Active power/frequency control applies to inverter connected generators (often found at variable energy plants). 
4 If verification is performed, the 10 year period as outlined in MOD-027 Attachment 1 is reset. 
5 Ibid. 
6 Control replacement or alteration including software alterations or plant digital control system addition or replacement, plant 
digital control system software alterations that alter droop, and/or dead band, and/or frequency response and/or a change in the 
frequency control mode (such as going from droop control to constant MW control, etc). 
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R5. Each Transmission Planner shall provide a written response to the Generator Owner 
within 90 calendar days of receiving the turbine/governor and load control or active 
power/frequency control system verified model information in accordance with 
Requirement R2 that the model is usable (meets the criteria specified in Parts 5.1 
through 5.3) or is not usable.   

5.1. The turbine/governor and load control or active power/frequency control function 
model initializes to compute modeling data without error, 

5.2. A no-disturbance simulation results in negligible transients, and 
5.3. For an otherwise stable simulation, a disturbance simulation results in the 

turbine/governor and load control or active power/frequency control model 
exhibiting positive damping. 

If the model is not usable, the Transmission Planner shall provide a technical 
description of why the model is not usable.  [Violation Risk Factor:  Medium] [Time 
Horizon:  Operations Planning] 

C. Measures 
M1. The Transmission Planner must have and provide the dated request for instructions or 

data, the transmitted instruction or data, and dated evidence of a written transmittal 
(e.g., electronic mail message, postal receipt, or confirmation of facsimile) as evidence 
that it provided the request within 90 calendar days in accordance with Requirement 
R1. 

M2. The Generator Owner must have and provide dated evidence it verified each generator 
turbine/governor and load control or active power/frequency control model according 
to Part 2.1 for each applicable unit and a dated transmittal (e.g., electronic mail 
message, postal receipt, or confirmation of facsimile) as evidence it provided the 
model, documentation, and data to its Transmission Planner, in accordance with 
Requirement R2. 

M3. Evidence for Requirement R3 must include the Generator Owner’s dated written 
response containing the information identified in Requirement R3 and dated evidence 
of transmittal (e.g., electronic mail message, postal receipt, or confirmation of 
facsimile) of the response. 

M4. Evidence for Requirement R4 must include, for each of the Generator Owner’s 
applicable units for which system changes specified in Requirement R4 were made, 
dated revised model data or dated plans to perform a model verification and dated 
evidence of transmittal (e.g., electronic mail message, postal receipt, or confirmation of 
facsimile) within 180 calendar days of making changes. 

M5. Evidence of Requirement R5 must include, for each model received, the dated response 
indicating the model was usable or not usable according to the criteria specified in 
Parts 5.1 through 5.3 and for a model that is not useable, a technical description is the 
model is not usable, and dated evidence of transmittal (e.g., electronic mail messages, 
postal receipts, or confirmation of facsimile) that the Generator Owner was notified 
within 90 calendar days of receipt of model information in accordance with 
Requirement R5. 
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D. Compliance 
1. Compliance Monitoring Process 

1.1. Compliance Enforcement Authority 
The Regional Entity shall serve as the Compliance Enforcement Authority unless 
the applicable entity is owned, operated, or controlled by the Regional Entity. In 
such cases the ERO or a Regional entity approved by FERC or other applicable 
governmental authority shall serve as the CEA. 

1.2. Data Retention 
The following evidence retention periods identify the period of time an entity is 
required to retain specific evidence to demonstrate compliance.  For instances 
where the evidence retention period specified below is shorter than the time since 
the last audit, the Compliance Enforcement Authority may ask an entity to 
provide other evidence to show that it was compliant for the full time period since 
the last audit. 
The Generator Owner and Transmission Planner shall each keep data or evidence 
to show compliance as identified below unless directed by its Compliance 
Enforcement Authority to retain specific evidence for a longer period of time as 
part of an investigation: 
• The Transmission Planner shall retain the information/data request and 

provided response evidence of Requirements R1 and R5, Measures M1 and 
M5 for 3 calendar years from the date the document was provided. 

• The Generator Owner shall retain the latest turbine/governor and load control 
or active power/frequency control system model verification evidence of 
Requirement R2, Measure M2. 

• The Generator Owner shall retain the information/data request and provided 
response evidence of Requirements R3, and R4 Measures M3 and M4 for 3 
calendar years from the date the document was provided. 

If a Generator Owner or Transmission Planner is found non-compliant, it shall 
keep information related to the non-compliance until mitigation is complete and 
approved or for the time specified above, whichever is longer. 

The Compliance Enforcement Authority shall keep the last audit records and all 
requested and submitted subsequent audit records. 

1.3. Compliance Monitoring and Assessment Processes 

Compliance Audit 
Self-Certification 
Spot Checking 
Compliance Investigation 
Self-Reporting 
Complaint 
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1.4. Additional Compliance Information 
None 
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2. Violation Severity Levels 

R # Lower VSL Moderate VSL High VSL Severe VSL 

R1 The Transmission Planner 
provided the instructions and data 
to the Generator Owner more than 
90 calendar days but less than or 
equal to 120 calendar days of 
receiving a written request. 

The Transmission Planner provided 
the instructions and data to the 
Generator Owner more than 120 
calendar days but less than or equal 
to 150 calendar days of receiving a 
written request. 

The Transmission Planner provided 
the instructions and data to the 
Generator Owner more than 150 
calendar days but less than or equal 
to 180 calendar days of receiving a 
written request. 

The Transmission Planner failed to provide 
the instructions and data to the Generator 
Owner within 180 calendar days of 
receiving a written request. 

R2 The Generator Owner provided its 
verified model(s) to its 
Transmission Planner after the 
periodicity timeframe specified in 
MOD-027 Attachment 1 but less 
than or equal to 90 calendar days 
late; 

OR 

The Generator Owner provided the 
Transmission Planner a verified 
model that omitted one of the five 
Parts identified in Requirement R2, 
Subparts 2.1.1, through 2.1.5. 

The Generator Owner provided its 
verified model(s) to its Transmission 
Planner more than 90 calendar days 
but less than or equal to 180 calendar 
days late as specified by the 
periodicity timeframe in MOD-027 
Attachment 1; 

OR 

The Generator Owner provided the 
Transmission Planner a verified 
model that omitted two of the five 
Parts identified in Requirement R2, 
Subparts 2.1.1, through 2.1.5. 

The Generator Owner provided its 
verified model(s) to its Transmission 
Planner more than 180 calendar days 
but less than or equal to 270 calendar 
days late as specified by the 
periodicity timeframe in MOD-027 
Attachment 1; 

OR 

The Generator Owner provided the 
Transmission Planner verified 
models that omitted three of the five 
Parts identified in Requirement R2, 
Subparts 2.1.1, through 2.1.5. 

The Generator Owner provided its verified  
model(s) more than 270 calendar days late 
to its Transmission Planner in accordance 
with the periodicity specified in MOD-027 
Attachment 1; 

OR 

The Generator Owner failed to use model(s) 
acceptable to the Transmission Planner as 
specified in Requirement R2, Part 2.1; 

OR 

The Generator Owner provided the 
Transmission Planner verified model(s) that 
omitted four or more of the five Parts 
identified in Requirement R2, Subparts 
2.1.1, through 2.1.5. 
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R # Lower VSL Moderate VSL High VSL Severe VSL 

R3  The Generator Owner provided a 
written response more than 90 
calendar days but less than or equal 
to 120 calendar days of receiving 
written notice. 

The Generator Owner provided a 
written response more than 120 
calendar days but less than or equal 
to 150 calendar days of receiving 
written notice. 

The Generator Owner provided a 
written response more than 150 
calendar days but less than or equal 
to 180 calendar days of receiving 
written notice. 

The Generator Owner failed to provide a 
written response within 180 calendar days 
of receiving written notice; 

OR 

The Generator Owner's written response 
failed to contain either the technical basis 
for maintaining the current model, or a list 
of future model changes, or a plan to 
perform another model verification. 

R4  The Generator Owner provided 
revised model data or plans to 
perform model verification more 
than 180 calendar days but less 
than or equal to 210 calendar days 
of making changes to the 
turbine/governor and load control 
or active power/frequency control 
system that alter the equipment 
response  characteristic. 

The Generator Owner provided 
revised model data or plans to 
perform model verification more than 
210 calendar days but less than or 
equal to 240 calendar days of making 
changes to the turbine/governor and 
load control or active 
power/frequency control system that 
alter the equipment response  
characteristic. 

The Generator Owner provided 
revised model data or plans to 
perform model verification more than 
240 calendar days but less than or 
equal to 270 calendar days of making 
changes to the turbine/governor and 
load control or active 
power/frequency control system that 
alter the equipment response  
characteristic. 

The Generator Owner failed to provide 
revised model data or failed to provide 
plans to perform model verification within 
270 calendar days of making changes to the 
turbine/governor and load control or active 
power/frequency control system that altered 
the equipment response characteristic. 
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R # Lower VSL Moderate VSL High VSL Severe VSL 

R5 The Transmission Planner 
provided a written response to the 
Generator Owner indicating 
whether the model is usable or not 
usable, including a technical 
description if the model is not 
usable, more than 90 calendar days 
but less than or equal to 120 
calendar days of receiving verified 
model information; 

The Transmission Planner provided a 
written response to the Generator 
Owner indicating whether the model 
is usable or not usable, including a 
technical description if the model is 
not usable, more than 120 calendar 
days but less than or equal to 150 
calendar days of receiving the 
verified model information; 

OR 

The Transmission Planner’s written 
response omitted confirmation for 
one of the specified model criteria 
listed in Requirement R5, Parts 5.1 
through 5.3. 

The Transmission Planner provided a 
written response to the Generator 
Owner indicating whether the model 
is usable or not usable, including a 
technical description if the model is 
not usable, more than 150 calendar 
days but less than or equal to 180 
calendar days of receiving the 
verified model information; 

OR 

The Transmission Planner’s written 
response omitted confirmation for 
two of the specified model criteria 
listed in Requirement R5, Parts 5.1 
through 5.3. 

The Transmission Planner failed to provide 
a written response to the Generator Owner 
within 180 calendar days of receiving the 
verified model information; 

OR 

The Transmission Planner provided a 
written response without including 
confirmation of all specified model criteria 
listed in Requirement R5, Parts 5.1 through 
5.3. 
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E. Regional Variances 

None. 
F. Associated Documents 

None. 

Version History 
Version Date Action Change Tracking 

1 February 7, 
2013 

Adopted by NERC Board of Trustees New 

1 March 20, 
2014 

FERC Order issued approving MOD-
027-1. (Order becomes effective for R1, 
R3, R4, and R5 on 7/1/14. R2 becomes 
effective 7/1/18.) 

 

 
G. References 

The following documents contain technical information beyond the scope of this Standard on 
turbine/governor and load control or active power/frequency control system functionality, 
modeling, and testing. 

1) IEEE Task Force on Generator Model Validation Testing of the Power System 
Stability Subcommittee, “Guidelines for Generator Stability Model Validation 
Testing,” IEEE PES General Meeting 2007, paper 07GM1307 

2) L. Pereira "New Thermal Governor Model Development: Its Impact on Operation and 
Planning Studies on the Western Interconnection" IEEE POWER AND ENERGY 
MAGAZINE, MAY/JUNE 2005 

3) D.M. Cabbell, S. Rueckert, B.A. Tuck, and M.C. Willis, "The New Thermal 
Governor Model Used in Operating and Planning Studies in WECC," in Proc. IEEE 
PES General Meeting, Denver, CO, 2004 

4) S. Patterson, "Importance of Hydro Generation Response Resulting from the New 
Thermal Modeling-and Required Hydro Modeling Improvements," in Proc. IEEE 
PES General Meeting, Denver, CO, 2004 

5) L. Pereira, D. Kosterev, D. Davies, and S. Patterson, "New Thermal Governor Model 
Selection and Validation in the WECC," IEEE Trans. Power Syst., vol. 19, no. 1, pp. 
517-523, February 2004 

6) L. Pereira, J. Undrill, D. Kosterev, D. Davies, and S. Patterson, "A New Thermal 
Governor Modeling Approach in the WECC," IEEE Trans. Power Syst., vol. 18, no. 
2, pp. 819-829, May 2003 
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7) P. Pourbeik, C. Pink and R. Bisbee, “Power Plant Model Validation for Achieving 
Reliability Standard Requirements Based on Recorded On-Line Disturbance Data”, 
Proceedings of the IEEE PSCE, March, 2011 
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MOD-027 Attachment 1 

Turbine/Governor and Load Control or Active Power/Frequency Control Model Periodicity 

Row 
Number 

Verification Condition Required Action 

1 Establishing the initial verification date for an applicable unit. 

(Requirement R2) 

Transmit the verified model, documentation and data to the Transmission 
Planner on or before the Effective Date. 

Row 5 applies when calculating generation fleet compliance during the 
10year implementation period. 

See Section A5 for Effective Dates. 

2 Subsequent verification for an applicable unit. 

(Requirement R2) 

 

Transmit the verified model, documentation and data to the Transmission 
Planner on or before the 10-year anniversary of the last transmittal (per Note 
2).  

 

3 Applicable unit is not subjected to a frequency excursion per Note 
1 by the date otherwise required to meet the dates per Rows 1, 2, 
4, or 6. 

 (This row is only applicable if a frequency excursion from a 
system disturbance that meets Note 1 is selected for the 
verification method and the ability to record the applicable unit’s 
real power response to a frequency excursion is installed and 
expected to be available). 

(Requirement R2) 

Requirement 2 is met with a written statement to that effect transmitted to 
the Transmission Planner.  Transmit the verified model, documentation and 
data to the Transmission Planner on or before 365 calendar days after a 
frequency excursion per Note 1 occurs and the recording equipment captures 
the applicable unit’s real power response as expected. 

4 Initial verification for a new applicable unit or for an existing 
applicable unit with new turbine/governor and load control or 
active power/frequency control equipment installed. 

(Requirement R2) 

Transmit the verified model, documentation and data to the Transmission 
Planner within 365 calendar days after the commissioning date. 
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MOD-027 Attachment 1 
Turbine/Governor and Load Control or Active Power/Frequency Control Model Periodicity 

Row 
Number 

Verification Condition Required Action 

5 Existing applicable unit that is equivalent to another applicable 
unit(s) at the same physical location; 

AND 

Each applicable unit has the same MVA nameplate rating; 

AND 

The nameplate rating is ≤ 350 MVA; 

AND 

Each applicable unit has the same components and settings; 

AND 

The model for one of these equivalent applicable units has been 
verified. 

(Requirement R2) 

Document circumstance with a written statement and include with the 
verified model, documentation and data provided to the Transmission 
Planner for the verified equivalent unit. 

Verify a different equivalent unit during each 10-year verification period. 

Applies to Row 1 when calculating generation fleet compliance during the 
10-year implementation period. 

6 The Generator Owner has submitted a verification plan. 

(Requirement R3 or R4) 

Transmit the verified model, documentation and data to the Transmission 
Planner within 365 calendar days after the submittal of the verification plan. 
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MOD-027 Attachment 1 
Turbine/Governor and Load Control or Active Power/Frequency Control Model Periodicity 

Row 
Number 

Verification Condition Required Action 

7 Applicable unit is not responsive to both over and under frequency 
excursion events (The applicable unit does not operate in a 
frequency control mode, except during normal start up and shut 
down, that would result in a turbine/governor and load control or 
active power/frequency control mode response.); 

OR 

Applicable unit either does not have an installed frequency control 
system or has a disabled frequency control system. 

(Requirement R2) 

Requirement 2 is met with a written statement to that effect transmitted to 
the Transmission Planner. 

Perform verification per the periodicity specified in Row 4 for a “New 
Generating Unit” (or new equipment) only if responsive control mode 
operation for connected operations is established. 

8 Existing applicable unit has a current average net capacity factor 
over the most recent three calendar years, beginning on January 1 
and ending on December 31 of 5% or less. 

(Requirement R2) 

Requirement 2 is met with a written statement to that effect transmitted to 
the Transmission Planner. 

At the end of this 10 calendar year timeframe, the current average three year 
net capacity factor (for years 8, 9, and 10) can be examined to determine if 
the capacity factor exemption can be declared for the next 10 calendar year 
period.  If not eligible for the capacity factor exemption, then model 
verification must be completed within 365 calendar days of the date the 
capacity factor exemption expired. 

For the definition of net capacity factor, refer to Appendix F of the GADS 
Data Reporting Instructions on the NERC website. 
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MOD-027 Attachment 1 
Turbine/Governor and Load Control or Active Power/Frequency Control Model Periodicity 

Row 
Number 

Verification Condition Required Action 

NOTES: 
NOTE 1:  Unit model verification frequency excursion criteria: 

• ≥ 0.05 hertz deviation (nadir point) from scheduled frequency for the Eastern Interconnection with the applicable unit operating in a frequency 
responsive mode  

• ≥ 0.10 hertz deviation (nadir point) from scheduled frequency for the ERCOT and Western Interconnections with the applicable unit operating in a 
frequency responsive mode 

• ≥ 0.15 hertz deviation (nadir point) from scheduled frequency for the Quebec Interconnection with the applicable unit operating in a frequency 
responsive mode 

NOTE 2:  Establishing the recurring ten year unit verification period start date: 

• The start date is the actual date of submittal of a verified model to the Transmission Planner for the most recently performed unit verification. 

NOTE 3: Consideration for early compliance: 

Existing turbine/governor and load control or active power/frequency control model verification is sufficient for demonstrating compliance for a 10 year period 
from the actual transmittal date if either of the following applies: 

• The Generator Owner has a verified model that is compliant with the applicable regional policies, guidelines or criteria existing at the time of model 
verification 

• The Generator Owner has an existing verified model that is compliant with the requirements of this standard 
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This appendix establishes specific provisions for the application of the standard in Québec. Provisions of 

the standard and of its appendix must be read together for the purposes of understanding and 

interpretation. Where the standard and appendix differ, the appendix shall prevail. 

A. Introduction 

1. Title: Verification of Models and Data for Turbine/Governor and Load Control or 

Active Power/Frequency Control Functions 

2. Number: MOD-027-1 

3. Purpose: No specific provision 

4. Applicability: 

4.1. Functional entities 

No specific provision 

4.2. Facilities 

For the purpose of the requirements contained herein, Facilities that form part of the 

Main Transmission System (RTP) will be collectively referred as an “applicable unit” 

that meet the following: 

4.2.1 No specific provision 

4.2.1.1 No specific provision 

4.2.1.2 Individual generating plant consisting of multiple generating units 

that is part of the Main Transmission System (RTP) with total 

generation greater than 100 MVA (gross aggregate nameplate 

rating). 

4.2.2 No specific provision 

4.2.3 No specific provision 

4.2.4 No specific provision 

5. Effective Date: 

5.1. Adoption of the standard by the Régie de l’énergie: September 27, 2017 

5.2. Adoption of the appendix by the Régie de l’énergie: September 27, 2017 

5.3. Effective date of the standard and its appendix in Québec: January 1
st
, 2018 
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Applicable enforcement dates for applicable facilities 

Requirements 

 

Applicability Date of enforcement in 

Québec 

R1 

R3 to R5 

100% of applicable 

facilities 

January 1st, 2018 

R2 

 

30% of applicable 

facilities 

October 1st, 2020 

50% of applicable 

facilities 

October 1st, 2022 

100% of applicable 

facilities 

October 1st, 2025 

 

B. Requirements 

No specific provision 

C. Measures 

No specific provision 

D. Compliance 

1. Compliance Monitoring Process 

1.1. Compliance Enforcement Authority 

The Régie de l’énergie is responsible, in Québec, for compliance monitoring with 

respect to the reliability standard and its appendix that it adopts. 

1.2. Evidence Retention 

No specific provision 

1.3. Compliance Monitoring and Assessment Processes 

No specific provision 

1.4. Additional Compliance Information 

No specific provision 

2. Violation Severity Levels 

No specific provision 

E. Regional Variances 

No specific provision 

F. Associated Documents  

No specific provision 
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G. References  

No specific provision 

MOD-027-1 – Attachment 1 

No specific provision 

Revision History 

Version Date Action Change Tracking 

0 September 27, 

2017 

New appendix New 

 



 



PRC-002-2 — Disturbance Monitoring and Reporting Requirements 

A. Introduction 

1. Title: Disturbance Monitoring and Reporting Requirements 

2. Number: PRC-002-2 

3. Purpose: To have adequate data available to facilitate analysis of Bulk Electric 
 System (BES) Disturbances. 

4. Applicability: 

Functional Entities: 

4.1 The Responsible Entity is:  

4.1.1 Eastern Interconnection – Planning Coordinator 

4.1.2  ERCOT Interconnection – Planning Coordinator or Reliability Coordinator 

4.1.3 Western Interconnection – Reliability Coordinator 

4.1.4  Quebec Interconnection – Planning Coordinator or Reliability 
 Coordinator 

    4.2 Transmission Owner 

    4.3 Generator Owner  

5.        Effective Dates: 

See Implementation Plan 
 
B. Requirements and Measures 

R1. Each Transmission Owner shall: [Violation Risk Factor: Lower ] [Time Horizon: Long-
term Planning] 

1.1. Identify BES buses for which sequence of events recording (SER) and fault 
recording (FR) data is required by using the methodology in PRC-002-2, 
Attachment 1. 

1.2. Notify other owners of BES Elements connected to those BES buses, if any, 
within 90-calendar days of completion of Part 1.1, that those BES Elements 
require SER data and/or FR data. 

1.3. Re-evaluate all BES buses at least once every five calendar years in accordance 
with Part 1.1 and notify other owners, if any, in accordance with Part 1.2, and 
implement the re-evaluated list of BES buses as per the Implementation Plan.  

M1. The Transmission Owner has a dated (electronic or hard copy) list of BES buses for 
which SER and FR data is required, identified in accordance with PRC-002-2, 
Attachment 1, and evidence that all BES buses have been re-evaluated within the 
required intervals under Requirement R1.  The Transmission Owner will also have 
dated (electronic or hard copy) evidence that it notified other owners in accordance 
with Requirement R1.     
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R2. Each Transmission Owner and Generator Owner shall have SER data for circuit breaker 
position (open/close) for each circuit breaker it owns connected directly to the BES 
buses identified in Requirement R1 and associated with the BES Elements at those BES 
buses. [Violation Risk Factor: Lower ] [Time Horizon: Long-term Planning] 

M2. The Transmission Owner or Generator Owner has evidence (electronic or hard copy) 
of SER data for circuit breaker position as specified in Requirement R2. Evidence may 
include, but is not limited to: (1) documents describing the device interconnections 
and configurations which may include a single design standard as representative for 
common installations; or (2) actual data recordings; or (3) station drawings. 

R3. Each Transmission Owner and Generator Owner shall have FR data to determine the 
following electrical quantities for each triggered FR for the BES Elements it owns 
connected to the BES buses identified in Requirement R1: [Violation Risk Factor: 
Lower] [Time Horizon: Long-term Planning] 

3.1  Phase-to-neutral voltage for each phase of each specified BES bus.  

3.2  Each phase current and the residual or neutral current for the following BES 
Elements:  

3.2.1 Transformers that have a low-side operating voltage of 100kV or above. 

3.2.2 Transmission Lines. 

M3. The Transmission Owner or Generator Owner has evidence (electronic or hard copy) 
of FR data that is sufficient to determine electrical quantities as specified in 
Requirement R3. Evidence may include, but is not limited to: (1) documents describing 
the device specifications and configurations which may include a single design 
standard as representative for common installations; or (2) actual data recordings or 
derivations; or (3) station drawings. 

R4. Each Transmission Owner and Generator Owner shall have FR data as specified in 
Requirement R3 that meets the following: [Violation Risk Factor: Lower] [Time 
Horizon: Long-term Planning] 

4.1  A single record or multiple records that include: 

• A pre-trigger record length of at least two cycles and a total record length of at 
least 30-cycles for the same trigger point, or 

• At least two cycles of the pre-trigger data, the first three cycles of the post-
trigger data, and the final cycle of the fault as seen by the fault recorder. 

4.2   A minimum recording rate of 16 samples per cycle. 

4.3   Trigger settings for at least the following: 

4.3.1 Neutral (residual) overcurrent. 

4.3.2 Phase undervoltage or overcurrent. 
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M4.   The Transmission Owner or Generator Owner has evidence (electronic or hard copy) 
that FR data meets Requirement R4. Evidence may include, but is not limited to: (1) 
documents describing the device specification (R4, Part 4.2) and device configuration 
or settings (R4, Parts 4.1 and 4.3), or (2) actual data recordings or derivations. 

R5. Each Responsible Entity shall: [Violation Risk Factor: Lower] [Time Horizon: Long-term 
Planning]  

5.1  Identify BES Elements for which dynamic Disturbance recording (DDR) data is 
required, including the following: 

5.1.1 Generating resource(s) with:  

5.1.1.1 Gross individual nameplate rating greater than or equal to 500 
MVA. 

5.1.1.2 Gross individual nameplate rating greater than or equal to 300 
MVA where the gross plant/facility aggregate nameplate rating is 
greater than or equal to 1,000 MVA. 

5.1.2 Any one BES Element that is part of a stability (angular or voltage) related 
System Operating Limit (SOL).  

5.1.3 Each terminal of a high voltage direct current (HVDC) circuit with a 
nameplate rating greater than or equal to 300 MVA, on the alternating 
current (AC) portion of the converter. 

5.1.4 One or more BES Elements that are part of an Interconnection Reliability 
Operating Limit (IROL).  

5.1.5 Any one BES Element within a major voltage sensitive area as defined by 
an area with an in-service undervoltage load shedding (UVLS) program. 

5.2  Identify a minimum DDR coverage, inclusive of those BES Elements identified in 
Part 5.1, of at least: 

5.2.1 One BES Element; and 

5.2.2 One BES Element per 3,000 MW of the Responsible Entity’s historical 
simultaneous peak System Demand. 

5.3  Notify all owners of identified BES Elements, within 90-calendar days of 
completion of Part 5.1, that their respective BES Elements require DDR data when 
requested. 

5.4  Re-evaluate all BES Elements at least once every five calendar years in accordance 
with Parts 5.1 and 5.2, and notify owners in accordance with Part 5.3 to implement 
the re-evaluated list of BES Elements as per the Implementation Plan.  

M5.  The Responsible Entity has a dated (electronic or hard copy) list of BES Elements for 
which DDR data is required, developed in accordance with Requirement R5, Part 5.1 
and Part 5.2; and re-evaluated in accordance with Part 5.4. The Responsible Entity has 
dated evidence (electronic or hard copy) that each Transmission Owner or Generator 
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Owner has been notified in accordance with Requirement 5, Part 5.3. Evidence may 
include, but is not limited to: letters, emails, electronic files, or hard copy records 
demonstrating transmittal of information.   

R6. Each Transmission Owner shall have DDR data to determine the following electrical 
quantities for each BES Element it owns for which it received notification as identified 
in Requirement R5: [Violation Risk Factor: Lower] [Time Horizon: Long-term Planning ] 

6.1  One phase-to-neutral or positive sequence voltage. 

6.2  The phase current for the same phase at the same voltage corresponding to the  
voltage in Requirement R6, Part 6.1, or the positive sequence current. 

6.3  Real Power and Reactive Power flows expressed on a three phase basis 
corresponding to all circuits where current measurements are required. 

6.4  Frequency of any one of the voltage(s) in Requirement R6, Part 6.1. 

M6.   The Transmission Owner has evidence (electronic or hard copy) of DDR data to 
determine electrical quantities as specified in Requirement R6. Evidence may include, 
but is not limited to: (1) documents describing the device specifications and 
configurations, which may include a single design standard as representative for 
common installations; or (2) actual data recordings or derivations; or (3) station 
drawings. 

R7. Each Generator Owner shall have DDR data to determine the following electrical 
quantities for each BES Element it owns for which it received notification as identified 
in Requirement R5: [Violation Risk Factor: Lower] [Time Horizon: Long-term Planning] 

7.1  One phase-to-neutral, phase-to-phase, or positive sequence voltage at either the   
generator step-up transformer (GSU) high-side or low-side voltage level.   

7.2  The phase current for the same phase at the same voltage corresponding to the 
voltage in Requirement R7, Part 7.1, phase current(s) for any phase-to-phase 
voltages, or positive sequence current. 

7.3  Real Power and Reactive Power flows expressed on a three phase basis   
corresponding to all circuits where current measurements are required. 

7.4  Frequency of at least one of the voltages in Requirement R7, Part 7.1. 

 M7.  The Generator Owner has evidence (electronic or hard copy) of DDR data to 
determine electrical quantities as specified in Requirement R7. Evidence may include, 
but is not limited to: (1) documents describing the device specifications and 
configurations, which may include a single design standard as representative for 
common installations; or (2) actual data recordings or derivations; or (3) station 
drawings. 

R8. Each Transmission Owner and Generator Owner responsible for DDR data for the BES 
Elements identified in Requirement R5 shall have continuous data recording and 
storage. If the equipment was installed prior to the effective date of this standard and 
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is not capable of continuous recording, triggered records must meet the following: 
[Violation Risk Factor: Lower] [Time Horizon: Long-term Planning] 

8.1  Triggered record lengths of at least three minutes. 

8.2  At least one of the following three triggers:   
 

• Off nominal frequency trigger set at: 
 Low High 

o Eastern Interconnection <59.75 Hz >61.0 Hz 
o Western Interconnection <59.55 Hz >61.0 Hz 
o ERCOT Interconnection <59.35 Hz >61.0 Hz 
o Hydro-Quebec 

Interconnection 
 

<58.55 Hz 
 

>61.5 Hz 
 

• Rate of change of frequency trigger set at: 

o Eastern Interconnection < -0.03125 Hz/sec > 0.125 Hz/sec 
o Western Interconnection < -0.05625 Hz/sec > 0.125 Hz/sec 
o ERCOT Interconnection < -0.08125 Hz/sec > 0.125 Hz/sec 
o Hydro-Quebec  

Interconnection 
 
< -0.18125 Hz/sec 

 
> 0.1875 Hz/sec 

 

• Undervoltage trigger set no lower than 85 percent of normal operating voltage 
for a duration of 5 seconds. 

 
M8.   Each Transmission Owner and Generator Owner has dated evidence (electronic or 

hard copy) of data recordings and storage in accordance with Requirement R8. 
Evidence may include, but is not limited to: (1) documents describing the device 
specifications and configurations, which may include a single design standard as 
representative for common installations; or (2) actual data recordings. 

R9. Each Transmission Owner and Generator Owner responsible for DDR data for the BES 
Elements identified in Requirement R5 shall have DDR data that meet the following: 
[Violation Risk Factor: Lower] [Time Horizon: Long-term Planning] 

9.1  Input sampling rate of at least 960 samples per second.  

9.2  Output recording rate of electrical quantities of at least 30 times per second. 

M9.  The Transmission Owner or Generator Owner has evidence (electronic or hard copy) 
that DDR data meets Requirement R9. Evidence may include, but is not limited to: (1) 
documents describing the device specification, device configuration, or settings (R9, 
Part 9.1; R9, Part 9.2); or (2) actual data recordings (R9, Part 9.2). 
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R10.  Each Transmission Owner and Generator Owner shall time synchronize all SER and  FR 
data for the BES buses identified in Requirement R1 and DDR data for the BES 
Elements identified in Requirement R5 to meet the following: [Violation Risk Factor: 
Lower] [Time Horizon: Long-term Planning] 

10.1  Synchronization to Coordinated Universal Time (UTC) with or without a local time 
 offset. 

10.2 Synchronized device clock accuracy within ± 2 milliseconds of UTC. 

M10.  The Transmission Owner or Generator Owner has evidence (electronic or hard copy) 
of time synchronization described in Requirement R10. Evidence may include, but is 
not limited to: (1) documents describing the device specification, configuration, or 
setting; (2) time synchronization indication or status; or 3) station drawings. 

R11.    Each Transmission Owner and Generator Owner shall provide, upon request, all SER 
and FR data for the BES buses identified in Requirement R1 and DDR data for the BES 
Elements identified in Requirement R5 to the Responsible Entity, Regional Entity, or 
NERC in accordance with the following: [Violation Risk Factor: Lower] [Time Horizon: 
Long-term Planning] 

11.1 Data will be retrievable for the period of 10-calendar days, inclusive of the day 
the data was recorded. 

11.2 Data subject to Part 11.1 will be provided within 30-calendar days of a request 
unless an extension is granted by the requestor.  

11.3 SER data will be provided in ASCII Comma Separated Value (CSV) format 
following Attachment 2.    

11.4 FR and DDR data will be provided in electronic files that are formatted in 
conformance with C37.111, (IEEE Standard for Common Format for Transient 
Data Exchange (COMTRADE), revision C37.111-1999 or later.  

11.5 Data files will be named in conformance with C37.232, IEEE Standard for 
Common Format for Naming Time Sequence Data Files (COMNAME), revision 
C37.232-2011 or later. 

M11.  The Transmission Owner or Generator Owner has evidence (electronic or hard copy) 
that data was submitted upon request in accordance with Requirement R11. 
Evidence may include, but is not limited to: (1) dated transmittals to the requesting 
entity with formatted records; (2) documents describing data storage capability, 
device specification, configuration or settings; or (3) actual data recordings. 

R12.   Each Transmission Owner and Generator Owner shall, within 90-calendar days of the 
discovery of a failure of the recording capability for the SER, FR or DDR data, either: 
[Violation Risk Factor: Lower] [Time Horizon: Long-term Planning] 

• Restore the recording capability, or  
• Submit a Corrective Action Plan (CAP) to the Regional Entity and implement it.  

  Page 6 of 38  



PRC-002-2 — Disturbance Monitoring and Reporting Requirements 

 

M12.  The Transmission Owner or Generator Owner has dated evidence (electronic or hard 
copy) that meets Requirement R12. Evidence may include, but is not limited to: (1) 
dated reports of discovery of a failure, (2) documentation noting the date the data 
recording was restored, (3) SCADA records, or (4) dated CAP transmittals to the 
Regional Entity and evidence that it implemented the CAP. 

 

C. Compliance 

1. Compliance Monitoring Process 

1.1. Compliance Enforcement Authority 

As defined in the NERC Rules of Procedure, “Compliance Enforcement Authority” 
(CEA) means NERC or the Regional Entity in their respective roles of monitoring and 
enforcing compliance with the NERC Reliability Standards. 

1.2. Evidence Retention 

The following evidence retention periods identify the period of time an entity is 
required to retain specific evidence to demonstrate compliance. For instances where 
the evidence retention period specified below is shorter than the time since the last 
audit, the Compliance Enforcement Authority may ask an entity to provide other 
evidence to show that it was compliant for the full time period since the last audit. 

The Transmission Owner, Generator Owner, Planning Coordinator, and Reliability 
Coordinator shall keep data or evidence to show compliance as identified below 
unless directed by its Compliance Enforcement Authority to retain specific 
evidence for a longer period of time as part of an investigation: 

The Transmission Owner shall retain evidence of Requirement R1, Measure M1 for 
five calendar years. 

The Transmission Owner shall retain evidence of Requirement R6, Measure M6 for 
three calendar years.  

The Generator Owner shall retain evidence of Requirement R7, Measure M7 for 
three calendar years.  

The Transmission Owner and Generator Owner shall retain evidence of requested 
data provided as per Requirements R2, R3, R4, R8, R9, R10, R11, and R12, 
Measures M2, M3, M4, M8, M9, M10, M11, and M12 for three calendar years.  

The Responsible Entity (Planning Coordinator or Reliability Coordinator, as 
applicable) shall retain evidence of Requirement R5, Measure M5 for five calendar 
years. 
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If a Transmission Owner, Generator Owner, or Responsible Entity is found non-
compliant, it shall keep information related to the non-compliance until mitigation is 
completed and approved or for the time specified above, whichever is longer. 

The Compliance Enforcement Authority shall keep the last audit records and all 
requested and submitted subsequent audit records. 

1.3. Compliance Monitoring and Assessment Processes: 

Compliance Audit 

Self-Certification 

Spot Checking 

Compliance Violation Investigation 

Self-Reporting 

Complaints  

1.4. Additional Compliance Information 

None
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  Table of Compliance Elements 

R # Time 
Horizon 

VRF Violation Severity Levels 

Lower VSL Moderate VSL High VSL Severe VSL 

R1 Long-term 
Planning 

Lower The Transmission 
Owner identified the 
BES buses as directed 
by Requirement R1, 
Part 1.1 or Part 1.3 for 
more than 80 percent 
but less than 100 
percent of the 
required BES buses 
that they own. 

OR 

The Transmission 
Owner evaluated the 
BES buses as directed 
by Requirement R1, 
Part 1.1 or Part 1.3 but 
was late by 30-
calendar days or less. 

OR 

The Transmission 
Owner as directed by 
Requirement R1, Part 
1.2 was late in 
notifying the other 

The Transmission 
Owner identified the 
BES buses as directed 
by Requirement R1, 
Part 1.1 or Part 1.3 for 
more than 70 percent 
but less than or equal 
to 80 percent of the 
required BES buses 
that they own. 

OR 

The Transmission 
Owner evaluated the 
BES buses as directed 
by Requirement R1, 
Part 1.1 or Part 1.3 but 
was late by greater 
than 30-calendar days 
and less than or equal 
to 60-calendar days. 

OR 

The Transmission 
Owner as directed by 
Requirement R1, Part 

The Transmission 
Owner identified the 
BES buses as directed 
by Requirement R1, 
Part 1.1 or Part 1.3 for 
more than 60 percent 
but less than or equal 
to 70 percent of the 
required BES buses 
that they own. 

OR 

The Transmission 
Owner evaluated the 
BES buses as directed 
by Requirement R1, 
Part 1.1 or Part 1.3 but 
was late by greater 
than 60-calendar days 
and less than or equal 
to 90-calendar days. 

OR 

The Transmission 
Owner as directed by 
Requirement R1, Part 

The Transmission 
Owner identified the 
BES buses as directed 
by Requirement R1, 
Part 1.1 or Part 1.3 for 
less than or equal to 
60 percent of the 
required BES buses 
that they own. 

OR 

The Transmission 
Owner evaluated the 
BES buses as directed 
by Requirement R1, 
Part 1.1 or Part 1.3 but 
was late by greater 
than 90-calendar days. 

OR  

The Transmission 
Owner as directed by 
Requirement R1, Part 
1.2 was late in 
notifying one or more 
other owners by 
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owners by 10-calendar 
days or less. 

 

 

1.2 was late in 
notifying the other 
owners by greater 
than 10-calendar days 
but less than or equal 
to 20-calendar days. 

1.2 was late in 
notifying the other 
owners by greater 
than 20-calendar days 
but less than or equal 
to 30-calendar days. 

greater than 30-
calendar days. 

 

R2 Long-term 
Planning 

Lower Each Transmission 
Owner or Generator 
Owner as directed by 
Requirement R2 had 
more than 80 percent 
but less than 100 
percent of the total 
SER data for circuit 
breaker position 
(open/close) for each 
of the circuit breakers 
at the BES buses  
identified in 
Requirement R1.  

Each Transmission 
Owner or Generator 
Owner as directed by 
Requirement R2 had 
more than 70 percent 
but less than or equal 
to 80 percent of the 
total SER data for 
circuit breaker position 
(open/close) for each 
of the circuit breakers 
at the BES buses  
identified in 
Requirement R1.  

Each Transmission 
Owner or Generator 
Owner as directed by 
Requirement R2 had 
more than 60 percent 
but less than or equal 
to 70 percent of the 
total SER data for 
circuit breaker position 
(open/close) for each 
of the circuit breakers 
at the BES buses  
identified in 
Requirement R1.  

Each Transmission 
Owner or Generator 
Owner as directed by 
Requirement R2 for  
less than or equal to 
60 percent of the total 
SER data for circuit 
breaker position 
(open/close) for each 
of the circuit breakers 
at the BES buses  
identified in  
Requirement R1.  

R3 Long-term 
Planning 

Lower The Transmission 
Owner or Generator 
Owner had FR data as 
directed by 
Requirement R3, Parts 
3.1 and 3.2 that covers 
more than 80 percent 
but less than 100 
percent of the total set 
of required electrical 

The Transmission 
Owner or Generator 
Owner had FR data as 
directed by 
Requirement R3, Parts 
3.1 and 3.2 that covers 
more than 70 percent 
but less than or equal 
to 80 percent of the 
total set of required 

The Transmission 
Owner or Generator 
Owner had FR data as 
directed by 
Requirement R3, Parts 
3.1 and 3.2 that covers 
more than 60 percent 
but less than or equal 
to 70 percent of the 
total set of required 

The Transmission 
Owner or Generator 
Owner had FR data as 
directed by 
Requirement R3, Parts 
3.1 and 3.2 that covers  
less than or equal to 
60 percent of the total 
set of required 
electrical quantities, 
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quantities, which is the 
product of the total 
number of monitored 
BES Elements and the 
number of specified 
electrical quantities for 
each BES Element. 

electrical quantities, 
which is the product of 
the total number of 
monitored BES 
Elements and the 
number of specified 
electrical quantities for 
each BES Element. 

electrical quantities, 
which is the product of 
the total number of 
monitored BES 
Elements and the 
number of specified 
electrical quantities for 
each BES Element. 

which is the product of 
the total number of 
monitored BES 
Elements and the 
number of specified 
electrical quantities for 
each BES Element. 

R4 Long-term 
Planning 

Lower The Transmission 
Owner or Generator 
Owner had FR data 
that meets more than 
80 percent but less 
than 100 percent of 
the total recording 
properties as specified 
in Requirement R4. 

The Transmission 
Owner or Generator 
Owner had FR data 
that meets more than 
70 percent but less 
than or equal to 80 
percent of the total 
recording properties 
as specified in 
Requirement R4. 

The Transmission 
Owner or Generator 
Owner had FR data 
that meets more than 
60 percent but less 
than or equal to 70 
percent of the total 
recording properties 
as specified in 
Requirement R4. 

The Transmission 
Owner or Generator 
Owner had FR data 
that meets less than or 
equal to 60 percent of 
the total recording 
properties as specified 
in Requirement R4. 

R5 Long-term 
Planning 

Lower The Responsible Entity 
identified the BES 
Elements for which 
DDR data is required 
as directed by 
Requirement R5 for 
more than 80 percent 
but less than 100 
percent of the 
required BES Elements 
included in Part 5.1. 

The Responsible Entity 
identified the BES 
Elements for which 
DDR data is required 
as directed by 
Requirement R5 for 
more than 70 percent 
but less than or equal 
to 80 percent of the 
required BES Elements 
included in Part 5.1. 

The Responsible Entity 
identified the BES 
Elements for which 
DDR data is required 
as directed by 
Requirement R5 for 
more than 60 percent 
but less than or equal 
to 70 percent of the 
required BES Elements 
included in Part 5.1. 

The Responsible Entity 
identified the BES 
Elements for which 
DDR data is required 
as directed by 
Requirement R5 for 
less than or equal to 
60 percent of the 
required BES Elements 
included in Part 5.1. 

OR 
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OR 

The Responsible Entity 
identified the BES 
Elements for DDR as 
directed by 
Requirement R5, Part 
5.1 or Part 5.4 but was 
late by 30-calendar 
days or less. 

OR 

The Responsible Entity 
as directed by 
Requirement R5, Part 
5.3 was late in 
notifying the owners 
by 10-calendar days or 
less. 

 

 

OR 

The Responsible Entity 
identified the BES 
Elements for DDR as 
directed by 
Requirement R5, Part 
5.1 or Part 5.4 but was 
late by greater than 
30-calendar days and 
less than or equal to 
60 -calendar days. 

OR  

The Responsible Entity 
as directed by 
Requirement R5, Part 
5.3 was late in 
notifying the owners 
by greater than 10-
calendar days but less 
than or equal to 20-
calendar days. 

OR 

The Responsible Entity 
identified the BES 
Elements for DDR as 
directed by 
Requirement R5, Part 
5.1 or Part 5.4 but was 
late by greater than 
60-calendar days and 
less than or equal to 
90-calendar days. 

OR 

The Responsible Entity 
as directed by 
Requirement R5, Part 
5.3 was late in 
notifying the owners 
by greater than 20-
calendar days but less 
than or equal to 30-
calendar days. 

The Responsible Entity 
identified the BES 
Elements for DDR as 
directed by 
Requirement R5, Part 
5.1 or Part 5.4 but was 
late by greater than 
90-calendar days. 

OR 

The Responsible Entity 
as directed by 
Requirement R5, Part 
5.3 was late in 
notifying one or more 
owners by greater 
than 30-calendar days. 

OR 

The Responsible Entity 
failed to ensure a 
minimum DDR 
coverage per Part 5.2. 

R6 Long-term 
Planning 

Lower The Transmission 
Owner had DDR data 
as directed by 
Requirement R6, Parts 
6.1 through 6.4 that 
covered more than 80 
percent but less than 
100 percent of the 

The Transmission 
Owner had DDR data 
as directed by 
Requirement R6, Parts 
6.1 through 6.4 for 
more than 70 percent 
but less than or equal 
to 80 percent of the 

The Transmission 
Owner had DDR data 
as directed by 
Requirement R6, Parts 
6.1 through 6.4 for 
more than 60 percent 
but less than or equal 
to 70 percent of the 

The Transmission 
Owner failed to have 
DDR data as directed 
by Requirement R6, 
Parts 6.1 through 6.4. 
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total required 
electrical quantities for 
all applicable BES 
Elements. 

total required 
electrical quantities for 
all applicable BES 
Elements. 

total required 
electrical quantities for 
all applicable BES 
Elements. 

R7 Long-term 
Planning 

Lower The Generator Owner 
had DDR data as 
directed by 
Requirement R7, Parts 
7.1 through 7.4 that 
covers more than 80 
percent but less than 
100 percent of the 
total required 
electrical quantities for 
all applicable BES 
Elements. 

The Generator Owner 
had DDR data as 
directed by 
Requirement R7, Parts 
7.1 through 7.4 for 
more than 70 percent 
but less than or equal 
to 80 percent of the 
total required 
electrical quantities for 
all applicable BES 
Elements. 

The Generator Owner 
had DDR data as 
directed by 
Requirement R7, Parts 
7.1 through 7.4 for 
more than 60 percent 
but less than or equal 
to 70 percent of the 
total required 
electrical quantities for 
all applicable BES 
Elements. 

The Generator Owner 
failed to have DDR 
data as directed by 
Requirement R7, Parts 
7.1 through 7.4. 

R8 Long-term 
Planning 

Lower The Transmission 
Owner or Generator 
Owner had continuous 
or non-continuous 
DDR data, as directed 
in Requirement R8, for 
more than 80 percent 
but less than 100 
percent of the BES 
Elements they own as 
determined in 
Requirement R5. 

The Transmission 
Owner or Generator 
Owner had continuous 
or non-continuous 
DDR data, as directed 
in Requirement R8, for 
more than 70 percent 
but less than or equal 
to 80 percent of the 
BES Elements they 
own as determined in 
Requirement R5. 

The Transmission 
Owner or Generator 
Owner had continuous 
or non-continuous 
DDR data, as directed 
in Requirement R8, for 
more than 60 percent 
but less than or equal 
to 70 percent of the 
BES Elements they 
own as determined in 
Requirement R5. 

The Transmission 
Owner or Generator 
Owner failed to have 
continuous or non-
continuous DDR data, 
as directed in 
Requirement R8, for 
the BES Elements they 
own as determined in 
Requirement R5. 
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R9 Long-term 
Planning 

Lower The Transmission 
Owner or Generator 
Owner had DDR data 
that meets more than 
80 percent but less 
than 100 percent of 
the total recording 
properties as specified 
in Requirement R9. 

The Transmission 
Owner or Generator 
Owner had DDR data 
that meets more than 
70 percent but less 
than or equal to 80 
percent of the total 
recording properties 
as specified in 
Requirement R9. 

The Transmission 
Owner or Generator 
Owner had DDR data 
that meets more than 
60 percent but less 
than or equal to 70 
percent of the total 
recording properties 
as specified in 
Requirement R9. 

The Transmission 
Owner or Generator 
Owner had DDR data 
that meets less than or 
equal to 60 percent of 
the total recording 
properties as specified 
in Requirement R9. 

R10 Long-term 
Planning 

Lower The Transmission 
Owner or Generator 
Owner had time 
synchronization per 
Requirement R10, 
Parts 10.1 and 10.2 for 
SER, FR, and DDR data 
for more than 90 
percent but less than 
100 percent of the BES 
buses identified in 
Requirement R1 and 
BES Elements 
identified in 
Requirement R5 as 
directed by 
Requirement R10.    

 

The Transmission 
Owner or Generator 
Owner had time 
synchronization per 
Requirement R10, 
Parts 10.1 and 10.2 for 
SER, FR, and DDR data 
for more than 80 
percent but less than 
or equal to 90 percent 
of the BES buses 
identified in 
Requirement R1 and 
BES Elements 
identified in  
Requirement R5 as 
directed by 
Requirement R10.    

The Transmission 
Owner or Generator 
Owner had time 
synchronization per 
Requirement R10, 
Parts 10.1 and 10.2 for 
SER, FR, and DDR data 
for more than 70 
percent but less than 
or equal to 80 percent 
of the BES buses 
identified in 
Requirement R1 and 
BES Elements 
identified in 
Requirement R5 as 
directed by 
Requirement R10.   

The Transmission 
Owner or Generator 
Owner failed to have 
time synchronization 
per Requirement R10, 
Parts 10.1 and 10.2  
for SER, FR, and DDR 
data for less than or 
equal to 70 percent of 
the BES buses 
identified in 
Requirement R1 and 
BES Elements 
identified in 
Requirement R5 as 
directed by 
Requirement R10.   
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R11 Long-term 
Planning 

Lower The Transmission 
Owner or Generator 
Owner as directed by 
Requirement R11, Part 
11.1 provided the 
requested data more 
than 30-calendar days 
but less than 40-
calendar days after the 
request unless an 
extension was granted 
by the requesting 
authority. 

OR 

The Transmission 
Owner or Generator 
Owner as directed by 
Requirement R11 
provided more than 90 
percent but less than 
100 percent of the 
requested data. 

OR 

The Transmission 
Owner or Generator 
Owner as directed by 
Requirement R11, 
Parts 11.3 through 
11.5 provided more 

The Transmission 
Owner or Generator 
Owner as directed by 
Requirement R11, Part 
11.1 provided the 
requested data more 
than 40-calendar days 
but less than or equal 
to 50-calendar days 
after the request 
unless an extension 
was granted by the 
requesting authority. 

OR 

The Transmission 
Owner or Generator 
Owner as directed by 
Requirement R11 
provided more than 80 
percent but less than 
or equal to 90 percent 
of the requested data. 

OR 

The Transmission 
Owner or Generator 
Owner as directed by 
Requirement R11, 
Parts 11.3 through 
11.5 provided more 

The Transmission 
Owner or Generator 
Owner as directed by 
Requirement R11, Part 
11.1 provided the 
requested data more 
than 50-calendar days 
but less than or equal 
to 60-calendar days 
after the request 
unless an extension 
was granted by the 
requesting authority. 

OR 

The Transmission 
Owner or Generator 
Owner as directed by 
Requirement R11 
provided more than 70 
percent but less than 
or equal to 80 percent 
of the requested data. 

OR 

The Transmission 
Owner or Generator 
Owner as directed by 
Requirement R11, 
Parts 11.3 through 
11.5 provided more 

The Transmission 
Owner or Generator 
Owner as directed by 
Requirement R11, Part 
11.1 failed to provide 
the requested data 
more than 60-calendar 
days after the request 
unless an extension 
was granted by the 
requesting authority.  

OR 

The Transmission 
Owner or Generator 
Owner as directed by 
Requirement R11 
failed to provide less 
than or equal to 70 
percent of the 
requested data. 

OR 

The Transmission 
Owner or Generator 
Owner as directed by 
Requirement R11, 
Parts 11.3 through 
11.5 provided less 
than or equal to 70 
percent of the data in 
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than 90 percent of the 
data but less than 100 
percent of the data in 
the proper data 
format. 

than 80 percent of the 
data but less than or 
equal to 90 percent of 
the data in the proper 
data format.  

than 70 percent of the 
data but less than or 
equal to 80 percent of 
the data in the proper 
data format.  

 

the proper data 
format. 

R12 Long-term 
Planning 

Lower The Transmission 
Owner or Generator 
Owner as directed by 
Requirement R12 
reported a failure and 
provided a Corrective 
Action Plan to the 
Regional Entity more 
than 90-calendar days 
but less than or equal 
to 100-calendar days 
after discovery of the 
failure.  

 

The Transmission 
Owner or Generator 
Owner as directed by 
Requirement R12 
reported a failure and 
provided a Corrective 
Action Plan to the 
Regional Entity more 
than 100-calendar 
days but less than or 
equal to 110-calendar 
days after discovery of 
the failure.  

The Transmission 
Owner or Generator 
Owner as directed by 
Requirement R12 
reported a failure and 
provided a Corrective 
Action Plan to the 
Regional Entity more 
than 110-calendar 
days but less than or 
equal to 120-calendar 
days after discovery of 
the failure.  

OR 

The Transmission 
Owner or Generator 
Owner as directed by 
Requirement R12 
submitted a CAP to the 
Regional Entity but 
failed to implement it. 

The Transmission 
Owner or Generator 
Owner as directed by 
Requirement R12 
failed to report a 
failure and provide a 
Corrective Action Plan 
to the Regional Entity 
more than 120-
calendar days after 
discovery of the 
failure.  

OR 

Transmission Owner or 
Generator Owner as 
directed by 
Requirement R12 
failed to restore the 
recording capability 
and failed to submit a 
CAP to the Regional 
Entity. 
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D. Regional Variances 
None. 

E. Interpretations 

None. 

F. Associated Documents 

None. 

G. References 

IEEE C37.111: Common format for transient data exchange (COMTRADE) for power 
Systems. 

IEEE C37.232-2011, IEEE Standard for Common Format for Naming Time Sequence Data 
Files (COMNAME). Standard published 11/09/2011 by IEEE. 

NPCC SP6 Report Synchronized Event Data Reporting, revised March 31, 2005 

U.S.-Canada Power System Outage Task Force, Final Report on the August 14, 2003 Blackout 
in the United States and Canada: Causes and Recommendations (2004). 

      U.S.-Canada Power System Outage Task Force Interim Report: Causes of the August 14th 
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Attachment 1   

Methodology for Selecting Buses for Capturing Sequence of Events Recording (SER) and Fault 
Recording (FR) Data 

 

(Requirement R1) 

To identify monitored BES buses for sequence of events recording (SER) and Fault recording 
(FR) data required by Requirement 1, each Transmission Owner shall follow sequentially, unless 
otherwise noted, the steps listed below:  

Step 1. Determine a complete list of BES buses that it owns.   

For the purposes of this standard, a single BES bus includes physical buses with 
breakers connected at the same voltage level within the same physical location 
sharing a common ground grid. These buses may be modeled or represented by 
a single node in fault studies. For example, ring bus or breaker-and-a-half bus 
configurations are considered to be a single bus. 
 

Step 2. Reduce the list to those BES buses that have a maximum available calculated 
three phase short circuit MVA of 1,500 MVA or greater. If there are no buses on 
the resulting list, proceed to Step 7.  

Step 3. Determine the 11 BES buses on the list with the highest maximum available 
calculated three phase short circuit MVA level. If the list has 11 or fewer buses, 
proceed to Step 7.  

Step 4. Calculate the median MVA level of the 11 BES buses determined in Step 3. 

Step 5. Multiply the median MVA level determined in Step 4 by 20 percent.   

Step 6. Reduce the BES buses on the list to only those that have a maximum available 
calculated three phase short circuit MVA higher than the greater of: 

●  1,500 MVA or  

● 20 percent of median MVA level determined in Step 5. 

Step 7. If there are no BES buses on the list: the procedure is complete and no FR and 
SER data will be required. Proceed to Step 9.  
 
If the list has 1 or more but less than or equal to 11 BES buses: FR and SER data is 
required at the BES bus with the highest maximum available calculated three 
phase short circuit MVA as determined in Step 3. Proceed to Step 9. 
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If the list has more than 11 BES buses: SER and FR data is required on at least the 
10 percent of the BES buses determined in Step 6 with the highest maximum 
available calculated three phase short circuit MVA. Proceed to Step 8.  
 

Step 8. SER and FR data is required at additional BES buses on the list determined in 
Step 6. The aggregate of the number of BES buses determined in Step 7 and this 
Step will be at least 20 percent of the BES buses determined in Step 6.  
 
The additional BES buses are selected, at the Transmission Owner’s discretion, to 
provide maximum wide-area coverage for SER and FR data.  The following  BES 
bus locations are recommended: 

• Electrically distant buses or electrically distant from other DME devices. 
• Voltage sensitive areas. 
• Cohesive load and generation zones. 
• BES buses with a relatively high number of incident Transmission circuits. 
• BES buses with reactive power devices. 
• Major Facilities interconnecting outside the Transmission Owner’s area. 

 
Step 9. The list of monitored BES buses for SER and FR data for Requirement R1 is the 

aggregate of the BES buses determined in Steps 7 and 8. 
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Attachment 2 

Sequence of Events Recording (SER) Data Format 

(Requirement R11, Part 11.3) 

 

Date, Time, Local Time Code, Substation, Device, State1 

08/27/13, 23:58:57.110, -5, Sub 1, Breaker 1, Close 

08/27/13, 23:58:57.082, -5, Sub 2, Breaker 2, Close 

08/27/13, 23:58:47.217, -5, Sub 1, Breaker 1, Open 

08/27/13, 23:58:47.214, -5, Sub 2, Breaker 2, Open 

 

 
 

 

 

 

 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 

1 “OPEN” and “CLOSE” are used as examples.  Other terminology such as TRIP, TRIP TO LOCKOUT, RECLOSE, etc. is 
also acceptable.   
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High Level Requirement Overview 

 

 
Requireme

nt  

 
Entity  

Identify 
BES 

Buses   

 
Notification  

 
SER  

 
FR  

 
5 Year 

 Re-
evaluatio

n  

R1  TO  X  X X  X  X  

R2  TO | GO    X    

R3  TO | GO     X   

R4  TO | GO     X   

 
Requireme

nt  

 
Entity  

Identify 
BES 

Element
s 

 
Notification  

 
DDR 

 
5 Year Re-
evaluation 

R5  RE (PC | RC)  X  X X  X 

R6  TO    X   

R7  GO    X   

R8  TO | GO    X   

R9  TO | GO    X   

 
Requireme

nt  

 
Entity  

Time 
Synchronizati

on 

Provide SER, FR, 
DDR Data  

SER, FR, DDR 
Availability  

R10  TO | GO  X   

R11  TO | GO   X  

R12  TO | GO    X 
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Rationale: 
During development of this standard, text boxes were embedded within the standard to explain 
the rationale for various parts of the standard.  Upon BOT approval, the text from the rationale 
text boxes was moved to this section. 
 
Rationale for Functional Entities: 
When the term “Responsible Entity” is used in PRC-002-2, it specifically refers to those entities 
listed under 4.1. The Responsible Entity – the Planning Coordinator or Reliability Coordinator, as 
applicable in each Interconnection – has the best wide-area view of the BES and is most suited 
to be responsible for determining the BES Elements for which dynamic Disturbance recording 
(DDR) data is required. The Transmission Owners and Generator Owners will have the 
responsibility for ensuring that adequate data is available for those BES Elements selected. 
BES buses where sequence of events recording (SER) and fault recording (FR) data is required 
are best selected by Transmission Owners because they have the required tools, information, 
and working knowledge of their Systems to determine those buses. The Transmission Owners 
and Generator Owners that own BES Elements on those BES buses will have the responsibility 
for ensuring that adequate data is available. 
 
Rationale for R1: 
Analysis and reconstruction of BES events requires SER and FR data from key BES buses.  
Attachment 1 provides a uniform methodology to identify those BES buses. Repeated testing of 
the Attachment 1 methodology has demonstrated the proper distribution of SER and FR data 
collection. Review of actual BES short circuit data received from the industry in response to the 
DMSDT’s data request (June 5, 2013 through July 5, 2013) illuminated a strong correlation 
between the available short circuit MVA at a Transmission bus and its relative size and 
importance to the BES based on (i) its voltage level, (ii) the number of Transmission Lines and 
other BES Elements connected to the BES bus, and (iii) the number and size of generating units 
connected to the bus. BES buses with a large short circuit MVA level are BES Elements that have 
a significant effect on System reliability and performance. Conversely, BES buses with very low 
short circuit MVA levels seldom cause wide-area or cascading System events, so SER and FR 
data from those BES Elements are not as significant. After analyzing and reviewing the collected 
data submittals from across the continent, the threshold MVA values were chosen to provide 
sufficient data for event analysis using engineering and operational judgment.  
 
Concerns have existed that the defined methodology for bus selection will overly concentrate 
data to selected BES buses.  For the purpose of PRC-002-2, there are a minimum number of BES 
buses for which SER and FR data is required based on the short circuit level. With these 
concepts and the objective being sufficient recording coverage for event analysis, the DMSDT 
developed the procedure in Attachment 1 that utilizes the maximum available calculated three 
phase short circuit MVA. This methodology ensures comparable and sufficient coverage for SER 
and FR data regardless of variations in the size and System topology of Transmission Owners 
across all Interconnections. Additionally, this methodology provides a degree of flexibility for 
the use of judgment in the selection process to ensure sufficient distribution. 

  Page 22 of 38  



PRC-002-2 — Disturbance Monitoring and Reporting Requirements 

BES buses where SER and FR data is required are best selected by Transmission Owners 
because they have the required tools, information, and working knowledge of their Systems to 
determine those buses.  

Each Transmission Owner must re-evaluate the list of BES buses at least every five calendar 
years to address System changes since the previous evaluation.  Changes to the BES do not 
mandate immediate inclusion of BES buses into the currently enforced list, but the list of BES 
buses will be re-evaluated at least every five calendar years to address System changes since 
the previous evaluation.       

Since there may be multiple owners of equipment that comprise a BES bus, the notification 
required in R1 is necessary to ensure all owners are notified.  

A 90-calendar day notification deadline provides adequate time for the Transmission Owner to 
make the appropriate determination and notification. 
 
Rationale for R2: 
The intent is to capture SER data for the status (open/close) of the circuit breakers that can 
interrupt the current flow through each BES Element connected to a BES bus. Change of state 
of circuit breaker position, time stamped according to Requirement R10 to a time synchronized 
clock, provides the basis for assembling the detailed sequence of events timeline of a power 
System Disturbance. Other status monitoring nomenclature can be used for devices other than 
circuit breakers. 
 
Rationale for R3: 
The required electrical quantities may either be directly measured or determinable if sufficient 
FR data is captured (e.g. residual or neutral current if the phase currents are directly 
measured). In order to cover all possible fault types, all BES bus phase-to-neutral voltages are 
required to be determinable for each BES bus identified in Requirement R1. BES bus voltage 
data is adequate for System Disturbance analysis. Phase current and residual current are 
required to distinguish between phase faults and ground faults. It also facilitates determination 
of the fault location and cause of relay operation. For transformers (Part 3.2.1), the data may 
be from either the high-side or the low-side of the transformer. Generator step-up 
transformers (GSUs) and leads that connect the GSU transformer(s) to the Transmission System 
that are used exclusively to export energy directly from a BES generating unit or generating 
plant are excluded from Requirement R3 because the fault current contribution from a 
generator to a fault on the Transmission System will be captured by FR data on the 
Transmission System, and Transmission System FR will capture faults on the generator 
interconnection.  
 
Generator Owners may install this capability or, where the Transmission Owners already have 
suitable FR data, contract with the Transmission Owner.  However, when required, the 
Generator Owner is still responsible for the provision of this data. 
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Rationale for R4: 
Time stamped pre- and post-trigger fault data aid in the analysis of power System operations 
and determination if operations were as intended. System faults generally persist for a short 
time period, thus a 30-cycle total minimum record length is adequate. Multiple records allow 
for legacy microprocessor relays which, when time-synchronized, are capable of providing 
adequate fault data but not capable of providing fault data in a single record with 30-
contiguous cycles total.   
 
A minimum recording rate of 16 samples per cycle (960 Hz) is required to get sufficient point on 
wave data for recreating accurate fault conditions. 
 
Rationale for R5: 
DDR is used for capturing the BES transient and post-transient response following Disturbances, 
and the data is used for event analysis and validating System performance.  DDR plays a critical 
role in wide-area Disturbance analysis, and Requirement R5 ensures there is adequate wide-
area coverage of DDR data for specific BES Elements to facilitate accurate and efficient event 
analysis.  The Responsible Entity has the best wide-area view of the System and needs to 
ensure that there are sufficient BES Elements identified for DDR data capture.  The 
identification of BES Elements requiring DDR data as per Requirement R5 is based upon 
industry experience with wide-area Disturbance analysis and the need for adequate data to 
facilitate event analysis. Ensuring data is captured for these BES Elements will significantly 
improve the accuracy of analysis and understanding of why an event occurred, not simply what 
occurred. 
 
From its experience with changes to the Bulk Electric System that would affect DDR, the DMSDT 
decided that the five calendar year re-evaluation of the list is a reasonable interval for this 
review.  Changes to the BES do not mandate immediate inclusion of BES Elements into the in 
force list, but the list of BES Elements will be re-evaluated at least every five calendar years to 
address System changes since the previous evaluation. However, this standard does not 
preclude the Responsible Entity from performing this re-evaluation more frequently to capture 
updated BES Elements. 

The Responsible Entity, for the purposes of this standard, is defined as the PC or RC depending 
upon Interconnection, because they have the best overall perspective for determining wide-
area DDR coverage.  The Planning Coordinator and Reliability Coordinator assume different 
functions across the continent; therefore the Responsible Entity is defined in the Applicability 
Section and used throughout this standard. 

The Responsible Entity must notify all owners of the selected BES Elements that DDR data is 
required for this standard.  The Responsible Entity is only required to share the list of selected 
BES Elements that each Transmission Owner and Generator Owner respectively owns, not the 
entire list.  This communication of selected BES Elements is required to ensure that the owners 
of the respective BES Elements are aware of their responsibilities under this standard.   

Implementation of the monitoring equipment is the responsibility of the respective 
Transmission Owners and Generator Owners, the timeline for installing this capability is 
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outlined in the Implementation Plan, and starts from notification of the list from the 
Responsible Entity.  Data for each BES Element as defined by the Responsible Entity must be 
provided; however, this data can be either directly measured or accurately calculated.  With the 
exception of HVDC circuits, DDR data is only required for one end or terminal of the BES 
Elements selected.  For example, DDR data must be provided for at least one terminal of a 
Transmission Line or generator step-up (GSU) transformer, but not both terminals.  For an 
interconnection between two Responsible Entities, each Responsible Entity will consider this 
interconnection independently, and are expected to work cooperatively to determine how to 
monitor the BES Elements that require DDR data. For an interconnection between two TO’s, or 
a TO and a GO, the Responsible Entity will determine which entity will provide the data.  The 
Responsible Entity will notify the owners that their BES Elements require DDR data.   

Refer to the Guidelines and Technical Basis Section for more detail on the rationale and 
technical reasoning for each identified BES Element in Requirement R5, Part 5.1; monitoring 
these BES Elements with DDR will facilitate thorough and informative event analysis of wide-
area Disturbances on the BES.  Part 5.2 is included to ensure wide-area coverage across all 
Responsible Entities.  It is intended that each Responsible Entity will have DDR data for one BES 
Element and at least one additional BES Element per 3,000 MW of its historical simultaneous 
peak System Demand. 
 
Rationale for R6: 
DDR is used to measure transient response to System Disturbances during a relatively balanced 
post-fault condition. Therefore, it is sufficient to provide a phase-to-neutral voltage or positive 
sequence voltage. The electrical quantities can be determined (calculated, derived, etc.).  

Because all of the BES buses within a location are at the same frequency, one frequency 
measurement is adequate. 

The data requirements for PRC-002-2 are based on a System configuration assuming all 
normally closed circuit breakers on a BES bus are closed. 
 
Rationale for R7: 
A crucial part of wide-area Disturbance analysis is understanding the dynamic response of 
generating resources. Therefore, it is necessary for Generator Owners to have DDR at either the 
high- or low-side of the generator step-up transformer (GSU) measuring the specified electrical 
quantities to adequately capture generator response. This standard defines the ‘what’ of DDR, 
not the ‘how’. Generator Owners may install this capability or, where the Transmission Owners 
already have suitable DDR data, contract with the Transmission Owner.  However, the 
Generator Owner is still responsible for the provision of this data. 
 
Rationale for R8: 
Large scale System outages generally are an evolving sequence of events that occur over an 
extended period of time, making DDR data essential for event analysis. Data available pre- and 
post-contingency helps identify the causes and effects of each event leading to outages. 
Therefore, continuous recording and storage are necessary to ensure sufficient data is available 
for the entire event.   
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Existing DDR data recording across the BES may not record continuously. To accommodate its 
use for the purposes of this standard, triggered records are acceptable if the equipment was 
installed prior to the effective date of this standard. The frequency triggers are defined based 
on the dynamic response associated with each Interconnection. The undervoltage trigger is 
defined to capture possible delayed undervoltage conditions such as Fault Induced Delayed 
Voltage Recovery (FIDVR). 
 
Rationale for R9: 
An input sampling rate of at least 960 samples per second, which corresponds to 16 samples 
per cycle on the input side of the DDR equipment, ensures adequate accuracy for calculation of 
recorded measurements such as complex voltage and frequency.   
An output recording rate of electrical quantities of at least 30 times per second refers to the 
recording and measurement calculation rate of the device. Recorded measurements of at least 
30 times per second provide adequate recording speed to monitor the low frequency 
oscillations typically of interest during power System Disturbances. 
 
Rationale for R10: 
Time synchronization of Disturbance monitoring data is essential for time alignment of large 
volumes of geographically dispersed records from diverse recording sources. Coordinated 
Universal Time (UTC) is a recognized time standard that utilizes atomic clocks for generating 
precision time measurements.  All data must be provided in UTC formatted time either with or 
without the local time offset, expressed as a negative number (the difference between UTC and 
the local time zone where the measurements are recorded).   
Accuracy of time synchronization applies only to the clock used for synchronizing the 
monitoring equipment.  The equipment used to measure the electrical quantities must be time 
synchronized to ± 2 ms accuracy; however, accuracy of the application of this time stamp and 
therefore the accuracy of the data itself is not mandated.  This is because of inherent delays 
associated with measuring the electrical quantities and events such as breaker closing, 
measurement transport delays, algorithm and measurement calculation techniques, etc.  
Ensuring that the monitoring devices internal clocks are within ± 2 ms accuracy will suffice with 
respect to providing time synchronized data. 
 
Rationale for R11: 
Wide-area Disturbance analysis includes data recording from many devices and entities.  
Standardized formatting and naming conventions of these files significantly improves timely 
analysis.   
 
Providing the data within 30-calendar days (or the granted extension time), subject to Part 11.1, 
allows for reasonable time to collect the data and perform any necessary computations or 
formatting.  

Data is required to be retrievable for 10-calendar days inclusive of the day the data was 
recorded, i.e. a  10-calendar day rolling window of available data.  Data hold requests are 
usually initiated the same or next day following a major event for which data is requested. A 10-
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calendar day time frame provides a practical limit on the duration of data required to be stored 
and informs the requesting entities as to how long the data will be available.  The requestor of 
data has to be aware of the Part 11.1 10-calendar day retrievability because requiring data 
retention for a longer period of time is expensive and unnecessary. 

SER data shall be provided in a simple ASCII .CSV format as outlined in Attachment 2.  Either 
equipment can provide the data or a simple conversion program can be used to convert files 
into this format.  This will significantly improve the data format for event records, enabling the 
use of software tools for analyzing the SER data. 

Part 11.4 specifies FR and DDR data files be provided in conformance with IEEE C37.111, IEEE 
Standard for Common Format for Transient Exchange (COMTRADE), revision 1999 or later. The 
use of IEEE C37.111-1999 or later is well established in the industry.  C37.111-2013 is a version 
of COMTRADE that includes an annex describing the application of the COMTRADE standard to 
synchrophasor data; however, version C37.111-1999 is commonly used in the industry today. 

Part 11.5 uses a standardized naming format, C37.232-2011, IEEE Standard for Common Format 
for Naming Time Sequence Data Files (COMNAME), for providing Disturbance monitoring data.  
This file format allows a streamlined analysis of large Disturbances, and includes critical records 
such as local time offset associated with the synchronization of the data. 
 
Rationale for R12: 
Each Transmission Owner and Generator Owner who owns equipment used for collecting the 
data required for this standard must repair any failures within 90-calendar days to ensure that 
adequate data is available for event analysis. If the Disturbance monitoring capability cannot be 
restored within 90-calendar days (e.g. budget cycle, service crews, vendors, needed outages, 
etc.), the entity must develop a Corrective Action Plan (CAP) for restoring the data recording 
capability. The timeline required for the CAP depends on the entity and the type of data 
required.  It is treated as a failure if the recording capability is out of service for maintenance 
and/or testing for greater than 90-calendar days.  An outage of the monitored BES Element 
does not constitute a failure of the Disturbance monitoring capability.  
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Guidelines and Technical Basis Section 

Introduction  

The emphasis of PRC-002-2 is not on how Disturbance monitoring data is captured, but what 
Bulk Electric System data is captured. There are a variety of ways to capture the data PRC-002-2 
addresses, and existing and currently available equipment can meet the requirements of this 
standard. PRC-002-2 also addresses the importance of addressing the availability of Disturbance 
monitoring capability to ensure the completeness of BES data capture.    

The data requirements for PRC-002-2 are based on a System configuration assuming all 
normally closed circuit breakers on a bus are closed.    

PRC-002-2 addresses “what” data is recorded, not “how” it is recorded. 

 

Guideline for Requirement R1:  

Sequence of events and fault recording for the analysis, reconstruction, and reporting of 
System Disturbances is important. However, SER and FR data is not required at every BES bus 
on the BES to conduct adequate or thorough analysis of a Disturbance. As major tools of event 
analysis, the time synchronized time stamp for a breaker change of state and the recorded 
waveforms of voltage and current for individual circuits allows the precise reconstruction of 
events of both localized and wide-area Disturbances.   
 
More quality information is always better than less when performing event analysis.  However, 
100 percent coverage of all BES Elements is not practical nor required for effective analysis of 
wide-area Disturbances. Therefore, selectivity of required BES buses to monitor is important for 
the following reasons: 
 

1. Identify key BES buses with breakers where crucial information is available when 
required. 

2. Avoid excessive overlap of coverage. 
3. Avoid gaps in critical coverage.  
4. Provide coverage of BES Elements that could propagate a Disturbance. 
5. Avoid mandates to cover BES Elements that are more likely to be a casualty of a 

Disturbance rather than a cause. 
6. Establish selection criteria to provide effective coverage in different regions of the 

continent. 
 

The major characteristics available to determine the selection process are: 
 

1. System voltage level; 
2. The number of Transmission Lines into a substation or switchyard; 
3. The number and size of connected generating units;  
4. The available short circuit levels. 
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Although it is straightforward to establish criteria for the application of identified BES buses, 
analysis was required to establish a sound technical basis to fulfill the required objectives.   
 
To answer these questions and establish criteria for BES buses of SER and FR, the DMSDT 
established a sub-team referred to as the Monitored Value Analysis Team (MVA Team). The 
MVA Team collected information from a wide variety of Transmission Systems throughout the 
continent to analyze Transmission buses by the characteristics previously identified for the 
selection process. 
 

The MVA Team learned that the development of criteria is not possible for adequate SER and 
FR coverage, based solely upon simple, bright line characteristics, such as the number of lines 
into a substation or switchyard at a particular voltage level or at a set level of short circuit 
current. To provide the appropriate coverage, a relatively simple but effective Methodology for 
Selecting Buses for Capturing Sequence of Events Recording (SER) and Fault Recording (FR) Data 
was developed. This Procedure, included as Attachment 1, assists entities in fulfilling 
Requirement R1 of the standard. 

 
The Methodology for Selecting Buses for Capturing Sequence of Events Recording (SER) and 
Fault Recording (FR) Data is weighted to buses with higher short circuit levels. This is chosen for 
the following reasons: 
 

1. The method is voltage level independent.  
2. It is likely to select buses near large generation centers. 
3. It is likely to select buses where delayed clearing can cause Cascading. 
4. Selected buses directly correlate to the Universal Power Transfer equation: Lower 

Impedance – increased power flows – greater System impact. 
 
To perform the calculations of Attachment 1, the following information below is required and 
the following steps (provided in summary form) are required for Systems with more than 11 
BES buses with three phase short circuit levels above 1,500 MVA.   
 

1. Total number of BES buses in the Transmission System under evaluation. 
a. Only tangible substation or switchyard buses are included. 
b. Pseudo buses created for analysis purposes in System models are excluded. 

2. Determine the three phase short circuit MVA for each BES bus. 
3. Exclude BES buses from the list with short circuit levels below 1,500 MVA. 
4. Determine the median short circuit for the top 11 BES buses on the list (position number 

6). 
5. Multiply median short circuit level by 20 percent. 
6. Reduce the list of BES buses to those with short circuit levels higher than 20 percent of 

the median. 
7. Apply SER and FR at BES buses with short circuit levels in the top 10 percent of the list 

(from 6). 
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8. Apply SER and FR at BES buses at an additional 10 percent of the list using engineering 
judgment, and allowing flexibility to factor in the following considerations: 
• Electrically distant BES buses or electrically distant from other DME devices 
• Voltage sensitive areas 
• Cohesive load and generation zones 
• BES buses with a relatively high number of incident Transmission circuits 
• BES buses with reactive power devices 
• Major facilities interconnecting outside the Transmission Owner’s area. 
 

For event analysis purposes, more valuable information is attained about generators and their 
response to System events pre- and post-contingency through DDR data versus SER or FR 
records. SER data of the opening of the primary generator output interrupting devices (e.g. 
synchronizing breaker) may not reliably indicate the actual time that a generator tripped; for 
instance, when it trips on reverse power after loss of its prime mover (e.g. combustion or steam 
turbine). As a result, this standard only requires DDR data. 
 
The re-evaluation interval of five years was chosen based on the experience of the DMSDT to 
address changing System configurations while creating balance in the frequency of re-
evaluations.  

 

Guideline for Requirement R2:  

Analyses of wide-area Disturbances often begin by evaluation of SERs to help determine the 
initiating event(s) and follow the Disturbance propagation. Recording of breaker operations 
help determine the interruption of line flows while generator loading is best determined by 
DDR data, since generator loading can be essentially zero regardless of breaker position. 
However, generator breakers directly connected to an identified BES bus are required to have 
SER data captured. It is important in event analysis to know when a BES bus is cleared 
regardless of a generator’s loading.   

Generator Owners are included in this requirement because a Generator Owner may, in some 
instances, own breakers directly connected to the Transmission Owner’s BES bus.   

 

Guideline for Requirement R3:  

The BES buses for which FR data is required are determined based on the methodology 
described in Attachment 1 of the standard. The BES Elements connected to those BES buses for 
which FR data is required include: 
 

 - Transformers with a low-side operating voltage of 100kV or above  
      -        Transmission Lines 
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Only those BES Elements that are identified as BES as defined in the latest in effect NERC 
definition are to be monitored.  For example, radial lines or transformers with low-side voltage 
less than 100kV are not included.  
 
FR data must be determinable from each terminal of a BES Element connected to applicable 
BES buses. 
 
Generator step-up transformers (GSU) are excluded from the above based on the following: 
 

- Current contribution from a generator in case of fault on the Transmission System will 
be captured by FR data on the Transmission System.  

- For faults on the interconnection to generating facilities it is sufficient to have fault 
current data from the Transmission station end of the interconnection. Current 
contribution from a generator can be readily calculated if needed.  
 

The DMSDT, after consulting with NERC’s Event Analysis group, determined that DDR data from 
selected generator locations was more important for event analysis than FR data. 
 
Recording of Electrical Quantities 
For effective fault analysis it is necessary to know values of all phase and neutral currents and 
all phase-to-neutral voltages. Based on such FR data it is possible to determine all fault types. 
FR data also augments SERs in evaluating circuit breaker operation.  
 
Current Recordings 
The required electrical quantities are normally directly measured. Certain quantities can be 
derived if sufficient data is measured, for example residual or neutral currents.  
Since a Transmission System is generally well balanced, with phase currents having essentially 
similar magnitudes and phase angle differences of 120○, during normal conditions there is 
negligible neutral (residual) current. In case of a ground fault the resulting phase current 
imbalance produces residual current that can be either measured or calculated.  

Neutral current, also known as ground or residual current Ir, is calculated as a sum of vectors of 
three phase currents: 
Ir =3•I0 =IA +IB +IC     

I0 - Zero-sequence current  

IA, IB, IC - Phase current (vectors) 

 
Another example of how required electrical quantities can be derived is based on Kirchhoff’s 
Law. Fault currents for one of the BES Elements connected to a particular BES bus can be 
derived as a vectorial sum of fault currents recorded at the other BES Elements connected to 
that BES bus.  
 
Voltage Recordings 
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Voltages are to be recorded or accurately determined at applicable BES buses.     

 

Guideline for Requirement R4:  

Pre- and post-trigger fault data along with the SER breaker data, all time stamped to a common 
clock at millisecond accuracy, aid in the analysis of protection System operations after a fault to 
determine if a protection System operated as designed. Generally speaking, BES faults persist 
for a very short time period, approximately 1 to 30 cycles, thus a 30-cycle record length 
provides adequate data. Multiple records allow for legacy microprocessor relays which, when 
time synchronized to a common clock, are capable of providing adequate fault data but not 
capable of providing fault data in a single record with 30-contiguous cycles total. 

A minimum recording rate of 16 samples per cycle is required to get accurate waveforms and to 
get 1 millisecond resolution for any digital input which may be used for FR. 

FR triggers can be set so that when the monitored value on the recording device goes above or 
below the trigger value, data is recorded.  Requirement R4, sub-Part 4.3.1 specifies a neutral 
(residual) overcurrent trigger for ground faults.  Requirement R4, sub-Part 4.3.2 specifies a 
phase undervoltage or overcurrent trigger for phase-to-phase faults. 

 
Guideline for Requirement R5: 

DDR data is used for wide-area Disturbance monitoring to determine the System’s 
electromechanical transient and post-transient response and validate System model 
performance.  DDR is typically located based on strategic studies which include angular, 
frequency, voltage, and oscillation stability. However, for adequately monitoring the System’s 
dynamic response and ensuring sufficient coverage to determine System performance, DDR is 
required for key BES Elements in addition to a minimum requirement of DDR coverage.   

Each Responsible Entity (PC or RC) is required to identify sufficient DDR data capture for, at a 
minimum, one BES Element and then one additional BES Element per 3,000 MW of historical 
simultaneous peak System Demand. This DDR data is included to provide adequate System 
wide coverage across an Interconnection. To clarify, if any of the key BES Elements requiring 
DDR monitoring are within the Responsible Entity’s area, DDR data capability is required. If a 
Responsible Entity (PC or RC) does not meet the requirements of Part 5.1, additional coverage 
had to be specified.   

Loss of large generating resources poses a frequency and angular stability risk for all 
Interconnections across North America. Data capturing the dynamic response of these 
machines during a Disturbance helps the analysis of large Disturbances. Having data regarding 
generator dynamic response to Disturbances greatly improves understanding of why an event 
occurs rather than what occurred.  To determine and provide the basis for unit size criteria, the 
DMSDT acquired specific generating unit data from NERC’s Generating Availability Data System 
(GADS) program. The data contained generating unit size information for each generating unit 
in North America which was reported in 2013 to the NERC GADS program. The DMSDT analyzed 
the spreadsheet data to determine: (i) how many units were above or below selected size 
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thresholds; and (ii) the aggregate sum of the ratings of the units within the boundaries of those 
thresholds. Statistical information about this data was then produced, i.e. averages, means and 
percentages. The DMSDT determined the following basic information about the generating 
units of interest (current North America fleet, i.e. units reporting in 2013) included in the 
spreadsheet: 

• The number of individual generating units in total included in the spreadsheet. 
• The number of individual generating units rated at 20 MW or larger included in the 

spreadsheet. These units would generally require that their owners be registered as 
GOs in the NERC CMEP. 

• The total number of units within selected size boundaries. 
• The aggregate sum of ratings, in MWs, of the units within the boundaries of those 

thresholds. 
 

The information in the spreadsheet does not provide information by which the plant  
information location of each unit can be determined, i.e. the DMSDT could not use the 
information to determine which units were located together at a given generation site or 
facility. 
 
From this information, the DMSDT was able to reasonably speculate the generating unit size 
thresholds proposed in Requirement R5, sub-Part 5.1.1 of the standard. Generating resources 
intended for DDR data recording are those individual units with gross nameplate ratings 
“greater than or equal to 500 MVA”. The 500 MVA individual unit size threshold was selected 
because this number roughly accounts for 47 percent of the generating capacity in NERC 
footprint while only requiring DDR coverage on about 12.5 percent of the generating units. As 
mentioned, there was no data pertaining to unit location for aggregating plant/facility sizes. 
However, Requirement R5, sub-Part 5.1.1 is included to capture larger units located at large 
generating plants which could pose a stability risk to the System if multiple large units were lost 
due to electrical or non-electrical contingencies. For generating plants, each individual 
generator at the plant/facility with a gross nameplate rating greater than or equal to 300 MVA 
must have DDR where the gross nameplate rating of the plant/facility is greater than or equal 
to 1,000 MVA. The 300 MVA threshold was chosen based on the DMSDT’s judgment and 
experience. The incremental impact to the number of units requiring monitoring is expected to 
be relatively low.  For combined cycle plants where only one generator has a rating greater 
than or equal to 300MVA, that is the only generator that would need DDR. 

 Permanent System Operating Limits (SOLs) are used to operate the System within reliable and 
secure limits.  In particular, SOLs related to angular or voltage stability have a significant impact 
on BES reliability and performance.  Therefore, at least one BES Element of an SOL should be 
monitored.   

The draft standard requires “One or more BES Elements that are part of an Interconnection 
Reliability Operating Limits (IROLs).” Interconnection Reliability Operating Limits (IROLs) are 
included because the risk of violating these limits poses a risk to System stability and the 
potential for cascading outages. IROLs may be defined by a single or multiple monitored BES 
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Element(s) and contingent BES Element(s). The standard does not dictate selection of the 
contingent and/or monitored BES Elements. Rather the Drafting Team believes this 
determination is best made by the Responsible Entity for each IROL considered based on the 
severity of violating this IROL. 

Locations where an undervoltage load shedding (UVLS) program is deployed are prone to 
voltage instability since they are generally areas of significant Demand. The Responsible Entity 
(PC or RC) will identify these areas where a UVLS is in service and identify a useful and effective 
BES Element to monitor for DDR such that action of the UVLS or voltage instability on the BES 
could be captured. For example, a major 500kV or 230kV substation on the EHV System close to 
the load pocket where the UVLS is deployed would likely be a valuable electrical location for 
DDR coverage and would aid in post-Disturbance analysis of the load area’s response to large 
System excursions (voltage, frequency, etc.).  

 

Guideline for Requirement R6:  

DDR data shows transient response to System Disturbances after a fault is cleared (post-fault), 
under a relatively balanced operating condition. Therefore, it is sufficient to provide a single 
phase-to-neutral voltage or positive sequence voltage. Recording of all three phases of a circuit 
is not required, although this may be used to compute and record the positive sequence 
voltage.   
 
The bus where a voltage measurement is required is based on the list of BES Elements defined 
by the Responsible Entity (PC or RC) in Requirement R5. The intent of the standard is not to 
require a separate voltage measurement of each BES Element where a common bus voltage 
measurement is available. For example, a breaker-and-a-half or double-bus configuration with a 
North (or East) Bus and South (or West) Bus, would require both buses to have voltage 
recording because either can be taken out of service indefinitely with the targeted BES Element 
remaining in service. This may be accomplished either by recording both bus voltages 
separately, or by providing a selector switch to connect either of the bus voltage sources to a 
single recording input of the DDR device. This component of the requirement is therefore 
included to mitigate the potential of failed frequency, phase angle, real power, and reactive 
power calculations due to voltage measurements removed from service while sufficient voltage 
measurement is actually available during these operating conditions. 
 
It must be emphasized that the data requirements for PRC-002-2 are based on a System 
configuration assuming all normally closed circuit breakers on a bus are closed. 
 
When current recording is required, it should be on the same phase as the voltage recording 
taken at the location if a single phase-to-neutral voltage is provided. Positive sequence current 
recording is also acceptable. 
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For all circuits where current recording is required, Real and Reactive Power will be recorded on 
a three phase basis. These recordings may be derived either from phase quantities or from 
positive sequence quantities.  
 
Guideline for Requirement R7:  

All Guidelines specified for Requirement R6 apply to Requirement R7. Since either the high- or 
low-side windings of the generator step-up transformer (GSU) may be connected in delta, 
phase-to-phase voltage recording is an acceptable voltage recording. As was explained in the 
Guideline for Requirement R6, the BES is operating under a relatively balanced operating 
condition and, if needed, phase-to-neutral quantities can be derived from phase-to-phase 
quantities.     
 

Again it must be emphasized that the data requirements for PRC-002-2 are based on a System 
configuration assuming all normally closed circuit breakers on a bus are closed.  
 

Guideline for Requirement R8:   

Wide-area System outages are generally an evolving sequence of events that occur over an 
extended period of time, making DDR data essential for event analysis. Pre- and post-
contingency data helps identify the causes and effects of each event leading to the outages. 
This drives a need for continuous recording and storage to ensure sufficient data is available for 
the entire Disturbance.   

Transmission Owners and Generator Owners are required to have continuous DDR for the BES 
Elements identified in Requirement R6. However, this requirement recognizes that legacy 
equipment may exist for some BES Elements that do not have continuous data recording 
capabilities. For equipment that was installed prior to the effective date of the standard, 
triggered DDR records of three minutes are acceptable using at least one of the trigger types 
specified in Requirement R8, Part 8.2: 

• Off nominal frequency triggers are used to capture high- or low-frequency excursions of 
significant size based on the Interconnection size and inertia. 

• Rate of change of frequency triggers are used to capture major changes in System 
frequency which could be caused by large changes in generation or load, or possibly 
changes in System impedance. 

• The undervoltage trigger specified in this standard is provided to capture possible 
sustained undervoltage conditions such as Fault Induced Delayed Voltage Recovery 
(FIDVR) events. A sustained voltage of 85 percent is outside normal schedule operating 
voltages and is sufficiently low to capture abnormal voltage conditions on the BES. 

 

Guideline for Requirement R9:  

DDR data contains the dynamic response of a power System to a Disturbance and is used for 
analyzing complex power System events. This recording is typically used to capture short-term 

  Page 35 of 38  



PRC-002-2 — Disturbance Monitoring and Reporting Requirements 

and long-term Disturbances, such as a power swing. Since the data of interest is changing over 
time, DDR data is normally stored in the form of RMS values or phasor values, as opposed to 
directly sampled data as found in FR data.    

The issue of the sampling rate used in a recording instrument is quite important for at least two 
reasons:  the anti-aliasing filter selection and accuracy of signal representation. The anti-aliasing 
filter selection is associated with the requirement of a sampling rate at least twice the highest 
frequency of a sampled signal. At the same time, the accuracy of signal representation is also 
dependent on the selection of the sampling rate. In general, the higher the sampling rate, the 
better the representation. In the abnormal conditions of interest (e.g. faults or other 
Disturbances); the input signal may contain frequencies in the range of 0-400 Hz. Hence, the 
rate of 960 samples per second (16 samples/cycle) is considered an adequate sampling rate 
that satisfies the input signal requirements. 

In general, dynamic events of interest are: inter-area oscillations, local generator oscillations, 
wind turbine generator torsional modes, HVDC control modes, exciter control modes, and 
steam turbine torsional modes. Their frequencies range from 0.1-20 Hz. In order to reconstruct 
these dynamic events, a minimum recording time of 30 times per second is required.  
      
Guideline for Requirement R10: Time synchronization of Disturbance monitoring data allows 
for the time alignment of large volumes of geographically dispersed data records from diverse 
recording sources. A universally recognized time standard is necessary to provide the 
foundation for this alignment. Coordinated Universal Time (UTC) is the foundation used for the 
time alignment of records. It is an international time standard utilizing atomic clocks for 
generating precision time measurements at fractions of a second levels. The local time offset, 
expressed as a negative number, is the difference between UTC and the local time zone where 
the measurements are recorded. 
 
Accuracy of time synchronization applies only to the clock used for synchronizing the 
monitoring equipment. 
 
Time synchronization accuracy is specified in response to Recommendation 12b in the NERC 
August, 2003, Blackout Final NERC Report Section V Conclusions and Recommendations:   

“Recommendation 12b: Facilities owners shall, in accordance with regional criteria, upgrade 
existing dynamic recorders to include GPS time synchronization…” 

Also, from the U.S.-Canada Power System Outage Task Force Interim Report: Causes of the 
August 14th Blackout, November 2003, in the United States and Canada, page 103: 

“Establishing a precise and accurate sequence of outage-related events was a critical building 
block for the other parts of the investigation. One of the key problems in developing this 
sequence was that although much of the data pertinent to an event was time-stamped, there 
was some variance from source to source in how the time-stamping was done, and not all of 
the time-stamps were synchronized…” 
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From NPCC’s SP6 Report Synchronized Event Data Reporting, revised March 31, 2005, the 
investigation by the authoring working group revealed that existing GPS receivers can be 
expected to provide a time code output which has an uncertainty on the order of 1 millisecond, 
uncertainty being a quantitative descriptor.   

 

Guideline for Requirement R11:  

This requirement directs the applicable entities, upon requests from the Responsible Entity, 
Regional Entity or NERC, to provide SER and FR data for BES buses determined in Requirement 
R1 and DDR data for BES Elements determined as per Requirement R5. To facilitate the analysis 
of BES Disturbances, it is important that the data is provided to the requestor within a 
reasonable period of time.   

Requirement R11, Part 11.1 specifies the maximum time frame of 30-calendar days to provide 
the data. Thirty calendar days is a reasonable time frame to allow for the collection of data, and 
submission to the requestor. An entity may request an extension of the 30-day submission 
requirement. If granted by the requestor, the entity must submit the data within the approved 
extended time.   

Requirement R11, Part 11.2 specifies that the minimum time period of 10-calendar days 
inclusive of the day the data was recorded for which the data will be retrievable. With the 
equipment in use that has the capability of recording data, having the data retrievable for the 
10-calendar days is realistic and doable. It is important to note that applicable entities should 
account for any expected delays in retrieving data and this may require devices to have data 
available for more than 10 days. To clarify the 10-calendar day time frame, an incident occurs 
on Day 1. If a request for data is made on Day 6, then that data has to be provided to the 
requestor within 30-calendar days after a request or a granted time extension. However, if a 
request for the data is made on Day 11, that is outside the 10-calendar days specified in the 
requirement, and an entity would not be out of compliance if it did not have the data. 

Requirement R11, Part 11.3 specifies a Comma Separated Value (CSV) format according to 
Attachment 2 for the SER data. It is necessary to establish a standard format as it will be 
incorporated with other submitted data to provide a detailed sequence of events timeline of a 
power System Disturbance. 

Requirement R11, Part 11.4 specifies the IEEE C37.111 COMTRADE format for the FR and DDR 
data. The IEEE C37.111 is the Standard for Common Format for Transient Data Exchange and is 
well established in the industry. It is necessary to specify a standard format as multiple 
submissions of data from many sources will be incorporated to provide a detailed analysis of a 
power System Disturbance.  The latest revision of COMTRADE (C37.111-2013) includes an 
annex describing the application of the COMTRADE standard to synchophasor data.  

Requirement R11, Part 11.5 specifies the IEEE C37.232 COMNAME format for naming the data 
files of the SER, FR and DDR. The IEEE C37.232 is the Standard for Common Format for Naming 
Time Sequence Data Files.  The first version was approved in 2007. From the August 14, 2003 
blackout there were thousands of Fault Recording data files collected. The collected data files 
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did not have a common naming convention and it was therefore difficult to discern which files 
came from which utilities and which ones were captured by which devices. The lack of a 
common naming practice seriously hindered the investigation process. Subsequently, and in its 
initial report on the blackout, NERC stressed the need for having a common naming practice 
and listed it as one of its top ten recommendations. 

 

Guideline for Requirement R12:  

This requirement directs the respective owners of Transmission and Generator equipment to 
be alert to the proper functioning of equipment used for SER, FR, and DDR data capabilities for 
the BES buses and BES Elements, which were established in Requirements R1 and R5. The 
owners are to restore the capability within 90-calendar days of discovery of a failure. This 
requirement is structured to recognize that the existence of a “reasonable” amount of 
capability out-of-service does not result in lack of sufficient data for coverage of the System. 
Furthermore, 90-calendar days is typically sufficient time for repair or maintenance to be 
performed. However, in recognition of the fact that there may be occasions for which it is not 
possible to restore the capability within 90-calendar days, the requirement further provides 
that, for such cases, the entity submit a Corrective Action Plan (CAP) to the Regional Entity and 
implement it. These actions are considered to be appropriate to provide for robust and 
adequate data availability. 
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This appendix establishes specific provisions for the application of the standard in Québec. Provisions of 
the standard and of its appendix must be read together for the purposes of understanding and 
interpretation. Where the standard and appendix differ, the appendix shall prevail. 

A. Introduction 

1. Title: Disturbance Monitoring and Reporting Requirements 

2. Number: PRC-002-2 

3. Purpose: No specific provision 

4. Applicability: 

Functional Entities: 

No specific provision 

Facilities: 

 This standard only applies to the facilities of the Main Transmission System (RTP) 

 Any reference to the term "BES" shall be replaced by the term "RTP". 

5. Effective Date: 

5.1. Adoption of the standard by the Régie de l’énergie: September 27, 2017 

5.2. Adoption of the appendix by the Régie de l’énergie: September 27, 2017 

5.3. Effective date of the standard and its appendix in Québec: January 1st, 2018 

Applicable enforcement dates for applicable facilities 

Requirements 

 

Applicability Date of enforcement in 
Québec 

R1 and R5 100% of applicable facilities January 1st, 2018 

R2 to R4 
R6 to R11 

50% of applicable facilities October 1st, 2020 

100% of applicable facilities October 1st, 2022 

R12 100% of applicable facilities April 1st, 2018 
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B. Requirements and Measures 

No specific provision 

C. Compliance 

1. Compliance Monitoring Process 

1.1. Compliance Enforcement Authority 

The Régie de l’énergie is responsible, in Québec, for compliance monitoring with 
respect to the reliability standard and its appendix that it adopts. 

1.2. Evidence Retention Compliance 

No specific provision 

1.3. Compliance Monitoring and Assessment Processes: 

No specific provision 

1.4. Additional Compliance Information 

No specific provision 

Table of Compliance Elements 

 No specific provision 

D. Regional Variances 

No specific provision 

E. Interpretations 

No specific provision 

F. Associated Documents 

No specific provision 

G. References 

No specific provision 

Attachment 1 

No specific provision 
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Attachment 2 

No specific provision 

High Level Requirement Overview 

No specific provision 

Rationale 

No specific provision 

Guidelines and Technical Basis Section 

No specific provision 

Revision History  

Revision Date Action Change Tracking 

0 September 27, 

2017 

New Appendix New 
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A. Introduction 

1. Title:  Transmission Relay Loadability 

2. Number: PRC-023-3 

3. Purpose: Protective relay settings shall not limit transmission loadability; not interfere with 
system operators’ ability to take remedial action to protect system reliability and; be set to 
reliably detect all fault conditions and protect the electrical network from these faults. 

4. Applicability: 

4.1. Functional Entity: 

4.1.1 Transmission Owner with load-responsive phase protection systems as described in 
PRC-023-3 - Attachment A, applied at the terminals of the circuits defined in 4.2.1 
(Circuits Subject to Requirements R1 – R5). 

4.1.2 Generator Owner with load-responsive phase protection systems as described in 
PRC-023-3 - Attachment A, applied at the terminals of the circuits defined in 4.2.1 
(Circuits Subject to Requirements R1 – R5). 

4.1.3 Distribution Provider with load-responsive phase protection systems as described in 
PRC-023-3 - Attachment A, applied at the terminals of the circuits defined in 4.2.1 
(Circuits Subject to Requirements R1 – R5), provided those circuits have bi-
directional flow capabilities. 

4.1.4 Planning Coordinator 

4.2. Circuits: 

4.2.1 Circuits Subject to Requirements R1 – R5: 

4.2.1.1 Transmission lines operated at 200 kV and above, except Elements that 
connect the GSU transformer(s) to the Transmission system that are used 
exclusively to export energy directly from a BES generating unit or 
generating plant. Elements may also supply generating plant loads. 

4.2.1.2 Transmission lines operated at 100 kV to 200 kV selected by the Planning 
Coordinator in accordance with Requirement R6. 

4.2.1.3 Transmission lines operated below 100 kV that are part of the BES and 
selected by the Planning Coordinator in accordance with Requirement R6. 

4.2.1.4 Transformers with low voltage terminals connected at 200 kV and above. 

4.2.1.5 Transformers with low voltage terminals connected at 100 kV to 200 kV 
selected by the Planning Coordinator in accordance with Requirement R6. 

4.2.1.6 Transformers with low voltage terminals connected below 100 kV that are 
part of the BES and selected by the Planning Coordinator in accordance with 
Requirement R6. 

4.2.2 Circuits Subject to Requirement R6: 

4.2.2.1 Transmission lines operated at 100 kV to 200 kV and transformers with low 
voltage terminals connected at 100 kV to 200 kV, except Elements that 
connect the GSU transformer(s) to the Transmission system that are used 
exclusively to export energy directly from a BES generating unit or 
generating plant. Elements may also supply generating plant loads. 
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4.2.2.2 Transmission lines operated below 100 kV and transformers with low 
voltage terminals connected below 100 kV that are part of the BES, except 
Elements that connect the GSU transformer(s) to the Transmission system 
that are used exclusively to export energy directly from a BES generating 
unit or generating plant. Elements may also supply generating plant loads. 

5. Effective Dates: See Implementation Plan. 

 

B. Requirements 

R1. Each Transmission Owner, Generator Owner, and Distribution Provider shall use any one of the 
following criteria (Requirement R1, criteria 1 through 13) for any specific circuit terminal to 
prevent its phase protective relay settings from limiting transmission system loadability while 
maintaining reliable protection of the BES for all fault conditions. Each Transmission Owner, 
Generator Owner, and Distribution Provider shall evaluate relay loadability at 0.85 per unit 
voltage and a power factor angle of 30 degrees. [Violation Risk Factor: High] [Time Horizon: 
Long Term Planning]. 

Criteria: 

1. Set transmission line relays so they do not operate at or below 150% of the highest seasonal 
Facility Rating of a circuit, for the available defined loading duration nearest 4 hours 
(expressed in amperes). 

2. Set transmission line relays so they do not operate at or below 115% of the highest seasonal 
15-minute Facility Rating1 of a circuit (expressed in amperes). 

3. Set transmission line relays so they do not operate at or below 115% of the maximum 
theoretical power transfer capability (using a 90-degree angle between the sending-end and 
receiving-end voltages and either reactance or complex impedance) of the circuit (expressed 
in amperes) using one of the following to perform the power transfer calculation: 

 An infinite source (zero source impedance) with a 1.00 per unit bus voltage at each end 
of the line. 

 An impedance at each end of the line, which reflects the actual system source impedance 
with a 1.05 per unit voltage behind each source impedance. 

4. Set transmission line relays on series compensated transmission lines so they do not operate 
at or below the maximum power transfer capability of the line, determined as the greater of: 

 115% of the highest emergency rating of the series capacitor. 

 115% of the maximum power transfer capability of the circuit (expressed in amperes), 
calculated in accordance with Requirement R1, criterion 3, using the full line inductive 
reactance. 

5. Set transmission line relays on weak source systems so they do not operate at or below 170% 
of the maximum end-of-line three-phase fault magnitude (expressed in amperes). 

6. Not used. 

                                                      
1 When a 15-minute rating has been calculated and published for use in real-time operations, the 15-minute rating 
can be used to establish the loadability requirement for the protective relays. 
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7. Set transmission line relays applied at the load center terminal, remote from generation 
stations, so they do not operate at or below 115% of the maximum current flow from the load 
to the generation source under any system configuration. 

8. Set transmission line relays applied on the bulk system-end of transmission lines that serve 
load remote to the system so they do not operate at or below 115% of the maximum current 
flow from the system to the load under any system configuration. 

9. Set transmission line relays applied on the load-end of transmission lines that serve load 
remote to the bulk system so they do not operate at or below 115% of the maximum current 
flow from the load to the system under any system configuration. 

10. Set transformer fault protection relays and transmission line relays on transmission lines 
terminated only with a transformer so that the relays do not operate at or below the greater of: 

 150% of the applicable maximum transformer nameplate rating (expressed in amperes), 
including the forced cooled ratings corresponding to all installed supplemental cooling 
equipment. 

 115% of the highest operator established emergency transformer rating. 

10.1 Set load-responsive transformer fault protection relays, if used, such that the 
protection settings do not expose the transformer to a fault level and duration that 
exceeds the transformer’s mechanical withstand capability2. 

11. For transformer overload protection relays that do not comply with the loadability component 
of Requirement R1, criterion 10 set the relays according to one of the following:  

 Set the relays to allow the transformer to be operated at an overload level of at least 
150% of the maximum applicable nameplate rating, or 115% of the highest operator 
established emergency transformer rating, whichever is greater, for at least 15 minutes to 
provide time for the operator to take controlled action to relieve the overload. 

 Install supervision for the relays using either a top oil or simulated winding hot spot 
temperature element set no less than 100° C for the top oil temperature or no less than 
140° C for the winding hot spot temperature3. 

12. When the desired transmission line capability is limited by the requirement to adequately 
protect the transmission line, set the transmission line distance relays to a maximum of 125% 
of the apparent impedance (at the impedance angle of the transmission line) subject to the 
following constraints: 

a. Set the maximum torque angle (MTA) to 90 degrees or the highest supported by the 
manufacturer. 

b. Evaluate the relay loadability in amperes at the relay trip point at 0.85 per unit voltage 
and a power factor angle of 30 degrees. 

c. Include a relay setting component of 87% of the current calculated in Requirement R1, 
criterion 12 in the Facility Rating determination for the circuit. 

                                                      
2 As illustrated by the “dotted line” in IEEE C57.109-1993 - IEEE Guide for Liquid-Immersed Transformer 
Through-Fault-Current Duration, Clause 4.4, Figure 4. 

3 IEEE standard C57.91, Tables 7 and 8, specify that transformers are to be designed to withstand a winding hot spot 
temperature of 180 degrees C, and Annex A cautions that bubble formation may occur above 140 degrees C. 
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13. Where other situations present practical limitations on circuit capability, set the phase 
protection relays so they do not operate at or below 115% of such limitations. 

R2. Each Transmission Owner, Generator Owner, and Distribution Provider shall set its out-of-step 
blocking elements to allow tripping of phase protective relays for faults that occur during the 
loading conditions used to verify transmission line relay loadability per Requirement R1. 
[Violation Risk Factor: High] [Time Horizon: Long Term Planning] 

R3. Each Transmission Owner, Generator Owner, and Distribution Provider that uses a circuit 
capability with the practical limitations described in Requirement R1, criterion 7, 8, 9, 12, or 13 
shall use the calculated circuit capability as the Facility Rating of the circuit and shall obtain the 
agreement of the Planning Coordinator, Transmission Operator, and Reliability Coordinator with 
the calculated circuit capability. [Violation Risk Factor: Medium] [Time Horizon: Long Term 
Planning] 

R4. Each Transmission Owner, Generator Owner, and Distribution Provider that chooses to use 
Requirement R1 criterion 2 as the basis for verifying transmission line relay loadability shall 
provide its Planning Coordinator, Transmission Operator, and Reliability Coordinator with an 
updated list of circuits associated with those transmission line relays at least once each calendar 
year, with no more than 15 months between reports. [Violation Risk Factor: Lower] [Time 
Horizon: Long Term Planning] 

R5. Each Transmission Owner, Generator Owner, and Distribution Provider that sets transmission 
line relays according to Requirement R1 criterion 12 shall provide an updated list of the circuits 
associated with those relays to its Regional Entity at least once each calendar year, with no more 
than 15 months between reports, to allow the ERO to compile a list of all circuits that have 
protective relay settings that limit circuit capability. [Violation Risk Factor: Lower] [Time 
Horizon: Long Term Planning] 

R6. Each Planning Coordinator shall conduct an assessment at least once each calendar year, with no 
more than 15 months between assessments, by applying the criteria in PRC-023-3, Attachment B 
to determine the circuits in its Planning Coordinator area for which Transmission Owners, 
Generator Owners, and Distribution Providers must comply with Requirements R1 through R5. 
The Planning Coordinator shall: [Violation Risk Factor: High] [Time Horizon: Long Term 
Planning] 

6.1 Maintain a list of circuits subject to PRC-023-3 per application of Attachment B, including 
identification of the first calendar year in which any criterion in PRC-023-3, Attachment B 
applies. 

6.2 Provide the list of circuits to all Regional Entities, Reliability Coordinators, Transmission 
Owners, Generator Owners, and Distribution Providers within its Planning Coordinator area 
within 30 calendar days of the establishment of the initial list and within 30 calendar days of 
any changes to that list. 

 

C. Measures 

M1. Each Transmission Owner, Generator Owner, and Distribution Provider shall have evidence 
such as spreadsheets or summaries of calculations to show that each of its transmission relays is 
set according to one of the criteria in Requirement R1, criterion 1 through 13 and shall have 
evidence such as coordination curves or summaries of calculations that show that relays set per 
criterion 10 do not expose the transformer to fault levels and durations beyond those indicated 
in the standard. (R1) 
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M2. Each Transmission Owner, Generator Owner, and Distribution Provider shall have evidence 
such as spreadsheets or summaries of calculations to show that each of its out-of-step blocking 
elements is set to allow tripping of phase protective relays for faults that occur during the 
loading conditions used to verify transmission line relay loadability per Requirement R1. (R2) 

M3. Each Transmission Owner, Generator Owner, and Distribution Provider with transmission 
relays set according to Requirement R1, criterion 7, 8, 9, 12, or 13 shall have evidence such as 
Facility Rating spreadsheets or Facility Rating database to show that it used the calculated 
circuit capability as the Facility Rating of the circuit and evidence such as dated 
correspondence that the resulting Facility Rating was agreed to by its associated Planning 
Coordinator, Transmission Operator, and Reliability Coordinator. (R3) 

M4. Each Transmission Owner, Generator Owner, or Distribution Provider that sets transmission 
line relays according to Requirement R1, criterion 2 shall have evidence such as dated 
correspondence to show that it provided its Planning Coordinator, Transmission Operator, and 
Reliability Coordinator with an updated list of circuits associated with those transmission line 
relays within the required timeframe. The updated list may either be a full list, a list of 
incremental changes to the previous list, or a statement that there are no changes to the previous 
list. (R4) 

M5. Each Transmission Owner, Generator Owner, or Distribution Provider that sets transmission 
line relays according to Requirement R1, criterion 12 shall have evidence such as dated 
correspondence that it provided an updated list of the circuits associated with those relays to its 
Regional Entity within the required timeframe. The updated list may either be a full list, a list 
of incremental changes to the previous list, or a statement that there are no changes to the 
previous list. (R5) 

M6. Each Planning Coordinator shall have evidence such as power flow results, calculation 
summaries, or study reports that it used the criteria established within PRC-023-3, Attachment 
B to determine the circuits in its Planning Coordinator area for which applicable entities must 
comply with the standard as described in Requirement R6. The Planning Coordinator shall have 
a dated list of such circuits and shall have evidence such as dated correspondence that it 
provided the list to the Regional Entities, Reliability Coordinators, Transmission Owners, 
Generator Owners, and Distribution Providers within its Planning Coordinator area within the 
required timeframe. (R6) 

 

D. Compliance 

1. Compliance Monitoring Process 

1.1. Compliance Enforcement Authority 

As defined in the NERC Rules of Procedure, “Compliance Enforcement Authority” means 
NERC or the Regional Entity in their respective roles of monitoring and enforcing 
compliance with the NERC Reliability Standards. 

 

1.2. Data Retention 

The Transmission Owner, Generator Owner, Distribution Provider and Planning 
Coordinator shall keep data or evidence to show compliance as identified below unless 
directed by its Compliance Enforcement Authority to retain specific evidence for a longer 
period of time as part of an investigation: 
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The Transmission Owner, Generator Owner, and Distribution Provider shall each retain 
documentation to demonstrate compliance with Requirements R1 through R5 for three 
calendar years. 

The Planning Coordinator shall retain documentation of the most recent review process 
required in Requirement R6. The Planning Coordinator shall retain the most recent list of 
circuits in its Planning Coordinator area for which applicable entities must comply with the 
standard, as determined per Requirement R6. 

If a Transmission Owner, Generator Owner, Distribution Provider, or Planning Coordinator 
is found non-compliant, it shall keep information related to the non-compliance until found 
compliant or for the time specified above, whichever is longer. 

The Compliance Enforcement Authority shall keep the last audit record and all requested 
and submitted subsequent audit records. 

1.3. Compliance Monitoring and Assessment Processes 

 Compliance Audit 

 Self-Certification 

 Spot Checking 

 Compliance Violation Investigation 

 Self-Reporting 

 Complaint 

1.4. Additional Compliance Information 

None. 
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2. Violation Severity Levels: 

Requirement Lower Moderate High Severe 

R1 N/A N/A N/A 

The responsible entity did not use 
any one of the following criteria 
(Requirement R1 criterion 1 
through 13) for any specific circuit 
terminal to prevent its phase 
protective relay settings from 
limiting transmission system 
loadability while maintaining 
reliable protection of the BES for 
all fault conditions. 

OR 

The responsible entity did not 
evaluate relay loadability at 0.85 
per unit voltage and a power factor 
angle of 30 degrees. 

R2 N/A N/A N/A 

The responsible entity failed to 
ensure that its out-of-step blocking 
elements allowed tripping of phase 
protective relays for faults that 
occur during the loading 
conditions used to verify 
transmission line relay loadability 
per Requirement R1. 

R3 N/A N/A N/A 

The responsible entity that uses a 
circuit capability with the practical 
limitations described in 
Requirement R1 criterion 7, 8, 9, 
12, or 13 did not use the calculated 
circuit capability as the Facility 
Rating of the circuit. 
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Requirement Lower Moderate High Severe 

OR 

The responsible entity did not 
obtain the agreement of the 
Planning Coordinator, 
Transmission Operator, and 
Reliability Coordinator with the 
calculated circuit capability. 

R4 N/A N/A N/A 

The responsible entity did not 
provide its Planning Coordinator, 
Transmission Operator, and 
Reliability Coordinator with an 
updated list of circuits that have 
transmission line relays set 
according to the criteria 
established in Requirement R1 
criterion 2 at least once each 
calendar year, with no more than 
15 months between reports. 

R5 N/A N/A N/A 

The responsible entity did not 
provide its Regional Entity, with 
an updated list of circuits that have 
transmission line relays set 
according to the criteria 
established in Requirement R1 
criterion 12 at least once each 
calendar year, with no more than 
15 months between reports. 

R6 N/A 

The Planning Coordinator used the 
criteria established within 
Attachment B to determine the 
circuits in its Planning Coordinator 
area for which applicable entities 
must comply with the standard and 
met parts 6.1 and 6.2, but more 

The Planning Coordinator used the 
criteria established within 
Attachment B to determine the 
circuits in its Planning Coordinator 
area for which applicable entities 
must comply with the standard and 
met parts 6.1 and 6.2, but 24 

The Planning Coordinator failed to 
use the criteria established within 
Attachment B to determine the 
circuits in its Planning Coordinator 
area for which applicable entities 
must comply with the standard. 
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Requirement Lower Moderate High Severe 

than 15 months and less than 24 
months lapsed between 
assessments. 

OR 

The Planning Coordinator used the 
criteria established within 
Attachment B at least once each 
calendar year, with no more than 
15 months between assessments to 
determine the circuits in its 
Planning Coordinator area for 
which applicable entities must 
comply with the standard and met 
6.1 and 6.2 but failed to include 
the calendar year in which any 
criterion in Attachment B first 
applies. 

OR 

The Planning Coordinator used the 
criteria established within 
Attachment B at least once each 
calendar year, with no more than 
15 months between assessments to 
determine the circuits in its 
Planning Coordinator area for 
which applicable entities must 
comply with the standard and met 
6.1 and 6.2 but provided the list of 
circuits to the Reliability 
Coordinators, Transmission 
Owners, Generator Owners, and 
Distribution Providers within its 
Planning Coordinator area 
between 31 days and 45 days after 
the list was established or updated. 

months or more lapsed between 
assessments. 

OR 

The Planning Coordinator used the 
criteria established within 
Attachment B at least once each 
calendar year, with no more than 
15 months between assessments to 
determine the circuits in its 
Planning Coordinator area for 
which applicable entities must 
comply with the standard and met 
6.1 and 6.2 but provided the list of 
circuits to the Reliability 
Coordinators, Transmission 
Owners, Generator Owners, and 
Distribution Providers within its 
Planning Coordinator area 
between 46 days and 60 days after 
list was established or updated. 
(part 6.2) 

OR 

The Planning Coordinator used the 
criteria established within 
Attachment B, at least once each 
calendar year, with no more than 
15 months between assessments to 
determine the circuits in its 
Planning Coordinator area for 
which applicable entities must 
comply with the standard but 
failed to meet parts 6.1 and 6.2. 

OR 

The Planning Coordinator used the 
criteria established within 
Attachment B at least once each 
calendar year, with no more than 
15 months between assessments to 
determine the circuits in its 
Planning Coordinator area for 
which applicable entities must 
comply with the standard but 
failed to maintain the list of 
circuits determined according to 
the process described in 
Requirement R6. (part 6.1) 

OR 

The Planning Coordinator used the 
criteria established within 
Attachment B at least once each 
calendar year, with no more than 
15 months between assessments to 
determine the circuits in its 
Planning Coordinator area for 
which applicable entities must 
comply with the standard and met 
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Requirement Lower Moderate High Severe 

(part 6.2) 6.1 but failed to provide the list of 
circuits to the Reliability 
Coordinators, Transmission 
Owners, Generator Owners, and 
Distribution Providers within its 
Planning Coordinator area or 
provided the list more than 60 days 
after the list was established or 
updated. (part 6.2) 

OR 

The Planning Coordinator failed to 
determine the circuits in its 
Planning Coordinator area for 
which applicable entities must 
comply with the standard. 
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E. Regional Differences 

None. 

F. Supplemental Technical Reference Document 

1. The following document is an explanatory supplement to the standard. It provides the technical 
rationale underlying the requirements in this standard. The reference document contains 
methodology examples for illustration purposes it does not preclude other technically comparable 
methodologies. 

“Determination and Application of Practical Relaying Loadability Ratings,” Version 1.0, June 
2008, prepared by the System Protection and Control Task Force of the NERC Planning 
Committee, available at: 
http://www.nerc.com/fileUploads/File/Standards/Relay_Loadability_Reference_Doc_Clean_Fina
l_2008July3.pdf 
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PRC-023-3 — Attachment A 

1. This standard includes any protective functions which could trip with or without time delay, on load 
current, including but not limited to: 

1.1. Phase distance. 

1.2. Out-of-step tripping. 

1.3. Switch-on-to-fault. 

1.4. Overcurrent relays. 

1.5. Communications aided protection schemes including but not limited to: 

1.5.1 Permissive overreach transfer trip (POTT). 

1.5.2 Permissive under-reach transfer trip (PUTT). 

1.5.3 Directional comparison blocking (DCB). 

1.5.4 Directional comparison unblocking (DCUB). 

1.6. Phase overcurrent supervisory elements (i.e., phase fault detectors) associated with current-
based, communication-assisted schemes (i.e., pilot wire, phase comparison, and line current 
differential) where the scheme is capable of tripping for loss of communications. 

2. The following protection systems are excluded from requirements of this standard: 

2.1. Relay elements that are only enabled when other relays or associated systems fail. For example: 

 Overcurrent elements that are only enabled during loss of potential conditions. 

 Elements that are only enabled during a loss of communications except as noted in section 
1.6. 

2.2. Protection systems intended for the detection of ground fault conditions. 

2.3. Protection systems intended for protection during stable power swings. 

2.4. Not used. 

2.5. Relay elements used only for Special Protection Systems applied and approved in accordance 
with NERC Reliability Standards PRC-012 through PRC-017 or their successors. 

2.6. Protection systems that are designed only to respond in time periods which allow 15 minutes or 
greater to respond to overload conditions. 

2.7. Thermal emulation relays which are used in conjunction with dynamic Facility Ratings. 

2.8. Relay elements associated with dc lines. 

2.9. Relay elements associated with dc converter transformers. 
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PRC-023-3 — Attachment B 

Circuits to Evaluate 

 Transmission lines operated at 100 kV to 200 kV and transformers with low voltage terminals 
connected at 100 kV to 200 kV. 

 Transmission lines operated below 100 kV and transformers with low voltage terminals 
connected below 100 kV that are part of the Bulk Electric System. 

Criteria 

If any of the following criteria apply to a circuit, the applicable entity must comply with the standard for 
that circuit. 

B1. The circuit is a monitored Facility of a permanent flowgate in the Eastern Interconnection, a 
major transfer path within the Western Interconnection as defined by the Regional Entity, or a 
comparable monitored Facility in the Québec Interconnection, that has been included to address 
reliability concerns for loading of that circuit, as confirmed by the applicable Planning 
Coordinator. 

B2. The circuit is a monitored Facility of an Interconnection Reliability Operating Limit (IROL), 
where the IROL was determined in the planning horizon pursuant to FAC-010. 

B3. The circuit forms a path (as agreed to by the Generator Operator and the transmission entity) to 
supply off-site power to a nuclear plant as established in the Nuclear Plant Interface 
Requirements (NPIRs) pursuant to NUC-001. 

B4. The circuit is identified through the following sequence of power flow analyses4 performed by the 
Planning Coordinator for the one-to-five-year planning horizon: 

a. Simulate double contingency combinations selected by engineering judgment, without 
manual system adjustments in between the two contingencies (reflects a situation where a 
System Operator may not have time between the two contingencies to make appropriate 
system adjustments). 

b. For circuits operated between 100 kV and 200 kV evaluate the post-contingency loading, in 
consultation with the Facility owner, against a threshold based on the Facility Rating assigned 
for that circuit and used in the power flow case by the Planning Coordinator. 

c. When more than one Facility Rating for that circuit is available in the power flow case, the 
threshold for selection will be based on the Facility Rating for the loading duration nearest 
four hours. 

d. The threshold for selection of the circuit will vary based on the loading duration assumed in 
the development of the Facility Rating. 

                                                      
4 Past analyses may be used to support the assessment if no material changes to the system have occurred since the 
last assessment 
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i. If the Facility Rating is based on a loading duration of up to and including four hours, 
the circuit must comply with the standard if the loading exceeds 115% of the Facility 
Rating. 

ii. If the Facility Rating is based on a loading duration greater than four and up to and 
including eight hours, the circuit must comply with the standard if the loading 
exceeds 120% of the Facility Rating. 

iii. If the Facility Rating is based on a loading duration of greater than eight hours, the 
circuit must comply with the standard if the loading exceeds 130% of the Facility 
Rating. 

e. Radially operated circuits serving only load are excluded. 

B5. The circuit is selected by the Planning Coordinator based on technical studies or assessments, 
other than those specified in criteria B1 through B4, in consultation with the Facility owner. 

B6. The circuit is mutually agreed upon for inclusion by the Planning Coordinator and the Facility 
owner. 
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This appendix establishes specific provisions for the application of the standard in Québec. Provisions of 

the standard and of its appendix must be read together for the purposes of understanding and 

interpretation. Where the standard and appendix differ, the appendix shall prevail. 

A. Introduction 

1. Title: Transmission Relay Loadability 

2. Number: PRC-023-3 

3. Purpose: No specific provision 

4. Applicability: 

4.1. Functional Entity: 

No specific provision 

4.2. Circuits: 

4.2.1 Circuits Subject to Requirements R1-R5: 

4.2.1.1 RTP Transmission lines operated at 200kV and above, except Elements that 

connect GSU transformers(s) to the Transmission system that are used 

exclusively to export energy directly from a Main Transmission System 

(RTP) generating unit or generating plant. Elements may also supply 

generating plant loads. 

4.2.1.2 RTP Transmission lines operated at 100 kV to 200 kV selected by the 

Planning Coordinator in accordance with Requirement R6. 

4.2.1.3 Transmission lines operated below 100 kV that are part of the RTP and 

selected by the Planning Coordinator in accordance with Requirement R6. 

4.2.1.4 Transformers that are part of the RTP with low voltage terminals connected 

at 200 kV and above. 

4.2.1.5 Transformers that are part of the RTP with low voltage terminals connected 

at 100 kV to 200 kV selected by the Planning Coordinator in accordance with 

Requirement R6. 

4.2.1.6 Transformers with low voltage terminals connected below 100kV that are 

part of the RTP and selected by the Planning Coordinator in accordance with 

Requirement R6. 

4.2.2 Circuits Subject to Requirement R6: 

4.2.2.1 RTP Transmission lines operated at 100kV to 200kV and transformers with 

low voltage terminals connected at 100kV to 200kV, except Elements that 

connected the GSU transformer(s) to the Transmission system that are used 

exclusively to export energy directly from a RTP generating unit or 

generating plant. Elements may also supply generating plant loads. 

4.2.2.2 Transmission lines operated below 100kV and transformers with low voltage 

terminals connected below 100kV that are part of the RTP, except Elements 

that connect the GSU transformer(s) to the Transmission system that are 

exclusively to export energy directly from a RTP generating unit or 

generating plant. Elements may also supply generating plant loads.  
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5. Effective Date: 

5.1. Adoption of the standard by the Régie de l’énergie: September 27, 2017 

5.2. Adoption of the appendix by the Régie de l’énergie: September 27, 2017 

5.3. Effective date of the standard and its appendix in Québec: January 1
st
, 2018 

 

IMPLEMENTATION PLAN OF PRC-023-3 STANDARD 

Requirements Applicability Date of enforcement in 

Québec 

R1 Each TO, GO or DP with 

transmission lines operated 

at 200 kV and above and 

transformers with low 

voltage terminals connected 

at 200 kV and above, except 

for the following: 

January 1st, 2018 

 For Requirement R1, 

criterion 10.1 

April 1st, 2018 

 For supervisory 

elements described in 

PRC-023-3 – 

Attachment A, 

section 1.6 

October 1st, 2018 

 For switch-on-to-fault 

provisions described in 

PRC-023-3 – 

Attachment A, 

section 1.3 

October 1st, 2019 

Each TO, GO or DP with 

circuits identified by the 

Planning Coordinator in 

compliance with 

Requirement R6 

On the later of the following 

dates: 

The first day of the first 

calendar quarter following 39 

months after the receipt of a 

notice from the Planning 

Coordinator indicating the 

inclusion of a circuit under 

PRC-023-3, in accordance 

with the provisions in 

Attachment B.  

OR 

The first day of the first 

calendar year during which a 
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criterion of Attachment B 

applies, excepting if the 

Planning Coordinator 

removes the circuit from the 

list before the applicable 

effective date.  

R2 and R3 Each TO, GO or DP with 

transmission lines operated 

at 200 kV and above and 

transformers with low 

voltage terminals connected 

at 200 kV and above 

January 1st, 2018 

Each TO, GO or DP  with 

circuits selected by the 

Planning Coordinator in 

accordance with 

requirement R6 

On the later of the following 

dates: 

The first day of the first 

calendar quarter following 39 

months after the receipt of a 

notice from the Planning 

Coordinator indicating the 

inclusion of a circuit under 

PRC-023-3, in accordance 

with the provisions in 

Attachment B.  

OR 

The first day of the first 

calendar year during which a 

criterion of Attachment B 

applies, excepting if the 

Planning Coordinator 

removes the circuit from the 

list before the applicable 

effective date. 

R4  

 

Each TO, GO or DP that 

decides to use Requirement 

1, criterion 2 as a basis to 

verify the verify 

transmission line relay 

loadability. 

April 1st, 2018  

R5  Each TO, GO or DP that 

sets transmission line relays 

according to Requirement 

R1, criterion 12.  

 

April 1st, 2018  
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R6  

 

Each Planning Coordinator 

shall conduct an assessment, 

applying Attachment B 

criteria to determine the 

circuits in its Planning 

Coordinator area for which 

Transmission Owners, 

Generator Owners, and 

Distribution Providers must 

comply with Requirements 

R1 through R5 

 

July 1st, 2018  

 

 

B. Requirements 

R1. Each Transmission Owner, Generator Owner, and Distribution Provider shall use any one of 

the following criteria (Requirement R1, criteria 1 through 13) for any specific circuit terminal 

to prevent its phase protective relay setting from limiting transmission system loadability 

while maintaining reliable protection of the RTP for all fault conditions. Each Transmission 

Owner, Generator Owner, and Distribution Provider shall evaluate loadability at 0.85 per unit 

voltage and a power factor angle of 30 degrees.[Violation Risk Factor: High] [Time Horizon: 

Long Term Planning] 

Specific provision applicable to critera 10 and 11: 

10. Set transformer fault protection relays and transmission line relays on transmission lines 

terminated only with a transformer so that the relays do not operate at or below the greater of:  

 No specific provision 

 Either 

o 115% of the highest operator established emergency transformer rating if the 

operator has established an emergency transformer rating, or  

o 100% of the owner’s highest long-term emergency transformer rating if the 

operator has not established an emergency transformer rating and the owner has 

established a long-term emergency transformer rating. 
10.1 No specific provision 

11. For transformer overload protection relays that do not comply with the loadability 

component of Requirement R1, criterion 10 set the relays according to one of the following:  

 Set the relays such that the transformer can operate at an overload level specified in 

criterion 10 for at least 15 minutes to provide time for the operator to take controlled 

action to relieve the overload.  

 No specific provision.  

 

C. Measures 

No specific provision 
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D. Compliance 

1. Compliance Monitoring Process 

1.1 Compliance Enforcement Authority 

The Régie de l’énergie is responsible, in Québec, for compliance monitoring with 

respect to the reliability standard and its appendix that it adopts. 

1.2 Data Retention 

No specific provision 

1.3 Compliance Monitoring and Assessment Process 

No specific provision 

1.4 Additional Compliance Information 

No specific provision 

2. Violation Severity Levels 

 Lower Moderate High Severe 

R1 N/At N/A N/A 

The responsible entity did not use any one of the following 

criteria (Requirement R1 criterion 1 through 13) for any 

specific circuit terminal to prevent its phase protective relay 

settings from limiting transmission system loadability while 

maintaining reliable protection of the RTP for all faults 

conditions. 

OR 

The responsible entity did not evaluate relay loadability at 0.85 

per unit voltage and a power angle of 30 degrees. 

R2 No specific provision 

R3 No specific provision 

R4 No specific provision 

R5 No specific provision 

R6 No specific provision 

 

E. Regional Differences 

No specific provision 

F. Supplemental Technical Reference Document  

No specific provision 

PRC-023 – Appendix A 

No specific provision 
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PRC-023 – Appendix B 

No specific provision 

Revision History  

Revision Date Action Change Tracking 

0 September 27, 

2017 

New appendix New 
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A. Introduction 

1. Title: Generator Relay Loadability 

2. Number: PRC-025-1 

Purpose: To set load-responsive protective relays associated with generation 
Facilities at a level to prevent unnecessary tripping of generators during a system 
disturbance for conditions that do not pose a risk of damage to the associated 
equipment. 

3. Applicability: 

3.1. Functional Entities: 

3.1.1 Generator Owner that applies load-responsive protective relays at the 
terminals of the Elements listed in 3.2, Facilities. 

3.1.2 Transmission Owner that applies load-responsive protective relays at the 
terminals of the Elements listed in 3.2, Facilities. 

3.1.3 Distribution Provider that applies load-responsive protective relays at the 
terminals of the Elements listed in 3.2, Facilities. 

3.2. Facilities: The following Elements associated with Bulk Electric System (BES) 
generating units and generating plants, including those generating units and 
generating plants identified as Blackstart Resources in the Transmission 
Operator’s system restoration plan: 

3.2.1 Generating unit(s). 

3.2.2 Generator step-up (i.e., GSU) transformer(s). 

3.2.3 Unit auxiliary transformer(s) (UAT) that supply overall auxiliary power 
necessary to keep generating unit(s) online.1 

3.2.4 Elements that connect the GSU transformer(s) to the Transmission system 
that are used exclusively to export energy directly from a BES generating 
unit or generating plant. Elements may also supply generating plant loads. 

3.2.5 Elements utilized in the aggregation of dispersed power producing 
resources. 

4. Background: 

After analysis of many of the major disturbances in the last 25 years on the North 
American interconnected power system, generators have been found to have tripped for 
conditions that did not apparently pose a direct risk to those generators and associated 
equipment within the time period where the tripping occurred. This tripping has often 
been determined to have expanded the scope and/or extended the duration of that 

                                                 
1 These transformers are variably referred to as station power, unit auxiliary transformer(s) (UAT), or station service 
transformer(s) used to provide overall auxiliary power to the generator station when the generator is running. Loss 
of these transformers will result in removing the generator from service. Refer to the PRC-025-1 Guidelines and 
Technical Basis for more detailed information concerning unit auxiliary transformers. 
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disturbance. This was noted to be a serious issue in the August 2003 “blackout” in the 
northeastern North American continent.2 

During the recoverable phase of a disturbance, the disturbance may exhibit a “voltage 
disturbance” behavior pattern, where system voltage may be widely depressed and may 
fluctuate. In order to support the system during this transient phase of a disturbance, 
this standard establishes criteria for setting load-responsive protective relays such that 
individual generators may provide Reactive Power within their dynamic capability 
during transient time periods to help the system recover from the voltage disturbance. 
The premature or unnecessary tripping of generators resulting in the removal of 
dynamic Reactive Power exacerbates the severity of the voltage disturbance, and as a 
result changes the character of the system disturbance. In addition, the loss of Real 
Power could initiate or exacerbate a frequency disturbance. 

5. Effective Date: See Implementation Plan 

 

B. Requirements and Measures 

R1. Each Generator Owner, Transmission Owner, and Distribution Provider shall apply 
settings that are in accordance with PRC-025-1 – Attachment 1: Relay Settings, on each 
load-responsive protective relay while maintaining reliable fault protection. [Violation 
Risk Factor: High] [Time Horizon: Long-Term Planning] 

M1. For each load-responsive protective relay, each Generator Owner, Transmission Owner, 
and Distribution Provider shall have evidence (e.g., summaries of calculations, 
spreadsheets, simulation reports, or setting sheets) that settings were applied in 
accordance with PRC-025-1 – Attachment 1: Relay Settings. 

 

C. Compliance 

1. Compliance Monitoring Process 

1.1. Compliance Enforcement Authority 

As defined in the NERC Rules of Procedure, “Compliance Enforcement 
Authority” means NERC or the Regional Entity in their respective roles of 
monitoring and enforcing compliance with the NERC Reliability Standards. 

1.2. Evidence Retention 

The following evidence retention periods identify the period of time an entity is 
required to retain specific evidence to demonstrate compliance. For instances 
where the evidence retention period specified below is shorter than the time since 
the last audit, the Compliance Enforcement Authority (CEA) may ask an entity to 
provide other evidence to show that it was compliant for the full time period since 
the last audit. 

                                                 
2 Interim Report: Causes of the August 14th Blackout in the United States and Canada, U.S.-Canada Power System 
Outage Task Force, November 2003 (http://www.nerc.com/docs/docs/blackout/814BlackoutReport.pdf) 
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The Generator Owner, Transmission Owner, and Distribution Provider shall keep 
data or evidence to show compliance as identified below unless directed by its 
CEA to retain specific evidence for a longer period of time as part of an 
investigation: 

 The Generator Owner, Transmission Owner, and Distribution Provider shall 
retain evidence of Requirement R1 and Measure M1 for the most recent 
three calendar years. 

 If a Generator Owner, Transmission Owner, or Distribution Provider is 
found non-compliant, it shall keep information related to the non-
compliance until mitigation is complete and approved or for the time 
specified above, whichever is longer. 

The CEA shall keep the last audit records and all requested and submitted 
subsequent audit records. 

1.3. Compliance Monitoring and Assessment Processes 

Compliance Audit 

Self-Certification 

Spot Checking 

Compliance Investigation 

Self-Reporting 

Complaint 

1.4. Additional Compliance Information 

None
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Table of Compliance Elements 

R # 
Time 

Horizon 
VRF 

Violation Severity Levels 

Lower VSL Moderate VSL High VSL Severe VSL 

R1 
Long-Term 
Planning 

High N/A N/A N/A 

The Generator Owner, 
Transmission Owner, 
and Distribution Provider 
did not apply settings in 
accordance with PRC-
025-1 – Attachment 1: 
Relay Settings, on an 
applied load-responsive 
protective relay. 

 

D. Regional Variances 

None. 

E. Interpretations 

None. 

F. Associated Documents 

NERC System Protection and Control Subcommittee, July 2010, “Power Plant and Transmission System Protection 
Coordination.” 

IEEE C37.102-2006, “Guide for AC Generator Protection.” 
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PRC-025-1 – Attachment 1: Relay Settings 

Introduction 

This standard does not require the Generator Owner, Transmission Owner, or Distribution 
Provider to use any of the protective functions listed in Table 1. Each Generator Owner, 
Transmission Owner, and Distribution Provider that applies load-responsive protective relays on 
their respective Elements listed in 3.2, Facilities, shall use one of the following Options in Table 
1, Relay Loadability Evaluation Criteria (“Table 1”), to set each load-responsive protective relay 
element according to its application and relay type. The bus voltage is based on the criteria for 
the various applications listed in Table 1. 

 

Generators 

Synchronous generator relay pickup setting criteria values are derived from the unit’s maximum 
gross Real Power capability, in megawatts (MW), as reported to the Transmission Planner, and 
the unit’s Reactive Power capability, in megavoltampere-reactive (Mvar), is determined by 
calculating the MW value based on the unit’s nameplate megavoltampere (MVA) rating at rated 
power factor. If different seasonal capabilities are reported, the maximum capability shall be 
used for the purposes of this standard. 

Asynchronous generator relay pickup setting criteria values (including inverter-based 
installations) are derived from the site’s aggregate maximum complex power capability, in 
MVA, as reported to the Transmission Planner, including the Mvar output of any static or 
dynamic reactive power devices. 

For the application case where synchronous and asynchronous generator types are combined on a 
generator step-up transformer or on Elements that connect the generator step-up (GSU) 
transformer(s) to the Transmission system that are used exclusively to export energy directly 
from a BES generating unit or generating plant (Elements may also supply generating plant 
loads.), the pickup setting criteria shall be determined by vector summing the pickup setting 
criteria of each generator type, and using the bus voltage for the given synchronous generator 
application and relay type. 

 

Transformers 

Calculations using the GSU transformer turns ratio shall use the actual tap that is applied (i.e., in 
service) for GSU transformers with deenergized tap changers (DETC). If load tap changers 
(LTC) are used, the calculations shall reflect the tap that results in the lowest generator bus 
voltage. When the criterion specifies the use of the GSU transformer’s impedance, the nameplate 
impedance at the nominal GSU transformer turns ratio shall be used. 

Applications that use more complex topology, such as generators connected to a multiple 
winding transformer, are not directly addressed by the criteria in Table 1. These topologies can 
result in complex power flows, and may require simulation to avoid overly conservative 
assumptions to simplify the calculations. Entities with these topologies should set their relays in 
such a way that they do not operate for the conditions being addressed in this standard. 



PRC-025-1— Generator Relay Loadability 

 6 of 22
  

 

Multiple Lines 

Applications that use more complex topology, such as multiple lines that connect the generator 
step-up (GSU) transformer(s) to the Transmission system that are used exclusively to export 
energy directly from a BES generating unit or generating plant (Elements may also supply 
generating plant loads) are not directly addressed by the criteria in Table 1. These topologies can 
result in complex power flows, and it may require simulation to avoid overly conservative 
assumptions to simplify the calculations. Entities with these topologies should set their relays in 
such a way that they do not operate for the conditions being addressed in this standard. 

 

Exclusions 

The following protection systems are excluded from the requirements of this standard: 
1. Any relay elements that are in service only during start up. 
2. Load-responsive protective relay elements that are armed only when the generator is 

disconnected from the system, (e.g., non-directional overcurrent elements used in 
conjunction with inadvertent energization schemes, and open breaker flashover schemes). 

3. Phase fault detector relay elements employed to supervise other load-responsive phase 
distance elements (e.g., in order to prevent false operation in the event of a loss of 
potential) provided the distance element is set in accordance with the criteria outlined in 
the standard. 

4. Protective relay elements that are only enabled when other protection elements fail (e.g., 
overcurrent elements that are only enabled during loss of potential conditions). 

5. Protective relay elements used only for Special Protection Systems that are subject to one 
or more requirements in a NERC or Regional Reliability Standard. 

6. Protection systems that detect generator overloads that are designed to coordinate with 
the generator short time capability by utilizing an extremely inverse characteristic set to 
operate no faster than 7 seconds at 218% of fullload current (e.g., rated armature current), 
and prevent operation below 115% of full-load current.3 

7. Protection systems that detect transformer overloads and are designed only to respond in 
time periods which allow an operator 15 minutes or greater to respond to overload 
conditions. 

 

Table 1 

Table 1 beginning on the next page is structured and formatted to aid the reader with identifying 
an option for a given load-responsive protective relay. 

The first column identifies the application (e.g., synchronous or asynchronous generators, 
generator step-up transformers, unit auxiliary transformers, Elements that connect the GSU 
transformer(s) to the Transmission system that are used exclusively to export energy directly 
from a BES generating unit or generating plant. Elements may also supply generating plant 

                                                 
3 IEEE C37.102-2006, “Guide for AC Generator Protection,” Section 4.1.1.2. 
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loads). Dark blue horizontal bars, excluding the header which repeats at the top of each page, 
demarcate the various applications. 

The second column identifies the load-responsive protective relay (e.g., 21, 50, 51, 51V-C, 51V-
R, or 67) according to the applied application in the first column. A light blue horizontal bar 
between the relay types is the demarcation between relay types for a given application. These 
light blue bars will contain no text. 

The third column uses numeric and alphabetic options (i.e., index numbering) to identify the 
available options for setting load-responsive protective relays according to the application and 
applied relay type. Another, shorter, light blue bar contains the word “OR,” and reveals to the 
reader that the relay for that application has one or more options (i.e., “ways”) to determine the 
bus voltage and pickup setting criteria in the fourth and fifth column, respectively. The bus 
voltage column and pickup setting criteria columns provide the criteria for determining an 
appropriate setting. 

The table is further formatted by shading groups of relays associated with asynchronous 
generator applications. Synchronous generator applications and the unit auxiliary transformer 
applications are not shaded. Also, intentional buffers were added to the table such that similar 
options, as possible, would be paired together on a per page basis. Note that some applications 
may have an additional pairing that might occur on adjacent pages. 
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Table 1. Relay Loadability Evaluation Criteria 

Application Relay Type Option Bus Voltage4 Pickup Setting Criteria 

Synchronous 
generating unit(s), or 
Elements utilized in 
the aggregation of 
dispersed power 
producing resources 

Phase distance relay 
(21) – directional 
toward the 
Transmission 
system 

1a 

Generator bus voltage corresponding 
to 0.95 per unit of the high-side 
nominal voltage times the turns ratio 
of the generator step-up transformer 

The impedance element shall be set less than the calculated 
impedance derived from 115% of: 

(1) Real Power output – 100% of the gross MW capability 
reported to the Transmission Planner, and 

(2) Reactive Power output – 150% of the MW value, derived 
from the generator nameplate MVA rating at rated power factor 

OR 

1b 

Calculated generator bus voltage 
corresponding to 0.85 per unit 
nominal voltage on the high-side 
terminals of the generator step-up 
transformer (including the 
transformer turns ratio and 
impedance) 

The impedance element shall be set less than the calculated 
impedance derived from 115% of: 

(1) Real Power output – 100% of the gross MW capability 
reported to the Transmission Planner, and 

(2) Reactive Power output – 150% of the MW value, derived 
from the generator nameplate MVA rating at rated power factor 

OR 

1c 

Simulated generator bus voltage 
coincident with the highest Reactive 
Power output achieved during field-
forcing in response to a 0.85 per unit 
nominal voltage on the high-side 
terminals of the generator step-up 
transformer prior to field-forcing 

The impedance element shall be set less than the calculated 
impedance derived from 115% of: 

(1) Real Power output – 100% of the gross MW capability 
reported to the Transmission Planner, and 

(2) Reactive Power output –100% of the maximum gross Mvar 
output during field-forcing as determined by simulation 

The same application continues on the next page with a different relay type 

                                                 
4 Calculations using the generator step-up (GSU) transformer turns ratio shall use the actual tap that is applied (i.e., in service) for GSU transformers with 
deenergized tap changers (DETC). If load tap changers (LTC) are used, the calculations shall reflect the tap that results in the lowest generator bus voltage. When 
the criterion specifies the use of the GSU transformer’s impedance, the nameplate impedance at the nominal GSU turns ratio shall be used. 
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Table 1. Relay Loadability Evaluation Criteria 

Application Relay Type Option Bus Voltage4 Pickup Setting Criteria 

Synchronous 
generating unit(s), or 
Elements utilized in 
the aggregation of 
dispersed power 
producing resources 

Phase time 
overcurrent relay 
(51) or (51V-R) – 
voltage-restrained 

2a 

Generator bus voltage corresponding 
to 0.95 per unit of the high-side 
nominal voltage times the turns ratio 
of the generator step-up transformer 

The overcurrent element shall be set greater than 115% of the 
calculated current derived from: 

(1) Real Power output – 100% of the gross MW capability 
reported to the Transmission Planner, and 

(2) Reactive Power output – 150% of the MW value, derived 
from the generator nameplate MVA rating at rated power factor 

OR 

2b 

Calculated generator bus voltage 
corresponding to 0.85 per unit 
nominal voltage on the high-side 
terminals of the generator step-up 
transformer (including the 
transformer turns ratio and 
impedance) 

The overcurrent element shall be set greater than 115% of the 
calculated current derived from: 

(1) Real Power output – 100% of the gross MW capability 
reported to the Transmission Planner, and 

(2) Reactive Power output – 150% of the MW value, derived 
from the generator nameplate MVA rating at rated power factor 

OR 

2c 

Simulated generator bus voltage 
coincident with the highest Reactive 
Power output achieved during field-
forcing in response to a 0.85 per unit 
nominal voltage on the high-side 
terminals of the generator step-up 
transformer prior to field-forcing 

The overcurrent element shall be set greater than 115% of the 
calculated current derived from: 

(1) Real Power output – 100% of the gross MW capability 
reported to the Transmission Planner or, and 

(2) Reactive Power output –100% of the maximum gross Mvar 
output during field-forcing as determined by simulation 

The same application continues with a different relay type below 

Phase time 
overcurrent relay 
(51V-C) – voltage 
controlled (Enabled 
to operate as a 
function of voltage) 

3 

Generator bus voltage corresponding 
to 1.0 per unit of the high-side 
nominal voltage times the turns ratio 
of the generator step-up transformer 

Voltage control setting shall be set less than 75% of the 
calculated generator bus voltage 

A different application starts on the next page  
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Table 1. Relay Loadability Evaluation Criteria 

Application Relay Type Option Bus Voltage4 Pickup Setting Criteria 

Asynchronous 
generating unit(s) 
(including inverter-
based installations), 
or Elements utilized 
in the aggregation of 
dispersed power 
producing resources 

Phase distance relay 
(21) – directional 
toward the 
Transmission 
system 

4 

Generator bus voltage corresponding 
to 1.0 per unit of the high-side 
nominal voltage times the turns ratio 
of the generator step-up transformer 

The impedance element shall be set less than the calculated 
impedance derived from 130% of the maximum aggregate 
nameplate MVA output at rated power factor (including the 
Mvar output of any static or dynamic reactive power devices) 

 

Phase time 
overcurrent relay 
(51) or (51V-R) – 
voltage-restrained 

5 

Generator bus voltage corresponding 
to 1.0 per unit of the high-side 
nominal voltage times the turns ratio 
of the generator step-up transformer 

The overcurrent element shall be set greater than 130% of the 
calculated current derived from the maximum aggregate 
nameplate MVA output at rated power factor (including the 
Mvar output of any static or dynamic reactive power devices) 

 

Phase time 
overcurrent relay 
(51V-C) – voltage 
controlled (Enabled 
to operate as a 
function of voltage) 

6 

Generator bus voltage corresponding 
to 1.0 per unit of the high-side 
nominal voltage times the turns ratio 
of the generator step-up transformer 

Voltage control setting shall be set less than 75% of the 
calculated generator bus voltage 

A different application starts on the next page 
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Table 1. Relay Loadability Evaluation Criteria 

Application Relay Type Option Bus Voltage4 Pickup Setting Criteria 

Generator step-up 
transformer(s) 
connected to 
synchronous 
generators 

Phase distance relay 
(21) – directional 
toward the 
Transmission 
system – installed 
on generator-side of 
the GSU 
transformer 

If the relay is 
installed on the 
high-side of the 
GSU transformer 
use Option 14 

 

7a 

Generator bus voltage corresponding 
to 0.95 per unit of the high-side 
nominal voltage times the turns ratio 
of the generator step-up transformer 

The impedance element shall be set less than the calculated 
impedance derived from 115% of: 

(1) Real Power output – 100% of the aggregate generation gross 
MW reported to the Transmission Planner, and 

(2) Reactive Power output – 150% of the aggregate generation 
MW value, derived from the generator nameplate MVA rating at 
rated power factor 

OR 

7b 

Calculated generator bus voltage 
corresponding to 0.85 per unit 
nominal voltage on the high-side 
terminals of the generator step-up 
transformer (including the 
transformer turns ratio and 
impedance) 

The impedance element shall be set less than the calculated 
impedance derived from 115% of: 

(1) Real Power output – 100% of the aggregate generation gross 
MW reported to the Transmission Planner, and 

(2) Reactive Power output – 150% of the aggregate generation 
MW value, derived from the generator nameplate MVA rating at 
rated power factor 

OR 

7c 

Simulated generator bus voltage 
coincident with the highest Reactive 
Power output achieved during field-
forcing in response to a 0.85 per unit 
nominal voltage on the high-side 
terminals of the generator step-up 
transformer prior to field-forcing 

The impedance element shall be set less than the calculated 
impedance derived from 115% of: 

(1) Real Power output – 100% of the aggregate generation gross 
MW reported to the Transmission Planner, and 

(2) Reactive Power output –100% of the aggregate generation 
maximum gross Mvar output during field-forcing as determined 
by simulation 

The same application continues on the next page with a different relay type 
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Table 1. Relay Loadability Evaluation Criteria 

Application Relay Type Option Bus Voltage4 Pickup Setting Criteria 

Generator step-up 
transformer(s) 
connected to 
synchronous 
generators 

Phase time 
overcurrent relay 
(51) – installed on 
generator-side of the 
GSU transformer 

If the relay is 
installed on the 
high-side of the 
GSU transformer 
use Option 15 

 

8a 

Generator bus voltage corresponding 
to 0.95 per unit of the high-side 
nominal voltage times the turns ratio 
of the generator step-up transformer 

The overcurrent element shall be set greater than 115% of the 
calculated current derived from: 

(1) Real Power output – 100% of the aggregate generation gross 
MW reported to the Transmission Planner, and 

(2) Reactive Power output – 150% of the aggregate generation 
MW value, derived from the generator nameplate MVA rating at 
rated power factor 

OR 

8b 

Calculated generator bus voltage 
corresponding to 0.85 per unit 
nominal voltage on the high-side 
terminals of the generator step-up 
transformer (including the 
transformer turns ratio and 
impedance) 

The overcurrent element shall be set greater than 115% of the 
calculated current derived from: 

(1) Real Power output – 100% of the aggregate generation gross 
MW reported to the Transmission Planner, and 

(2) Reactive Power output – 150% of the aggregate generation 
MW value, derived from the generator nameplate MVA rating at 
rated power factor 

OR 

8c 

Simulated generator bus voltage 
coincident with the highest Reactive 
Power output achieved during field-
forcing in response to a 0.85 per unit 
nominal voltage on the high-side 
terminals of the generator step-up 
transformer prior to field-forcing 

The overcurrent element shall be set greater than 115% of the 
calculated current derived from: 

(1) Real Power output – 100% of the aggregate generation gross 
MW reported to the Transmission Planner, and 

(2) Reactive Power output –100% of the aggregate generation 
maximum gross Mvar output during field-forcing as determined 
by simulation 

The same application continues on the next page with a different relay type 
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Table 1. Relay Loadability Evaluation Criteria 

Application Relay Type Option Bus Voltage4 Pickup Setting Criteria 

Generator step-up 
transformer(s) 
connected to 
synchronous 
generators 

Phase directional 
time overcurrent 
relay (67) – 
directional toward 
the Transmission 
system – installed 
on generator-side of 
the GSU 
transformer 

If the relay is 
installed on the 
high-side of the 
GSU transformer 
use Option 16 

 

9a 

Generator bus voltage corresponding 
to 0.95 per unit of the high-side 
nominal voltage times the turns ratio 
of the generator step-up transformer 

The overcurrent element shall be set greater than 115% of the 
calculated current derived from: 

(1) Real Power output – 100% of the aggregate generation gross 
MW reported to the Transmission Planner, and 

(2) Reactive Power output – 150% of the aggregate generation 
MW value, derived from the generator nameplate MVA rating at 
rated power factor 

OR 

9b 

Calculated generator bus voltage 
corresponding to 0.85 per unit 
nominal voltage on the high-side 
terminals of the generator step-up 
transformer (including the 
transformer turns ratio and 
impedance) 

The overcurrent element shall be set greater than 115% of the 
calculated current derived from: 

(1) Real Power output – 100% of the aggregate generation gross 
MW reported to the Transmission Planner, and 

(2) Reactive Power output – 150% of the aggregate generation 
MW value, derived from the generator nameplate MVA rating at 
rated power factor 

OR 

9c 

Simulated generator bus voltage 
coincident with the highest Reactive 
Power output achieved during field-
forcing in response to a 0.85 per unit 
nominal voltage on the high-side 
terminals of the generator step-up 
transformer prior to field-forcing 

The overcurrent element shall be set greater than 115% of the 
calculated current derived from: 

(1) Real Power output – 100% of the aggregate generation gross 
MW reported to the Transmission Planner, and 

(2) Reactive Power output –100% of the aggregate generation 
maximum gross Mvar output during field-forcing as determined 
by simulation 

A different application starts on the next page 
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Table 1. Relay Loadability Evaluation Criteria 

Application Relay Type Option Bus Voltage4 Pickup Setting Criteria 

Generator step-up 
transformer(s) 
connected to 
asynchronous 
generators only 
(including inverter-
based installations) 

Phase distance relay 
(21) – directional 
toward the 
Transmission 
system – installed 
on generator-side of 
the GSU 
transformer 

If the relay is 
installed on the 
high-side of the 
GSU transformer 
use Option 17 

10 

Generator bus voltage corresponding 
to 1.0 per unit of the high-side 
nominal voltage times the turns ratio 
of the generator step-up transformer 

The impedance element shall be set less than the calculated 
impedance derived from 130% of the maximum aggregate 
nameplate MVA output at rated power factor (including the 
Mvar output of any static or dynamic reactive power devices) 

 

Phase time 
overcurrent relay 
(51) – installed on 
generator-side of the 
GSU transformer 

If the relay is 
installed on the 
high-side of the 
GSU transformer 
use Option 18 

11 

Generator bus voltage corresponding 
to 1.0 per unit of the high-side 
nominal voltage times the turns ratio 
of the generator step-up transformer 
for overcurrent relays installed on the 
low-side 

The overcurrent element shall be set greater than 130% of the 
calculated current derived from the maximum aggregate 
nameplate MVA output at rated power factor (including the 
Mvar output of any static or dynamic reactive power devices) 

The same application continues on the next page with a different relay type 



PRC-025-1— Generator Relay Loadability 

 15 of 22
  

Table 1. Relay Loadability Evaluation Criteria 

Application Relay Type Option Bus Voltage4 Pickup Setting Criteria 

Generator step-up 
transformer(s) 
connected to 
asynchronous 
generators only 
(including inverter-
based installations) 

Phase directional 
time overcurrent 
relay (67) – 
directional toward 
the Transmission 
system – installed 
on generator-side of 
the GSU 
transformer 

 

If the relay is 
installed on the 
high-side of the 
GSU transformer 
use Option 19 

12 

Generator bus voltage corresponding 
to 1.0 per unit of the high-side 
nominal voltage times the turns ratio 
of the generator step-up transformer 

The overcurrent element shall be set greater than 130% of the 
calculated current derived from the maximum aggregate 
nameplate MVA output at rated power factor (including the 
Mvar output of any static or dynamic reactive power devices) 

A different application starts below 

Unit auxiliary 
transformer(s) (UAT) 

Phase time 
overcurrent relay 
(51) applied at the 
high-side terminals 
of the UAT, for 
which operation of 
the relay will cause 
the associated 
generator to trip. 

13a 
1.0 per unit of the winding nominal 
voltage of the unit auxiliary 
transformer 

The overcurrent element shall be set greater than 150% of the 
calculated current derived from the unit auxiliary transformer 
maximum nameplate MVA rating 

OR 

13b 
Unit auxiliary transformer bus 
voltage corresponding to the 
measured current 

The overcurrent element shall be set greater than 150% of the 
unit auxiliary transformer measured current at the generator 
maximum gross MW capability reported to the Transmission 
Planner 

A different application starts on the next page 
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Table 1. Relay Loadability Evaluation Criteria 

Application Relay Type Option Bus Voltage4 Pickup Setting Criteria 

Elements that 
connect the GSU 
transformer(s) to the 
Transmission system 
that are used 
exclusively to export 
energy directly from 
a BES generating unit 
or generating plant. 
Elements may also 
supply generating 
plant loads. –
connected to 
synchronous 
generators 

Phase distance relay 
(21) – directional 
toward the 
Transmission 
system – installed 
on the high-side of 
the GSU 
transformer 

 

If the relay is 
installed on the 
generator-side of the 
GSU transformer 
use Option 7 

14a 
0.85 per unit of the line nominal 
voltage 

The impedance element shall be set less than the calculated 
impedance derived from 115% of: 

(1) Real Power output – 100% of the aggregate generation gross 
MW reported to the Transmission Planner, and 

(2) Reactive Power output – 120% of the aggregate generation 
MW value, derived from the generator nameplate MVA rating at 
rated power factor 

OR 

14b 

Simulated line voltage coincident 
with the highest Reactive Power 
output achieved during field-forcing 
in response to a 0.85 per unit nominal 
voltage on the high-side terminals of 
the generator step-up transformer 
prior to field-forcing 

The impedance element shall be set less than the calculated 
impedance derived from 115% of: 

(1) Real Power output – 100% of the aggregate generation gross 
MW reported to the Transmission Planner, and 

(2) Reactive Power output –100% of the aggregate generation 
maximum gross Mvar output during field-forcing as determined 
by simulation 

The same application continues on the next page with a different relay type 



PRC-025-1— Generator Relay Loadability 

 17 of 22
  

Table 1. Relay Loadability Evaluation Criteria 

Application Relay Type Option Bus Voltage4 Pickup Setting Criteria 

Elements that 
connect the GSU 
transformer(s) to the 
Transmission system 
that are used 
exclusively to export 
energy directly from 
a BES generating unit 
or generating plant. 
Elements may also 
supply generating 
plant loads. –
connected to 
synchronous 
generators 

Phase overcurrent 
supervisory element 
(50) –  associated 
with current-based, 
communication-
assisted schemes 
where the scheme is 
capable of tripping 
for loss of 
communications 
installed on the 
high-side of the 
GSU transformer or 
phase time 
overcurrent relay 
(51) – installed on 
the high-side of the 
GSU transformer 

 

If the relay is 
installed on the 
generator-side of the 
GSU transformer 
use Option 8 

15a 
0.85 per unit of the line nominal 
voltage 

The overcurrent element shall be set greater than 115% of the 
calculated current derived from: 

(1) Real Power output – 100% of the aggregate generation gross 
MW reported to the Transmission Planner, and 

(2) Reactive Power output – 120% of the aggregate generation 
MW value, derived from the generator nameplate MVA rating at 
rated power factor 

OR 

15b 

Simulated line voltage coincident 
with the highest Reactive Power 
output achieved during field-forcing 
in response to a 0.85 per unit nominal 
voltage on the high-side terminals of 
the generator step-up transformer 
prior to field-forcing 

The overcurrent element shall be set greater than 115% of the 
calculated current derived from: 

(1) Real Power output – 100% of the aggregate generation gross 
MW reported to the Transmission Planner, and 

(2) Reactive Power output –100% of the aggregate generation 
maximum gross Mvar output during field-forcing as determined 
by simulation 

The same application continues on the next page with a different relay type 
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Table 1. Relay Loadability Evaluation Criteria 

Application Relay Type Option Bus Voltage4 Pickup Setting Criteria 

Elements that 
connect the GSU 
transformer(s) to the 
Transmission system 
that are used 
exclusively to export 
energy directly from 
a BES generating unit 
or generating plant. 
Elements may also 
supply generating 
plant load. –
connected to 
synchronous 
generators 

Phase directional 
overcurrent 
supervisory element 
(67) – associated 
with current-based, 
communication-
assisted schemes 
where the scheme is 
capable of tripping 
for loss of 
communications 
directional toward 
the Transmission 
system installed on 
the high-side of the 
GSU transformer or 
phase directional 
time overcurrent 
relay (67) – 
directional toward 
the Transmission 
system installed on 
the high-side of the 
GSU transformer 

 

If the relay is 
installed on the 
generator-side of the 
GSU transformer 
use Option 9 

16a 
0.85 per unit of the line nominal 
voltage 

The overcurrent element shall be set greater than 115% of the 
calculated current derived from: 

(1) Real Power output – 100% of the aggregate generation gross 
MW reported to the Transmission Planner, and 

(2) Reactive Power output – 120% of the aggregate generation 
MW value, derived from the generator nameplate MVA rating at 
rated power factor 

OR 

16b 

Simulated line voltage coincident 
with the highest Reactive Power 
output achieved during field-forcing 
in response to a 0.85 per unit nominal 
voltage on the high-side terminals of 
the generator step-up transformer 
prior to field-forcing 

The overcurrent element shall be set greater than 115% of the 
calculated current derived from: 

(1) Real Power output – 100% of the aggregate generation gross 
MW reported to the Transmission Planner, and 

(2) Reactive Power output –100% of the aggregate generation 
maximum gross Mvar output during field-forcing as determined 
by simulation 

A different application starts on the next page 
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Table 1. Relay Loadability Evaluation Criteria 

Application Relay Type Option Bus Voltage4 Pickup Setting Criteria 

Elements that 
connect the GSU 
transformer(s) to the 
Transmission system 
that are used 
exclusively to export 
energy directly from 
a BES generating unit 
or generating plant. 
Elements may also 
supply generating 
plant loads. –
connected to 
asynchronous 
generators only 
(including inverter-
based installations) 

Phase distance relay 
(21) – directional 
toward the 
Transmission 
system– installed on 
the high-side of the 
GSU transformer 

 

If the relay is 
installed on the 
generator-side of the 
GSU transformer 
use Option 10 

17 
1.0 per unit of the line nominal 
voltage 

The impedance element shall be set less than the calculated 
impedance derived from 130% of the maximum aggregate 
nameplate MVA output at rated power factor (including the 
Mvar output of any static or dynamic reactive power devices) 

The same application continues on the next page with a different relay type 
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Table 1. Relay Loadability Evaluation Criteria 

Application Relay Type Option Bus Voltage4 Pickup Setting Criteria 

Elements that 
connect the GSU 
transformer(s) to the 
Transmission system 
that are used 
exclusively to export 
energy directly from 
a BES generating unit 
or generating plant. 
Elements may also 
supply generating 
plant loads. – 
connected to 
asynchronous 
generators only 
(including inverter-
based installations) 

Phase overcurrent 
supervisory element 
(50) – associated 
with current-based, 
communication-
assisted schemes 
where the scheme is 
capable of tripping 
for loss of 
communications  
installed on the 
high-side of the 
GSU transformer or 
Phase time 
overcurrent relay 
(51) – installed on 
the high-side of the 
GSU transformer 

 

If the relay is 
installed on the 
generator-side of the 
GSU transformer 
use Option 11 

18 
1.0 per unit of the line nominal 
voltage  

The overcurrent element shall be set greater than 130% of the 
calculated current derived from the maximum aggregate 
nameplate MVA output at rated power factor (including the 
Mvar output of any static or dynamic reactive power devices) 

The same application continues on the next page with a different relay type 
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Table 1. Relay Loadability Evaluation Criteria 

Application Relay Type Option Bus Voltage4 Pickup Setting Criteria 

Elements that 
connect the GSU 
transformer(s) to the 
Transmission system 
that are used 
exclusively to export 
energy directly from 
a BES generating unit 
or generating plant. 
Elements may also 
supply generating 
plant loads. –
connected to 
asynchronous 
generators only 
(including inverter-
based installations) 

Phase directional 
overcurrent 
supervisory element 
(67) – associated 
with current-based, 
communication-
assisted schemes 
where the scheme is 
capable of tripping 
for loss of 
communications 
directional toward 
the Transmission 
system installed on 
the high-side of the 
GSU transformer or 
Phase directional 
time overcurrent 
relay (67) – installed 
on the high-side of 
the GSU 
transformer 

 

If the relay is 
installed on the 
generator-side of the 
GSU transformer 
use Option 12 

19 
1.0 per unit of the line nominal 
voltage  

The overcurrent element shall be set greater than 130% of the 
calculated current derived from the maximum aggregate 
nameplate MVA output at rated power factor (including the 
Mvar output of any static or dynamic reactive power devices) 

End of Table 1 
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Rationale: 

During development of this standard, text boxes were embedded within the standard to explain 
the rationale for various parts of the standard.  Upon BOT approval, the text from the rationale 
text boxes was moved to this section. 

Rationale for R1: 

Requirement R1 is a risk-based requirement that requires the responsible entity to be aware of 
each protective relay subject to the standard and applies an appropriate setting based on its 
calculations or simulation for the conditions established in Attachment 1. 

The criteria established in Attachment 1 represent short-duration conditions during which 
generation Facilities are capable of providing system reactive resources, and for which 
generation Facilities have been historically recorded to disconnect, causing events to become 
more severe. 

The term, “while maintaining reliable fault protection” in Requirement R1 describes that the 
responsible entity is to comply with this standard while achieving their desired protection goals. 
Refer to the Guidelines and Technical Basis, Introduction, for more information. 

 

Version History 
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This appendix establishes specific provisions for the application of the standard in Québec. Provisions of 

the standard and of its appendix must be read together for the purposes of understanding and 

interpretation. Where the standard and appendix differ, the appendix shall prevail. 

A. Introduction 

1. Title: Generator Relay Loadability 

2. Number: PRC-025-1 

Purpose: No specific provision 

3. Applicability: 

3.1. Functional Entity: 

No specific provision 

3.2. Facilities: The following Elements associated with Main Transmission System (RTP) 

generating units and generating plants, including those generating units and generating 

plants identified as Blackstart Resources in the Transmission Operator’s system 

restoration plan: 

3.2.1 No specific provision. 

3.2.2 No specific provision. 

3.2.3 No specific provision. 

3.2.4 Elements that connect the GSU transformer(s) to the Transmission 

system that are used exclusively to export energy directly from a RTP 

generating unit or generating plant. Elements may also supply 

generating plant loads. 

3.2.5 No specific provision. 

3.3. Exemptions: The generating facilities that are not connected to the RTP are exempted 

from the application of this standard. 

4. Background 

No specific provision 

5. Effective Date: 

5.1. Adoption of the standard by the Régie de l’énergie: September 27, 2017 

5.2. Adoption of the appendix by the Régie de l’énergie: September 27, 2017 

5.3. Effective date of the standard and its appendix in Québec: October 1
st
, 2017 

IMPLEMENTATION PLAN OF PRC-025-1 STANDARD 

Requirements Applicability  Implementation 

timeline in Québec  

Date of 

enforcement in 

Québec  

All For entities affected 

by the standard in  

48 months after 

adoption of the 

October 1st, 2021  
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which load-

responsive 

protective relays can 

be set in accordance 

with the standard 

 

standard by the 

Régie if the load-

responsive 

protective relays can 

be set in accordance 

with the standard 

 

 

All  For entities affected 

by the standard 

under which the 

replacement or 

retirement of load-

responsible 

protective relays can 

be set in accordance 

with the standard 

 

72 months after the 

Régie’s adoption of 

the standard if the 

replacement or 

retirement is 

necessary  

October 1st, 2023  

 

B. Requirements and Measures 

No specific provision 

C. Compliance 

1. Compliance Monitoring Process 

1.1 Compliance Enforcement Authority 

The Régie de l’énergie is responsible, in Québec, for compliance monitoring with 

respect to the reliability standard and its appendix that it adopts. 

1.2 Evidence Retention 

No specific provision 

1.3 Compliance Monitoring and Assessment Process 

No specific provision 

1.4 Additional Compliance Information 

No specific provision 

Table of Compliance Elements 

No specific provision 

D. Regional Differences 

No specific provision 
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E. Interpretations  

No specific provision 

F. Associated documents 

No specific provision 

PRC-025-1 – Attachment 1: Relays Settings 

No specific provision 

Table 1 

No specific provision 

Rationale 

No specific provision 

Revision History  

Revision Date Action Change Tracking 

0 September 27, 

2017 

New appendix New 
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A. Introduction 

1. Title: Transmission System Planning Performance Requirements   

2. Number: TPL-001-4 

3. Purpose: Establish Transmission system planning performance requirements within the 

planning horizon to develop a Bulk Electric System (BES) that will operate reliably over a 

broad spectrum of System conditions and following a wide range of probable Contingencies.    

4. Applicability: 

4.1. Functional Entity  

4.1.1. Planning Coordinator.  

4.1.2. Transmission Planner. 

5. Effective Date: Requirements R1 and R7 as well as the definitions shall become effective on 

the first day of the first calendar quarter, 12 months after applicable regulatory approval.  In 

those jurisdictions where regulatory approval is not required, Requirements R1 and R7 become 

effective on the first day of the first calendar quarter, 12 months after Board of Trustees 

adoption or as otherwise made effective pursuant to the laws applicable to such ERO 

governmental authorities.    

Except as indicated below, Requirements R2 through R6 and Requirement R8 shall become 

effective on the first day of the first calendar quarter, 24 months after applicable regulatory 

approval.  In those jurisdictions where regulatory approval is not required, all requirements, 

except as noted below, go into effect on the first day of the first calendar quarter, 24 months 

after Board of Trustees adoption or as otherwise made effective pursuant to the laws 

applicable to such ERO governmental authorities. 

For 84 calendar months beginning the first day of the first calendar quarter following applicable 

regulatory approval, or in those jurisdictions where regulatory approval is not required on the 

first day of the first calendar quarter 84 months after Board of Trustees adoption or as 

otherwise made effective pursuant to the laws applicable to such ERO governmental 

authorities, Corrective Action Plans applying to the following categories of Contingencies and 

events identified in TPL-001-4, Table 1 are allowed to include Non-Consequential Load Loss 

and curtailment of Firm Transmission Service (in accordance with Requirement R2, Part 2.7.3.) 

that would not otherwise be permitted by the requirements of TPL-001-4:   

 P1-2  (for controlled interruption of electric supply to local network customers 

connected to or supplied by the Faulted element) 

 P1-3 (for controlled interruption of electric supply to local network customers 

connected to or supplied by the Faulted element) 

 P2-1  

 P2-2 (above 300 kV)  

 P2-3 (above 300 kV)  

 P3-1 through P3-5  

 P4-1 through P4-5 (above 300 kV)  

 P5 (above 300 kV) 
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B. Requirements 

R1. Each Transmission Planner and Planning Coordinator shall maintain System models within its 

respective area for performing the studies needed to complete its Planning Assessment.  The 

models shall use data consistent with that provided in accordance with the MOD-010 and 

MOD-012 standards, supplemented by other sources as needed, including items represented in 

the Corrective Action Plan, and shall represent projected System conditions.  This establishes 

Category P0 as the normal System condition in Table 1. [Violation Risk Factor: High]  [Time 

Horizon: Long-term Planning]   

1.1. System models shall represent:  

1.1.1. Existing Facilities 

1.1.2. Known outage(s) of generation or Transmission Facility(ies) with a duration 

of at least six months.   

1.1.3. New planned Facilities and changes to existing Facilities  

1.1.4. Real and reactive Load forecasts 

1.1.5. Known commitments for Firm Transmission Service and Interchange  

1.1.6. Resources (supply or demand side) required for Load            

R2. Each Transmission Planner and Planning Coordinator shall prepare an annual Planning 

Assessment of its portion of the BES. This Planning Assessment shall use current or qualified 

past studies (as indicated in Requirement R2, Part 2.6), document assumptions, and document 

summarized results of the steady state analyses, short circuit analyses, and Stability analyses.  

[Violation Risk Factor: High]  [Time Horizon: Long-term Planning]  

2.1. For the Planning Assessment, the Near-Term Transmission Planning Horizon portion 

of the steady state analysis shall be assessed annually and be supported by current 

annual studies or qualified past studies as indicated in Requirement R2, Part 2.6.  

Qualifying studies need to include the following conditions: 

2.1.1. System peak Load for either Year One or year two, and for year five.    

2.1.2. System Off-Peak Load for one of the five years.     

2.1.3. P1 events in Table 1, with known outages modeled as in Requirement R1, 

Part 1.1.2, under those System peak or Off-Peak conditions when known 

outages are scheduled. 

2.1.4. For each of the studies described in Requirement R2, Parts 2.1.1 and 2.1.2, 

sensitivity case(s) shall be utilized to demonstrate the impact of changes to 

the basic assumptions used in the model.  To accomplish this, the sensitivity 

analysis in the Planning Assessment must vary one or more of the following 

conditions by a sufficient amount to stress the System within a range of 

credible conditions that demonstrate a measurable change in System 

response : 

 Real and reactive forecasted Load.  

 Expected transfers.   

 Expected in service dates of new or modified Transmission Facilities.   

 Reactive resource capability.   

 Generation additions, retirements, or other dispatch scenarios.  
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 Controllable Loads and Demand Side Management.  

 Duration or timing of known Transmission outages.     

2.1.5. When an entity’s spare equipment strategy could result in the unavailability 

of major Transmission equipment that has a lead time of one year or more 

(such as a transformer), the impact of this possible unavailability on System 

performance shall be studied.  The studies shall be performed for the P0, P1, 

and P2 categories identified in Table 1 with the conditions that the System is 

expected to experience during the possible unavailability of the long lead 

time equipment. 

2.2. For the Planning Assessment, the Long-Term Transmission Planning Horizon portion 

of the steady state analysis shall be assessed annually and be supported by the 

following annual current study, supplemented with qualified past studies as indicated 

in Requirement R2, Part 2.6:   

2.2.1. A current study assessing expected System peak Load conditions for one of 

the years in the Long-Term Transmission Planning Horizon and the rationale 

for why that year was selected.   

2.3. The short circuit analysis portion of the Planning Assessment shall be conducted 

annually addressing the Near-Term Transmission Planning Horizon and can be 

supported by current or past studies as qualified in Requirement R2, Part 2.6.  The 

analysis shall be used to determine whether circuit breakers have interrupting 

capability for Faults that they will be expected to interrupt using the System short 

circuit model with any planned generation and Transmission Facilities in service 

which could impact the study area.   

2.4. For the Planning Assessment, the Near-Term Transmission Planning Horizon portion 

of the Stability analysis shall be assessed annually and be supported by current or past 

studies as qualified in Requirement R2, Part2.6.  The following studies are required:   

2.4.1. System peak Load for one of the five years.  System peak Load levels shall 

include a Load model which represents the expected dynamic behavior of 

Loads that could impact the study area, considering the behavior of induction 

motor Loads.  An aggregate System Load model which represents the overall 

dynamic behavior of the Load is acceptable.      

2.4.2. System Off-Peak Load for one of the five years.  

2.4.3. For each of the studies described in Requirement R2, Parts 2.4.1 and 2.4.2, 

sensitivity case(s) shall be utilized to demonstrate the impact of changes to 

the basic assumptions used in the model.  To accomplish this, the sensitivity 

analysis in the Planning Assessment must vary one or more of the following 

conditions by a sufficient amount to stress the System within a range of 

credible conditions that demonstrate a measurable change in performance: 

 Load level, Load forecast, or dynamic Load model assumptions.   

 Expected transfers.  

 Expected in service dates of new or modified Transmission Facilities.  

 Reactive resource capability.  

 Generation additions, retirements, or other dispatch scenarios.   
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2.5. For the Planning Assessment, the Long-Term Transmission Planning Horizon portion 

of the Stability analysis shall be assessed to address the impact of proposed material 

generation additions or changes in that timeframe and be supported by current or past 

studies as qualified in Requirement R2, Part2.6 and shall include documentation to 

support the technical rationale for determining material changes.  

2.6. Past studies may be used to support the Planning Assessment if they meet the 

following requirements: 

2.6.1. For steady state, short circuit, or Stability analysis: the study shall be five 

calendar years old or less, unless a technical rationale can be provided to 

demonstrate that the results of an older study are still valid.     

2.6.2. For steady state, short circuit, or Stability analysis: no material changes have 

occurred to the System represented in the study.   Documentation to support 

the technical rationale for determining material changes shall be included.     

2.7. For planning events shown in Table 1, when the analysis indicates an inability of the 

System to meet the performance requirements in Table 1, the Planning Assessment 

shall include Corrective Action Plan(s) addressing how the performance requirements 

will be met. Revisions to the Corrective Action Plan(s) are allowed in subsequent 

Planning Assessments but the planned System shall continue to meet the performance 

requirements in Table 1. Corrective Action Plan(s) do not need to be developed solely 

to meet the performance requirements for a single sensitivity case analyzed in 

accordance with Requirements R2, Parts 2.1.4 and 2.4.3.  The Corrective Action 

Plan(s) shall: 

2.7.1. List System deficiencies and the associated actions needed to achieve 

required System performance.  Examples of such actions  include:   

 Installation, modification, retirement, or removal of Transmission and 

generation Facilities and any associated equipment.  

 Installation, modification, or removal of Protection Systems or Special 

Protection Systems  

 Installation or modification of automatic generation tripping as a 

response to a single or multiple Contingency to mitigate Stability 

performance violations.  

 Installation or modification of manual and automatic generation 

runback/tripping as a response to a single or multiple Contingency to 

mitigate steady state performance violations.  

 Use of Operating Procedures specifying how long they will be needed 

as part of the Corrective Action Plan.  

 Use of rate applications, DSM, new technologies, or other initiatives.    

2.7.2. Include actions to resolve performance deficiencies identified in multiple 

sensitivity studies or provide a rationale for why actions were not necessary.  

2.7.3. If situations arise that are beyond the control of the Transmission Planner or 

Planning Coordinator that prevent the implementation of a Corrective Action 

Plan in the required timeframe, then the Transmission Planner or Planning 

Coordinator is permitted to utilize Non-Consequential Load Loss and 

curtailment of Firm Transmission Service to correct the situation that would 

normally not be permitted in Table 1, provided that the Transmission Planner 



Standard TPL-001-4 — Transmission System Planning Performance Requirements 

  5 

or Planning Coordinator documents that they are taking actions to resolve the 

situation.  The Transmission Planner or Planning Coordinator shall 

document the situation causing the problem, alternatives evaluated, and the 

use of Non-Consequential Load Loss or curtailment of Firm Transmission 

Service.       

2.7.4. Be reviewed in subsequent annual Planning Assessments for continued 

validity and implementation status of identified System Facilities and 

Operating Procedures.  

2.8. For short circuit analysis, if the short circuit current interrupting duty on circuit 

breakers determined in Requirement R2, Part 2.3 exceeds their Equipment Rating, the 

Planning Assessment shall include a Corrective Action Plan to address the Equipment 

Rating violations.  The Corrective Action Plan shall:    

2.8.1. List System deficiencies and the associated actions needed to achieve 

required System performance.   

2.8.2. Be reviewed in subsequent annual Planning Assessments for continued 

validity and implementation status of identified System Facilities and 

Operating Procedures. 

R3. For the steady state portion of the Planning Assessment, each Transmission Planner and 

Planning Coordinator shall perform studies for the Near-Term and Long-Term Transmission 

Planning Horizons in Requirement R2, Parts 2.1, and 2.2.    The studies shall be based on 

computer simulation models using data provided in Requirement R1.  [Violation Risk Factor: 

Medium]  [Time Horizon: Long-term Planning]  

3.1. Studies shall be performed for planning events to determine whether the BES meets 

the performance requirements in Table 1 based on the Contingency list created in 

Requirement R3, Part 3.4.  

3.2. Studies shall be performed to assess the impact of the extreme events which are 

identified by the list created in Requirement R3, Part 3.5.  

3.3. Contingency analyses for Requirement R3, Parts 3.1 & 3.2 shall:  

3.3.1. Simulate the removal of all elements that the Protection System and other 

automatic controls are expected to disconnect for each Contingency without 

operator intervention.  The analyses shall include the impact of subsequent: 

3.3.1.1. Tripping of generators where simulations show generator bus 

voltages or high side of the generation step up (GSU) voltages 

are less than known or assumed minimum generator steady state 

or ride through voltage limitations.  Include in the assessment 

any assumptions made.   

3.3.1.2. Tripping of Transmission elements where relay loadability limits 

are exceeded.   

3.3.2. Simulate the expected automatic operation of existing and planned devices 

designed to provide steady state control of electrical system quantities when 

such devices impact the study area.  These devices may include equipment 

such as phase-shifting transformers, load tap changing transformers, and 

switched capacitors and inductors. 

3.4. Those planning events in Table 1, that are expected to produce more severe System 

impacts on its portion of the BES, shall be identified and a list of those Contingencies 
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to be evaluated for System performance in Requirement R3, Part 3.1 created. The 

rationale for those Contingencies selected for evaluation shall be available as 

supporting information.     

3.4.1. The Planning Coordinator and Transmission Planner shall coordinate with 

adjacent Planning Coordinators and Transmission Planners to ensure that 

Contingencies on adjacent Systems which may impact their Systems are 

included in the Contingency list. 

3.5. Those extreme events in Table 1 that are expected to produce more severe System 

impacts shall be identified and a list created of those events to be evaluated in 

Requirement R3, Part 3.2.  The rationale for those Contingencies selected for 

evaluation shall be available as supporting information.  If the analysis concludes 

there is Cascading caused by the occurrence of extreme events, an evaluation of 

possible actions designed to reduce the likelihood or mitigate the consequences and 

adverse impacts of the event(s) shall be conducted.   

R4. For the Stability portion of the Planning Assessment, as described in Requirement R2, Parts 2.4 

and 2.5, each Transmission Planner and Planning Coordinator shall perform the Contingency 

analyses listed in Table 1.  The studies shall be based on computer simulation models using 

data provided in Requirement R1.      [Violation Risk Factor: Medium]  [Time Horizon: Long-

term Planning]  

4.1. Studies shall be performed for planning events to determine whether the BES meets 

the performance requirements in Table 1 based on the Contingency list created in 

Requirement R4, Part 4.4.  

4.1.1. For planning event P1: No generating unit shall pull out of synchronism.  A 

generator being disconnected from the System by fault clearing action or by 

a Special Protection System is not considered pulling out of synchronism.  

4.1.2. For planning events P2 through P7:  When a generator  pulls out of 

synchronism  in the simulations,  the resulting apparent impedance swings 

shall not result in the tripping of any Transmission system elements other 

than the generating unit and its directly connected Facilities. 

4.1.3. For planning events P1 through P7: Power oscillations shall exhibit 

acceptable damping as established by the Planning Coordinator and 

Transmission Planner. 

4.2. Studies shall be performed to assess the impact of the extreme events which are 

identified by the list created in Requirement R4, Part 4.5.   

4.3. Contingency analyses for Requirement R4, Parts 4.1 and 4.2 shall :  

4.3.1. Simulate the removal of all elements that the Protection System and other 

automatic controls are expected to disconnect for each Contingency without 

operator intervention.  The analyses shall include the impact of subsequent:  

4.3.1.1. Successful high speed (less than one second) reclosing and 

unsuccessful high speed reclosing into a Fault where high speed 

reclosing is utilized.  

4.3.1.2. Tripping of generators where simulations show generator bus 

voltages or high side of the GSU voltages are less than known or 

assumed generator low voltage ride through capability. Include 

in the assessment any assumptions made.     
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4.3.1.3. Tripping of Transmission lines and transformers where transient 

swings cause Protection System operation based on generic or 

actual relay models.   

4.3.2. Simulate the expected automatic operation of existing and planned devices 

designed to provide dynamic control of electrical system quantities when 

such devices impact the study area.  These devices may include equipment 

such as generation exciter control and power system stabilizers, static var 

compensators, power flow controllers, and DC Transmission controllers. 

4.4. Those planning events in Table 1 that are expected to produce more severe System 

impacts on its portion of the BES, shall be identified, and a list created of those 

Contingencies to be evaluated in Requirement R4, Part 4.1. The rationale for those 

Contingencies selected for evaluation shall be available as supporting information.     

4.4.1. Each Planning Coordinator and Transmission Planner shall coordinate with 

adjacent Planning Coordinators and Transmission Planners to ensure that 

Contingencies on adjacent Systems which may impact their Systems are 

included in the Contingency list.  

4.5. Those extreme events in Table 1 that are expected to produce more severe System 

impacts shall be identified and a list created of those events to be evaluated  in 

Requirement R4, Part 4.2.  The rationale for those Contingencies selected for 

evaluation shall be available as supporting information.  If the analysis concludes 

there is Cascading caused by the occurrence of extreme events, an evaluation of 

possible actions designed to reduce the likelihood or mitigate the consequences of the 

event(s) shall be conducted.   

R5. Each Transmission Planner and Planning Coordinator shall have criteria for acceptable System 

steady state voltage limits, post-Contingency voltage deviations, and the transient voltage 

response for its System. For transient voltage response, the criteria shall at a minimum, specify 

a low voltage level and a maximum length of time that transient voltages may remain below 

that level.  [Violation Risk Factor: Medium] [Time Horizon: Long-term Planning] 

R6. Each Transmission Planner and Planning Coordinator shall define and document, within their 

Planning Assessment, the criteria or methodology used in the analysis to identify System 

instability for conditions such as Cascading, voltage instability, or uncontrolled islanding.  

[Violation Risk Factor: Medium]  [Time Horizon: Long-term Planning] 

R7. Each Planning Coordinator, in conjunction with each of its Transmission Planners, shall 

determine and identify each entity’s individual and joint responsibilities for performing the 

required studies for the Planning Assessment. [Violation Risk Factor: Low]  [Time Horizon: 

Long-term Planning] 

R8. Each Planning Coordinator and Transmission Planner shall distribute its Planning Assessment 

results to adjacent Planning Coordinators and adjacent Transmission Planners within 90 

calendar days of completing its Planning Assessment, and to any functional entity that has a 

reliability related need and submits a written request for the information within 30 days of such 

a request.  [Violation Risk Factor: Medium]  [Time Horizon: Long-term Planning]   

8.1. If a recipient of the Planning Assessment results provides documented comments on 

the results, the respective Planning Coordinator or Transmission Planner shall provide 

a documented response to that recipient within 90 calendar days of receipt of those 

comments. 
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Table 1 – Steady State & Stability Performance Planning Events 

Steady State & Stability: 

a. The System shall remain stable.  Cascading and uncontrolled islanding shall not occur.  

b. Consequential Load Loss as well as generation loss is acceptable as a consequence of any event excluding P0.    

c. Simulate the removal of all elements that Protection Systems and other controls are expected to automatically disconnect for each event. 

d. Simulate Normal Clearing unless otherwise specified.  

e. Planned System adjustments such as Transmission configuration changes and re-dispatch of generation are allowed if such adjustments are executable within the time 

duration applicable to the Facility Ratings. 

 Steady State Only: 

f. Applicable Facility Ratings shall not be exceeded. 

g. System steady state voltages and post-Contingency voltage deviations shall be within acceptable limits as established by the Planning Coordinator and the Transmission 
Planner. 

h. Planning event P0 is applicable to steady state only.  

i. The response of voltage sensitive Load that is disconnected from the System by end-user equipment associated with an event shall not be used to meet steady state 
performance requirements. 

Stability Only: 

j. Transient voltage response shall be within acceptable limits established by the Planning Coordinator and the Transmission Planner.  

Category Initial Condition Event 1 Fault Type 2 BES Level 3 
Interruption of Firm 

Transmission 
Service Allowed 4 

Non-Consequential 
Load Loss Allowed 

P0 

No Contingency 
Normal System None N/A EHV, HV No No 

P1 

Single 
Contingency 

Normal System 

Loss of one of the following: 

1. Generator 

2. Transmission Circuit 

3. Transformer 5 

4. Shunt Device 6 

3Ø 
EHV, HV No9 No12 

5. Single Pole of a DC line SLG 

P2 

Single 
Contingency 

Normal System 

1. Opening of  a line section w/o a fault 7 N/A EHV, HV No9 No12 

2. Bus Section Fault  SLG 
EHV No9  No 

HV Yes Yes 

3. Internal Breaker Fault 8 

(non-Bus-tie Breaker) 
SLG 

EHV No9  No 

HV Yes Yes 

4. Internal Breaker Fault (Bus-tie Breaker) 8 SLG EHV, HV Yes Yes 
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Category Initial Condition 
 

Event 1 Fault Type 2 BES Level 3 
Interruption of Firm 

Transmission 
Service Allowed 4 

Non-Consequential 
Load Loss Allowed  

P3 

Multiple 
Contingency  

Loss of generator unit 
followed by System 
adjustments9 

Loss of one of the following: 

1. Generator 

2. Transmission Circuit 

3. Transformer 5 

4. Shunt Device 6 

3Ø EHV, HV 

 

No9 

 

No12 

 

5. Single pole of a DC line  SLG 

P4 

Multiple 
Contingency 

(Fault plus stuck 
breaker10) 

Normal System 

Loss of multiple elements caused by a stuck 
breaker 10(non-Bus-tie Breaker) attempting to 
clear a Fault on one of the following: 

1. Generator 

2. Transmission Circuit 

3. Transformer 5 

4. Shunt Device 6 

5. Bus Section 

SLG 

 

EHV No9 No 

HV Yes Yes 

6. Loss of multiple elements caused by a 
stuck breaker10 (Bus-tie Breaker) 
attempting to clear a Fault on the 
associated bus 

SLG EHV, HV Yes Yes 

P5 

Multiple 
Contingency 
(Fault plus relay 
failure to 
operate) 

Normal System 

Delayed Fault Clearing due to the failure of a 
non-redundant relay13 protecting the Faulted 
element to operate as designed, for one of 
the following: 

1. Generator 

2. Transmission Circuit 

3. Transformer 5 

4. Shunt Device 6 

5. Bus Section 

SLG 

 

EHV No9 No 

HV Yes Yes 

P6 

Multiple 
Contingency 

(Two 
overlapping 
singles) 

Loss of one of the 
following followed by 
System adjustments.9 

1. Transmission Circuit 

2. Transformer 5 

3. Shunt Device6 

4. Single pole of a DC line 

Loss of one of the following: 

1. Transmission Circuit 

2. Transformer 5 

3. Shunt Device 6 

 

 

3Ø 
EHV, HV Yes Yes 

4. Single pole of a DC line 
SLG EHV, HV Yes Yes 
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Category Initial Condition 
 

Event 1 Fault Type 2 BES Level 3 
Interruption of Firm 

Transmission 
Service Allowed 4 

Non-Consequential 
Load Loss Allowed  

P7 

Multiple 
Contingency 

(Common 
Structure) 

Normal System 

The loss of: 

1. Any two adjacent (vertically or 
horizontally) circuits on common 
structure 11 

2. Loss of a bipolar DC line 

SLG EHV, HV Yes Yes 
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Table 1 – Steady State & Stability Performance Extreme Events 

Steady State & Stability 

For all extreme events evaluated:  

a. Simulate the removal of all elements that Protection Systems and automatic controls are expected to disconnect for each Contingency.  

b. Simulate Normal Clearing unless otherwise specified.  

Steady State 

1. Loss of a single generator, Transmission Circuit, single pole of a DC 
Line, shunt device, or transformer forced out of service followed by 
another single generator, Transmission Circuit, single pole of a 
different DC Line, shunt device, or transformer forced out of service 
prior to System adjustments.  

2. Local area events affecting the Transmission System such as: 

a. Loss of a tower line with three or more circuits.11  

b. Loss of all Transmission lines on a common Right-of-Way11.  

c. Loss of a switching station or substation (loss of one voltage 
level plus transformers).  

d. Loss of all generating units at a generating station.  

e. Loss of a large Load or major Load center.  

3. Wide area events affecting the Transmission System based on 
System topology such as:  

a. Loss of two generating stations resulting from conditions such 
as:  

i. Loss of a large gas pipeline into a region or multiple 
regions that have significant gas-fired generation.  

ii. Loss of the use of a large body of water as the cooling 
source for generation.  

iii. Wildfires.  

iv. Severe weather, e.g., hurricanes, tornadoes, etc.  

v. A successful cyber attack.  

vi. Shutdown of a nuclear power plant(s) and related 
facilities for a day or more for common causes such 
as problems with similarly designed plants.  

b. Other events based upon operating experience that may 
result in wide area disturbances.    

Stability 

1. With an initial condition of a single generator, Transmission circuit, 
single pole of a DC line, shunt device, or transformer forced out of 
service, apply a 3Ø fault on another single generator, Transmission 
circuit, single pole of a different DC line, shunt device, or transformer 
prior to System adjustments. 

2. Local or wide area events affecting the Transmission System such as:  

a. 3Ø fault on generator with stuck breaker10 or a relay failure13 
resulting in Delayed Fault Clearing.  

b. 3Ø fault on Transmission circuit with stuck breaker10 or a relay 
failure13 resulting in Delayed Fault Clearing.  

c. 3Ø fault on transformer with stuck breaker10 or a relay failure13 
resulting in Delayed Fault Clearing.  

d. 3Ø fault on bus section with stuck breaker10 or a relay failure13 
resulting in Delayed Fault Clearing.  

e. 3Ø internal breaker fault.  

f. Other events based upon operating experience, such as 
consideration of initiating events that experience suggests may 
result in wide area disturbances 
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Table 1 – Steady State & Stability Performance Footnotes 

(Planning Events and Extreme Events) 

1. If the event analyzed involves BES elements at multiple System voltage levels, the lowest System voltage level of the element(s) removed for the analyzed 
event determines the stated performance criteria regarding allowances for interruptions of Firm Transmission Service and Non-Consequential Load Loss.  

2. Unless specified otherwise, simulate Normal Clearing of faults. Single line to ground (SLG) or three-phase (3Ø) are the fault types that must be evaluated in 
Stability simulations for the event described.  A 3Ø or a double line to ground fault study indicating the criteria are being met is sufficient evidence that a SLG 
condition would also meet the criteria.   

3. Bulk Electric System (BES) level references include extra-high voltage (EHV) Facilities defined as greater than 300kV and high voltage (HV) Facilities defined 
as the 300kV and lower voltage Systems.  The designation of EHV and HV is used to distinguish between stated performance criteria allowances for 
interruption of Firm Transmission Service and Non-Consequential Load Loss. 

4. Curtailment of Conditional Firm Transmission Service is allowed when the conditions and/or events being studied formed the basis for the Conditional Firm 
Transmission Service.  

5. For non-generator step up transformer outage events, the reference voltage, as used in footnote 1, applies to the low-side winding (excluding tertiary 
windings).  For generator and Generator Step Up transformer outage events, the reference voltage applies to the BES connected voltage (high-side of the 
Generator Step Up transformer).  Requirements which are applicable to transformers also apply to variable frequency transformers and phase shifting 
transformers. 

6. Requirements which are applicable to shunt devices also apply to FACTS devices that are connected to ground. 

7. Opening one end of a line section without a fault on a normally networked Transmission circuit such that the line is possibly serving Load radial from a single 
source point. 

8. An internal breaker fault means a breaker failing internally, thus creating a System fault which must be cleared by protection on both sides of the breaker. 

9.  An objective of the planning process should be to minimize the likelihood and magnitude of interruption of Firm Transmission Service following Contingency 
events.  Curtailment of Firm Transmission Service is allowed both as a System adjustment (as identified in the column entitled ‘Initial Condition’) and a 
corrective action when achieved through the appropriate re-dispatch of resources obligated to re-dispatch, where it can be demonstrated that Facilities, 
internal and external to the Transmission Planner’s planning region, remain within applicable Facility Ratings and the re-dispatch does not result in any Non-
Consequential Load Loss.  Where limited options for re-dispatch exist, sensitivities associated with the availability of those resources should be considered. 

10. A stuck breaker means that for a gang-operated breaker, all three phases of the breaker have remained closed. For an independent pole operated (IPO) or 
an independent pole tripping (IPT) breaker, only one pole is assumed to remain closed.  A stuck breaker results in Delayed Fault Clearing. 

11. Excludes circuits that share a common structure (Planning event P7, Extreme event steady state 2a) or common Right-of-Way (Extreme event, steady state 
2b) for 1 mile or less.  

12. An objective of the planning process is to minimize the likelihood and magnitude of Non-Consequential Load Loss following planning events.  In limited 
circumstances, Non-Consequential Load Loss may be needed throughout the planning horizon to ensure that BES performance requirements are met.  
However, when Non-Consequential Load Loss is utilized under footnote 12 within the Near-Term Transmission Planning Horizon to address BES 
performance requirements, such interruption is limited to circumstances where the Non-Consequential Load Loss meets the conditions shown in Attachment 
1.  In no case can the planned Non-Consequential Load Loss under footnote 12 exceed 75 MW for US registered entities.  The amount of planned Non-
Consequential Load Loss for a non-US Registered Entity should be implemented in a manner that is consistent with, or under the direction of, the applicable 
governmental authority or its agency in the non-US jurisdiction. 

13. Applies to the following relay functions or types: pilot (#85), distance (#21), differential (#87), current (#50, 51, and 67), voltage (#27 & 59), directional (#32, & 
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Table 1 – Steady State & Stability Performance Footnotes 

(Planning Events and Extreme Events) 

67), and tripping (#86, & 94). 
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Attachment 1 

I. Stakeholder Process 

 

During each Planning Assessment before the use of Non-Consequential Load Loss under 

footnote 12 is allowed as an element of a Corrective Action Plan in the Near-Term Transmission 

Planning Horizon of the Planning Assessment, the Transmission Planner or Planning 

Coordinator shall ensure that the utilization of footnote 12 is reviewed through an open and 

transparent stakeholder process.  The responsible entity can utilize an existing process or develop 

a new process. .The process must include the following: 

1. Meetings must be open to affected stakeholders including applicable regulatory 

authorities or governing bodies responsible for retail electric service issues  

2. Notice must be provided in advance of meetings to affected stakeholders including 

applicable regulatory authorities or governing bodies responsible for retail electric service 

issues and include an agenda with:  

a. Date, time, and location for the meeting 

b. Specific location(s) of the planned Non-Consequential Load Loss under footnote 

12  

c. Provisions for a stakeholder comment period 

3. Information regarding the intended purpose and scope of the proposed Non-

Consequential Load Loss under footnote 12 (as shown in Section II below) must be made 

available to meeting participants   

4. A procedure for stakeholders to submit written questions or concerns and to receive 

written responses to the submitted questions and concerns   

5. A dispute resolution process for any question or concern raised in #4 above that is not 

resolved to the stakeholder’s satisfaction     

An entity does not have to repeat the stakeholder process for a specific application of footnote 12 

utilization with respect to subsequent Planning Assessments unless conditions spelled out in 

Section II below have materially changed for that specific application. 

 

II. Information for Inclusion in Item #3 of the Stakeholder Process 

The responsible entity shall document the planned use of Non-Consequential Load Loss under 

footnote 12 which must include the following:  

1. Conditions under which Non-Consequential Load Loss under footnote 12 would be 

necessary:  

a. System Load level and estimated annual hours of exposure at or above that Load 

level 

b. Applicable Contingencies and the Facilities outside their applicable rating due to 

that Contingency 

2. Amount of Non-Consequential Load Loss  with:   

a. The estimated number and type of customers affected 
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b. An explanation of the effect of the use of Non-Consequential Load Loss under 

footnote 12 on the health, safety, and welfare of the community 

3. Estimated frequency of Non-Consequential Load Loss under footnote 12 based on 

historical performance 

4. Expected duration of Non-Consequential Load Loss under footnote 12 based on historical 

performance  

5. Future plans to alleviate the need for Non-Consequential Load Loss under footnote 12   

6. Verification that TPL Reliability Standards performance requirements will be met 

following the application of footnote 12  

7. Alternatives to Non-Consequential Load Loss considered and the rationale for not 

selecting those alternatives under footnote 12  

8. Assessment of potential overlapping uses of footnote 12 including overlaps with adjacent 

Transmission Planners and Planning Coordinators  

 

III. Instances for which Regulatory Review of Non-Consequential Load Loss under Footnote 12 

is Required 

Before a Non-Consequential Load Loss under footnote 12 is allowed as an element of a 

Corrective Action Plan in Year One of the Planning Assessment, the Transmission Planner or 

Planning Coordinator must ensure that the applicable regulatory authorities or governing bodies 

responsible for retail electric service issues do not object to the use of Non-Consequential Load 

Loss under footnote 12 if either: 

1. The voltage level of the Contingency is greater than 300 kV   

a. If the Contingency analyzed involves BES Elements at multiple System voltage 

levels, the lowest System voltage level of the element(s) removed for the 

analyzed Contingency determines the stated performance criteria regarding 

allowances for Non-Consequential Load Loss under footnote 12, or  

b. For a non-generator step up transformer outage Contingency, the 300 kV limit 

applies to the low-side winding (excluding tertiary windings).  For a generator or 

generator step up transformer outage Contingency, the 300 kV limit applies to the 

BES connected voltage (high-side of the Generator Step Up transformer)   

2. The planned Non-Consequential Load Loss under footnote 12 is greater than or equal to 

25 MW    

 

Once assurance has been received that the applicable regulatory authorities or governing bodies 

responsible for retail electric service issues do not object to the use of Non-Consequential Load 

Loss under footnote 12,  the Planning Coordinator or Transmission Planner must submit the 

information outlined in items II.1 through II.8 above to the ERO for a determination of whether 

there are any Adverse Reliability Impacts caused by the request to utilize footnote 12 for Non-

Consequential Load Loss.   
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C. Measures 

M1. Each Transmission Planner and Planning Coordinator shall provide evidence, in electronic or 

hard copy format, that it is maintaining System models within their respective area, using data 

consistent with MOD-010 and MOD-012, including items represented in the Corrective Action 

Plan, representing projected System conditions, and that the models represent the required 

information in accordance with Requirement R1.  

M2. Each Transmission Planner and Planning Coordinator shall provide dated evidence, such as 

electronic or hard copies of its annual Planning Assessment, that it has prepared an annual 

Planning Assessment of its portion of the BES in accordance with Requirement R2.  

M3. Each Transmission Planner and Planning Coordinator shall provide dated evidence, such as 

electronic or hard copies of the studies utilized in preparing the Planning Assessment, in 

accordance with Requirement R3.   

M4. Each Transmission Planner and Planning Coordinator shall provide dated evidence, such as 

electronic or hard copies of the studies utilized in preparing the Planning Assessment in 

accordance with Requirement R4.  

M5. Each Transmission Planner and Planning Coordinator shall provide dated evidence such as 

electronic or hard copies of the documentation specifying the criteria for acceptable System 

steady state voltage limits, post-Contingency voltage deviations, and the transient voltage 

response for its System in accordance with Requirement R5. 

M6. Each Transmission Planner and Planning Coordinator shall provide dated evidence, such as 

electronic or hard copies of documentation specifying the criteria or methodology used in the 

analysis to identify System instability for conditions such as Cascading, voltage instability, or 

uncontrolled islanding that was utilized in preparing the Planning Assessment in accordance 

with Requirement R6.  

M7. Each Planning Coordinator, in conjunction with each of its Transmission Planners, shall 

provide dated documentation on roles and responsibilities, such as meeting minutes, 

agreements, and e-mail correspondence that identifies that agreement has been reached on 

individual and joint responsibilities for performing the required studies and  Assessments in 

accordance with Requirement R7.   

M8. Each Planning Coordinator and Transmission Planner shall provide evidence, such as email 

notices, documentation of updated web pages, postal receipts showing recipient and date; or a 

demonstration of a public posting, that it has distributed its Planning Assessment results to 

adjacent Planning Coordinators and adjacent Transmission Planners within 90 days of having 

completed its Planning Assessment, and to any functional entity who has indicated a reliability 

need within 30 days of a written request and that the Planning Coordinator or Transmission 

Planner has provided a documented response to comments received on Planning Assessment 

results within 90 calendar days of receipt of those comments in accordance with Requirement 

R8.   

D. Compliance  

1. Compliance Monitoring Process  

 1.1 Compliance Enforcement Authority  

 Regional Entity   

1.2 Compliance Monitoring Period and Reset Timeframe  

Not applicable.  
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1.3 Compliance Monitoring and Enforcement Processes:  

Compliance Audits  

Self-Certifications  

Spot Checking  

Compliance Violation Investigations  

Self-Reporting  

Complaints  

1.4 Data Retention  

The Transmission Planner and Planning Coordinator shall each retain data or evidence to 

show compliance as identified unless directed by its Compliance Enforcement Authority 

to retain specific evidence for a longer period of time as part of an investigation:   

 The models utilized in the current in-force Planning Assessment and one 

previous Planning Assessment in accordance with Requirement R1 and Measure 

M1.  

 The Planning Assessments performed since the last compliance audit in 

accordance with Requirement R2 and Measure M2.  

 The studies performed in support of its Planning Assessments since the last 

compliance audit in accordance with Requirement R3 and Measure M3.   

 The studies performed in support of its Planning Assessments since the last 

compliance audit in accordance with Requirement R4 and Measure M4.   

 The documentation specifying the criteria for acceptable System steady state 

voltage limits, post-Contingency voltage deviations, and transient voltage 

response since the last compliance audit in accordance with Requirement R5 and 

Measure M5. 

 The documentation specifying the criteria or methodology utilized in the analysis 

to identify System instability for conditions such as Cascading, voltage 

instability, or uncontrolled islanding in support of its Planning Assessments since 

the last compliance audit in accordance with Requirement R6 and Measure M6. 

 The current, in force documentation for the agreement(s) on roles and 

responsibilities, as well as documentation for the agreements in force since the 

last compliance audit, in accordance with Requirement R7 and Measure M7. 

The Planning Coordinator shall retain data or evidence to show compliance as identified 

unless directed by its Compliance Enforcement Authority to retain specific evidence for a 

longer period of time as part of an investigation:  

 Three calendar years of the notifications employed in accordance with 

Requirement R8 and Measure M8.  

If a Transmission Planner or Planning Coordinator is found non-compliant, it shall keep 

information related to the non-compliance until found compliant or the time periods 

specified above, whichever is longer.  

 

1.5 Additional Compliance Information  

None  
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2. Violation Severity Levels  

 Lower VSL Moderate VSL High VSL Severe VSL 

R1 The responsible entity’s System 
model failed to represent one of the 
Requirement R1, Parts 1.1.1 
through 1.1.6.     

The responsible entity’s System 
model failed to represent two of the 
Requirement R1, Parts 1.1.1 through 
1.1.6. 

  

The responsible entity’s System 
model failed to represent three of the 
Requirement R1, Parts 1.1.1 through 
1.1.6.  

  

The responsible entity’s System model 
failed to represent four or more of the 
Requirement R1, Parts 1.1.1 through 
1.1.6. 

OR  

The responsible entity’s System model 
did not represent projected System 
conditions as described in Requirement 
R1.  

OR  

The responsible entity’s System model 
did not use data consistent with that 
provided in accordance with the MOD-
010 and MOD-012 standards and other 
sources, including items represented in 
the Corrective Action Plan. 

R2 The responsible entity failed to 
comply with Requirement R2, Part 
2.6.  

The responsible entity failed to 
comply with Requirement R2, Part 2.3 
or Part 2.8.  

The responsible entity failed to 
comply with one of the following 
Parts of Requirement R2: Part 2.1, 
Part 2.2, Part 2.4, Part 2.5, or Part 
2.7.   

The responsible entity failed to comply 
with two or more of the following Parts 
of Requirement R2: Part 2.1, Part 2.2, 
Part 2.4, or Part 2.7.  

OR  

The responsible entity does not have a 
completed annual Planning 
Assessment. 

R3 The responsible entity did not 
identify planning events as 
described in Requirement R3, Part 
3.4 or extreme events as described 
in Requirement R3, Part 3.5.  

The responsible entity did not perform 
studies as specified in Requirement 
R3, Part 3.1 to determine that the 
BES meets the performance 
requirements for one of the categories 
(P2 through P7) in Table 1.  

The responsible entity did not 
perform studies as specified in 
Requirement R3, Part 3.1 to 
determine that the BES meets the 
performance requirements for two of 
the categories (P2 through P7) in 

The responsible entity did not perform 
studies as specified in Requirement R3, 
Part 3.1 to determine that the BES 
meets the performance requirements 
for three or more of the categories (P2 
through P7) in Table 1.   
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 Lower VSL Moderate VSL High VSL Severe VSL 

OR  

The responsible entity did not perform 
studies as specified in Requirement 
R3, Part 3.2 to assess the impact of 
extreme events. 

 

Table 1. 

OR  

The responsible entity did not 
perform Contingency analysis as 
described in Requirement R3, Part 
3.3. 

OR  

The responsible entity did not perform 
studies to determine that the BES 
meets the performance requirements 
for the P0 or P1 categories in Table 1. 

OR 

The responsible entity did not base its 
studies on computer simulation models 
using data provided in Requirement R1. 

R4 The responsible entity did not 
identify planning events as 
described in Requirement R4, Part 
4.4 or extreme events as described 
in Requirement R4, Part 4.5.  

The responsible entity did not perform 
studies as specified in Requirement 
R4, Part 4.1 to determine that the 
BES meets the performance 
requirements for one of the categories 
(P1 through P7) in Table 1. 

OR 

The responsible entity did not perform 
studies as specified in Requirement 
R4, Part 4.2 to assess the impact of 
extreme events. 

The responsible entity did not 
perform studies as specified in 
Requirement R4, Part 4.1 to 
determine that the BES meets the 
performance requirements for two of 
the categories (P1 through P7) in 
Table 1. 

OR 

The responsible entity did not 
perform Contingency analysis as 
described in Requirement R4, Part 
4.3. 

The responsible entity did not perform 
studies as specified in Requirement R4, 
Part 4.1 to determine that the BES 
meets the performance requirements 
for three or more of the categories (P1 
through P7) in Table 1.  

OR 

The responsible entity did not base its 
studies on computer simulation models 
using data provided in Requirement R1. 

R5 N/A N/A N/A The responsible entity does not have 
criteria for acceptable System steady 
state voltage limits, post-Contingency 
voltage deviations, or the transient 
voltage response for its System. 

R6 N/A N/A N/A The responsible entity failed to define 
and document the criteria or 
methodology for System instability used 
within its analysis as described in 
Requirement R6.  
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 Lower VSL Moderate VSL High VSL Severe VSL 

R7 N/A N/A N/A The Planning Coordinator, in 
conjunction with each of its 
Transmission Planners, failed to 
determine and identify individual or joint 
responsibilities for performing required 
studies.   

R8 The responsible entity distributed its 
Planning Assessment results to 
adjacent Planning Coordinators and 
adjacent Transmission Planners but 
it was more than 90 days but less 
than or equal to 120 days following 
its completion. 

OR,  

The responsible entity distributed its 
Planning Assessment results to 
functional entities having a reliability 
related need who requested the 
Planning Assessment in writing but 
it was more than 30 days but less 
than or equal to 40 days following 
the request. 

The responsible entity distributed its 
Planning Assessment results to 
adjacent Planning Coordinators and 
adjacent Transmission Planners but it 
was more than 120 days but less than 
or equal to 130 days following its 
completion. 

OR,  

The responsible entity distributed its 
Planning Assessment results to 
functional entities having a reliability 
related need who requested the 
Planning Assessment in writing but it 
was more than 40 days but less than 
or equal to 50 days following the 
request. 

The responsible entity distributed its 
Planning Assessment results to 
adjacent Planning Coordinators and 
adjacent Transmission Planners but 
it was more than 130 days but less 
than or equal to 140 days following 
its completion. 

OR,  

The responsible entity distributed its 
Planning Assessment results to 
functional entities having a reliability 
related need who requested the 
Planning Assessment in writing but it 
was more than 50 days but less than 
or equal to 60 days following the 
request. 

The responsible entity distributed its 
Planning Assessment results to 
adjacent Planning Coordinators and 
adjacent Transmission Planners but it 
was more than 140 days following its 
completion.  

OR   

The responsible entity did not distribute 
its Planning Assessment results to 
adjacent Planning Coordinators and 
adjacent Transmission Planners. 

OR 

The responsible entity distributed its 
Planning Assessment results to 
functional entities having a reliability 
related need who requested the 
Planning Assessment in writing but it 
was more than 60 days following the 
request.   

OR 

The responsible entity did not distribute 
its Planning Assessment results to 
functional entities having a reliability 
related need who requested the 
Planning Assessment in writing. 
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E. Regional Variances 

            None.  

Version History 

Version Date Action Change Tracking 

0 April 1, 2005 Effective Date New 

0 February 8, 2005 BOT Approval Revised 

0 June 3, 2005 Fixed reference in M1 to read TPL-001-0 R2.1 

and TPL-001-0 R2.2 

Errata 

0 July 24, 2007 Corrected reference in M1. to read TPL-001-0 

R1 and TPL-001-0 R2. 

Errata 

0.1 October 29, 2008 BOT adopted errata changes; updated version number to 

“0.1” 

Errata 

0.1 May 13, 2009 FERC Approved – Updated Effective Date and Footer Revised 

1 Approved by Board 

of Trustees 

February 17, 2011 

Revised footnote ‘b’ pursuant to FERC Order RM06-

16-009 

Revised (Project 2010-

11) 

2 August 4, 2011 Revision of TPL-001-1; includes merging and 

upgrading requirements of TPL-001-0, TPL-002-0, 

TPL-003-0, and TPL-004-0 into one, single, 

comprehensive, coordinated standard: TPL-001-2; and 

retirement of TPL-005-0 and TPL-006-0. 

Project 2006-02 – 

complete revision 

2 August 4, 2011 Adopted by Board of Trustees  

1 April 19, 2012 FERC issued Order 762 remanding TPL-001-1, TPL-

002-1b, TPL-003-1a, and TPL-004-1.  FERC also 

issued a NOPR proposing to remand TPL-001-2. NERC 

has been directed to revise footnote 'b' in accordance 

with the directives of Order Nos. 762 and 693. 

 

3 February 7, 2013 Adopted by the NERC Board of Trustees. 

TPL-001-3 was created after the Board of Trustees 

approved the revised footnote ‘b’ in TPL-002-2b, which 

was balloted and appended to: TPL-001-0.1, TPL-002-

0b, TPL-003-0a, and TPL-004-0.   

 

4 February 7, 2013 Adopted by the NERC Board of Trustees. 

TPL-001-4 was adopted by the Board of Trustees as 

TPL-001-3, but a discrepancy in numbering was 

identified and corrected prior to filing with the 

regulatory agencies. 

 

4 October 17, 2013 FERC Order issued approving TPL-001-4 (Order 

effective December 23, 2013). 

 

4 May 7, 2014 NERC Board of Trustees adopted change to VRF in 

Requirement 1 from Medium to High. 
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This appendix establishes specific provisions for the application of the standard in Québec. Provisions of 

the standard and of its appendix must be read together for the purposes of understanding and 

interpretation. Where the standard and appendix differ, the appendix shall prevail. 

A. Introduction 

1. Title: Transmission System Planning Performance Requirements 

2. Number: TPL-001-4 

3. Purpose: No specific provision 

4. Applicability: 

4.1. Functional entities 

No specific provision 

Facilities 

This standard only applies to the facilities of the Bulk Power System (BPS) 

5. Effective Date: 

5.1. Adoption of the standard by the Régie de l’énergie: September 27, 2017 

5.2. Adoption of the appendix by the Régie de l’énergie: September 27, 2017 

5.3. Effective date of the standard and its appendix in Québec: October 1
st
, 2017.  

However, before January 1, 2022, Corrective Action Plans applying to the following 

categories of Contingencies and events identified in TPL-001-4, Table 1 are allowed to 

include Non-Consequential Load Loss and curtailment of Firm Transmission Service 

(in accordance with Requirement R2, Part 2.7.3) that would not otherwise be permitted 

by the requirements of TPL-001-4 :  

 P1-2 (for controlled interruption of electric supply to local network customers 

connected to or supplied by the Faulted element) 

 P1-3 (for controlled interruption of electric supply to local network customers 

connected to or supplied by the Faulted element) 

 P2-1 

 P2-2 (above 300 kV) 

 P2-3 (above 300 kV) 

 P3-1 through P3-5 

 P4-1 through P4-5 (above 300 kV) 

 P5 (above 300 kV) 

B. Requirements 

Specific provision applicable to requirement E1 : Every reference to the standards MOD-010 and MOD-

012 is replaced by reference to the standard MOD-032-1. 
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C. Measures 

No specific provision 

D. Compliance 

1. Compliance Monitoring Process 

1.1. Compliance Enforcement Authority 

The Régie de l’énergie is responsible, in Québec, for compliance monitoring with 

respect to the reliability standard and its appendix that it adopts. 

1.2. Compliance Monitoring Period and Reset Timeframe 

No specific provision 

1.3. Compliance Monitoring and Enforcement Processes: 

No specific provision 

1.4. Data Retention 

No specific provision 

1.5. Additional Compliance Information 

No specific provision 

2. Violation Severity Levels  

No specific provision 

E. Regional Variances 

No specific provision 

Table 1 

This table only applies to the facilities of the Bulk Power System (BPS) for: 

• Categories 

• Contingencies 

• System Limits or Impacts 

Attachment 1 

No specific provision 

Revision History 

Version Date Action Change Tracking 

0 September 27, 

2017 

New appendix New 
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